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Chére consoeur, 

suivants 
rubrique 

a) 

b) 

Nous vous transmettons sous pli quinze (15) exemplaires des documents 
constituant la preuve de I’ACIG relativement au dossier mentionné en 
. . 

Piéce ACIG-1, dot. 1 constituant la preuve de notre expert, Hugh W. 
Johnson, relativement au mécanisme de rendement incitatif proposé par 
Gaz Métro; 

Pièce ACIG-2, dot. 1 constituant la preuve de notre expert, le Dr. William 
W. Waters, au sujet du taux de rendement. 

Compte tenu que nous avons fait traduire du francais à l’anglais plusieurs 
segments de la preuve de Gaz Métro dans les matières qui intéressent nos deux (2) 
experts, nous apprécierions que la Régie, Gaz Métro ou les autres intervenants 
nous informent s’ils désirent obtenir une version française de la déposition de ces 
deux (2) experts. 

Nous profitons de cette occasion pour rappeler à la Régie, à Gaz Métro 
ainsi qu’aux autres intervenants que nous avons déjà produit au dossier une version 
anglaise des documents suivants : 

a) Pièce SCGM-15, dot. 1 constituant la proposition principale de Gaz Métro 
au sujet de l’encadrement reglementaire (rendement incitatif) ainsi que sur 
la formule automatique d’ajustement du taux de rendement; 
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b) Piéce SCMG-15, dot. 3 constituant l’expertise du Dr. Rabeau au sujet de 
l’encadrement réglementaire (rendement incitatif). 

Enfin, nous désirons informer la Régie, Gaz Métro et les autres 
intervenants que nous avons en notre possession une version anglaise des 
documents suivants que nous avons fait traduire pour nos experts et que nous 
serions disposés à déposer au dossier : 

1. Extrait de la décision D-93-51 du le’ octobre 1993 concernant la structure 
de capital, le taux de rendement et le mécanisme de rendement incitatif; 

2. Extrait de la decision D-94-65 du ler décembre 1994 concernant la 
structure de capital et le taux de rendement; 

3. Extrait de la décision partielle D-95-48 du 21 juin 1995 au sujet du taux 
de rendement; 

4. Extrait de la décision D-95-54 du 24 août 1995 au sujet de la structure de 
capital et du taux de rendement; 

5. Extrait de la décision D-96-31 du 9 octobre 1996 au sujet de la structure 
de capital et du taux de rendement; 

6. Extrait de la décision D-97-27 du 30 juillet 1997 au sujet du taux de 
rendement; 

7. Version anglaise des pièces suivantes constituant les réponses de Gaz 
Métro à certaines questions de I’ACIG, de la Régie et de certains 
intervenants : 

a) 
b) 
cl 
dl 
e) 

f 1 
9) 
h) 
il 
j) 

SCGM-15, dot. 1.2e) et dot. 1.2f); 
SCGM-15, dot. 1.3c), dot. 1.3e) et dot. 1.3f); 
SCGM-15, dot. 1.5a), dot. ?.5b), dot. 1.5~) et dot. 1.5d); 
SCGM-15. dot. ‘1.6b; 
SCGM-15, dot. ?.7b, dot. 1.7c), dot. 1.7d), dot. 1.7e), dot. 1.7f), 
dot. 1.7h), dot. 1.7i), dot. 1.7j), dot. 1.7k) et dot. 1.71); 
SCGM-15, dot. 1.8a) et dot. 1.8b); 
SCGM-15, dot. 1.9a) et dot. 1.9b); 
SCGM-15, dot. 1 .l Oa) et dot. 1 .l Ob); 
SCGM-15, dot. 1 .l 1 a), dot. 1 .l 1 b) et dot. 1 .l lc); 
SCGM-15, dot. l.l2a), dot. l.l2b), dot. l.l2d), dot. l.l2e), dot. 
1.12f) et dot. 1.129); 
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k) SCGM-15, dot. 1.13b) et dot. 1.13~); 
1) SCGM-15, dot. 1.14a) et dot. 1.14b); 
m) SCGM-15, dot. 1.18; 
n) SCGM-15, dot. 2.1; 
o) SCGM-15, dot. 2.2; 
p) SCGM-15, dot. 2.3; 
q) SCGM-15, dot. 2.6; 
r) SCGM-15, dot. 3.2; 
s) SCGM-15, dot. 3.3; 
t) SCGM-15, dot. 3.4; 
u) SCGM-15, dot. 3.5; 
v) SCGM-15, dot. 3.6 
w) SCGM-15, dot. 3.7; 
x) SCGM-15, dot. 3.8; 
y) SCGM-15, dot. 3.9 
z) SCGM-25, dot. 3.10; 
aa) SCGM-25, dot. 3.11; 
bb) SCGM-25, dot. 3.12; 
cc) SCGM-25, dot. 3.14; 
dd) SCGM-25, dot. 3.15; 
ee) SCGM-25, dot. 3.16. 

. 

Nous apprécierions enfin que la Régie nous fasse part de ses suggestions 
et directives quant à I’opportunite ou non d’attribuer une cote quelconque aux 
versions anglaises des documents ci-dessus que nous avons déjà produits ou que 
nous serions disposés à déposer au dossier de la Régie. 

Veuillez agréer, chère consoeur, l’expression de nos sentiments les 
meilleurs. 

GS*dmd 
P.i. 
C.C. 0 

0 
a 

HEENAN BLAIKIE 

* * 

SCGM a/s Me Jocelyn Allard 
Intervenants (voir liste ci-jointe) 
ACIG 
a/s M. Peter Fournier 
a/s M. Hugh Johnson 
a/s Dr. William Waters 

4 Heenan Blaikie 
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1 

2 

3 

4 

QI: 

A: 

Mr. Johnson would you please state your full name and occupation? 

My name is Hugh Warren Johnson. I am a partner with the firm of 

Stephen Johnson, Chartered Accountants. My business address is Suite 1810, 

205 - 5th Avenue S.W., Calgary, Alberta. 

5 Q2: What is your academic and professional background? 

6 A: My Curriculum Vitae is attached as Appendix 1. 

Q3: 

A: 

At whose request have you prepared this evidence? 

I have prepared this evidence at the request of the Industrial Gas User-s Association 

(“IGUNACIG”). 

10 

11 
- 

? 

Q4: 

A: 

What is the purpose of your evidence? 

I have been asked to address the proposed incentive scheme of the So&t& En 

Commandite Gaz Métropolitain (“SCGM”) 

13 

14 

15 

16 

QS: 

A: 

What conclusions have you reached in this evidence? 

The existing methodology used with respect to SCGM has a number of 

shortcomings, however, it could be continued as an interim or stopgap measure until 

a broader consensus based incentive mechanism could be achieved. 

17 The proposed mechanism of SCGM is seriously flawed and should not be adopted. 

18 The Régie should direct SCGM and the stakeholders to commence discussions in 

19 omet to arrive at an inœntive mechanism that meets the goals and objectives of all 

20 the stakeholders. 

21 -. 
2 

Q6: of the reason and purpose Please describe your understanding 

Incentive regulatory schemes? 

2 sTEPHENalcHNsm,chartufedAccwntantr 
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1 A: Incentive regulation generally purports to overcome what are considered the 

2 inefficiencies of traditional rate of return regulation. The two inefficiencies relate to 

3 the lack of inœntive under rate of retum regulation to control costs and the incentive 

4 to invest in capital assets, i.e. to construct facilities (Averch Johnson). An additional 

5 reason given for inœntive regulation is that it may reduœ the regulatory burden. 

6 Whether regulatory burden cari be decreased under inœntive schemes is very much 

7 related to the circumstanœs of the utility and the nature of the inœntive scheme. 

8 The methods approved for TransCanada PipeLines Limited (“TransCanada” or 

9 “TCPL”) and BC Gas Utilities Ltd. (see Appendix IV) require annual frlings and 

10 regulatory determinations. A reasonably simple or very formulistic method may 

11 operate for a number of years without regulatory scrutiny. The current inœntive 

12 methodology of SCGM does not eliminate the need for the regulatory proœeding for 

13 both the annual rate case and the closing of the books. Further the proposa1 of 

---.4 SCGM still requires and still proposes an annual rate case and a proœss similar to 

15 the closing of the books. 

16 A review of SCGM’s filing, in particular SCGM-2, Document 5, the 1998 Budget 

17 indicates that of the total 1998 Revenue Requirement of $1.091 billion, only 9.17% 

18 (99.997 million/?.091 billion) are costs that are both controllable by SCGM and 

19 - impacted by inflation over the shorter tem\, one year to the next. The balance of the 

20 costs are e’rther not affected by inflation directly in the test year and/or are not 

21 controllable by SCGM. It is doubtful therefore that an inœntive mechanism 

22 designed to control costs is appropriate. 

23 An inœntive scheme for SCGM should address its specific factual situation. In 

24 addition, the inœntive scheme should address the issues that are of conœm to the 

25 customers. IGUA has indicated to me that although it is conœmed with SCGM 

26 controlling costs, it would like to see SCGM’s faciiities better utilized, with the 

-77 increased utilization resulting in the reduction of rates. The inœnüve mechanism 

3 
. 



5 Ideally, the increased eamings achieved by obtaining new customers, and therefore 

6 increasing the utilization of the system, would be differentiated from increased 

7 earnings achieved by existing customers electing to use more gas. In the former 

8 case, SCGM has to actively work at obtaining the additional revenue whereas they 

9 bave little or no influence on existing customers currently using gas whose changed 

10 economic circumstanœs have resulted in increased gas usage. 

11 Doctors Mansell and Church initiated a study of the principle objective of which was 

12 to examine alternative regimes for the regulation of major natural gas pipelines in 

-3 Canada including clarifying and analysing key issues and advancing the debate 

14 relating to these regulatory alternatives. In doing SO, the study reviewed the 

15 regulatory fundamentals and traditional regime and drew on regulatory changes and 

16 experiments with respect to other regulated segments such as telecommunications 

17 and electricity. In their concluding observations, Mansell and Church state: 

18 “After examining the many complex issues in the regulation of 

19 gas transmission and the various regulatory alternatives it 

20 seems apparent that none of the new-style inœntive regimes 

21 represent a panaœa. Nor is it possible to conclude that any 

22 one of these is uniformly better in terms of key evaluation 

23 criteria than the traditional COS approach, especially that 

24 which incorporates streamlining. 

25 Rather, all regulatoty approaches embody trade offs that must 

26 be considered in the context of the particular circumstanœs of 

-7 each transmission system. In detennining whether a specific 

SOCIÉTÉ EN COMMANDITE GAZ MfiROPOLmiN INDUSMAL GAS USERS ASSOCIATION 
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currently in place and the proposed method do not directly address this issue. These 

methods do not differentiate eamings achieved from cost savings from eamings 

achieved by obtaining new customers or improving the load factor utilization on the 

existing system. 

4 SlEPHEN JOHNSON, Chartered Aaxnmtants 



1 alternative would be a significant improvement, several 

2 fundamental questions must be answered. The first is whether 

3 the regime is appropriate given the characteristics of the 

4 system. For example, some approaches are well-suited for 

5 stable, mature systems but deficient for those where frequent, 

6 large expansions Will likely be required. Similariy, some are far 

7 better as short-term or transitional mechanisms than as 

8 regimes which must be sustainable. A second important issue 

9 is whether the trade-offs are acceptable. For instance, in many 

10 cases the alternative may result in greater cost efficiency and 

11 reduced regulatory burden, but at the expense of real or 

12 perœived faimess or at the expense of the overall level of tolls 

13 if the cost of financial capital or the equity ratio is increased. It 

14 Will be important in every case to recognize all such trade offs 

-15 and obtain a consensus on their accentability.” (emphasis 

16 added) 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 
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‘Given the particular circumstanœs of each system in tenns of 

factors such as the degree of competition, the level of capacity 

utilization, and the rate of expansion, it Will aenerallv be 

preferable to tailor the recrime to some extent to the narticulars 

of the circumstanœs.” ’ (emphasis added) 

As indicated by Doctors Mansell and Church, it is important in implementing an 

inœntive mechanism, to consult with and obtain support of other stakeholders. The 

inœntive methodologies referred to in Appendix IV, were all the result of 

negotiations and discussions amongstthe stakeholders. In particular, the July 23, 

1997 Reasons for Decision with respect to BC Gas Utility Ltd. (“BC Gas”), on the 

Mansell, Robert L and Church, Jeffrey R., Traditional and Incentive Regulation 1995, The Van Home 
InstiMe for International Transportation and Regulatory Afbirs, page 172. 

5 SlEPHEN JOHNSON, Ctwtemd- 
. 



4 TransCanada’s incentive scheme (see Appendix IV RH-2095 Summary) has been 

5 tailored to specifically address certain costs and revenues over which TransCanada 

6 has some control or influence. This is done by an incentive envelope using flow 

7 through of certain costs such as depreciation, retum on rate base, income tax, 

8 foreign exchange, insuranœ deductible costs, and a provision for discretionary 

9 revenue. Other costs such as foreign exchange and interest, TransCanada obtained 

10 approval to enter into a foreign exchange and interest management programs, 

11 rather than relying strictly on deferral accounts. 

12 Discussing objectives and needs with customers allows a negotiation to take place 

-3 that should meet some of the objectives of each of SCGM and its customers, rather 

14 than just SCGM. This is best done outside of the hearing room. 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 
Se 

7 
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first page of the Consolidated Settlement document, indicated all the parties who 

were involved in the negotiation sessions, by way of contrast to SCGM’s scheme 

which has been proposed in isolation. 

Q7: 1s it necessary to have an incentive scheme in order to simplify and adopt a 

formulistic method of determining rate of retum? 

A: The Régie could adopt a formulistic method of determining rate of retum on 

common equity such as that discussed by Dr. Waters, without an inœntive scheme. 

The National Energy Board rNEB”) approved a formalistic approach to determining 

retum on common equity before inœntive schemes were adopted, as did the British 

Columbia Util#es Commission and the Manitoba Public Utilities Board. (see 

Appendix V, NEB’s Decision RH-2-94, B.C.U.C. Decision of June 10, 1994 with 

respect to rate of retum and the Manitoba Public Utilities Board, Decision Order 

49/95 May 5/95 with respect to Centra Gas Manitoba Inc.) The NEB’s Decision RH- 

294 Reasons for Decision on Cost of Capital, indicates that after the hearing had 

been completed but before the decision was reached, Interprovincial Pipelines 

Limited and the Canadian Association for Petroleum Produœrs had submitted a 

6 STEPHEN JOHNSON, charwedmntants 
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1 

2 

3 

multi-year toll settlement for approval by the Board. However, that agreement had 

no impact on the National Energy Board’s decision with respect to the cost of capital 

and in particular, to the formula used. 
. 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

-l.4 

15 

Q8: Please describe your understanding of the current lncentive mechanlsm as 

approved In Declslon D-93-51. 

A: Under this mechanism, at East (50%) of any exœss retum on equity ( after tax and 

after accounting for deferral or levelling account adjustments) above the authorized 

retum on common equity is retumed to the customers. SCGM is entitled to the 

remaining 50% if its performance under four indicators is at 95% or higher. Of 

these four indicators, two relate to customer service and two relate to security. If 

the average of the four indices is less than 85%, then SCGM does not retain any 

of the exœss and all of the exœss goes to the customers. If the average of the four 

indicators is between the 85% average and the 95% average, an amount between 

42.5% and 50.0% of the excess goes to SCGM with the customers reœiving the 

balance. [SCGM-15 Document 1, page 7 and 1993 Annual Report, page 201 

16 

17 

18 

19 

20 

21 

Q9: 

A: 

Is the current lncentive method satisfactory? 

The current inœntive mechanism is simple and easy to apply. However, it fails to 

recognize that the exœss eamings cari be achieved from factors outside the control 

of SCGM’s management. Altematively, the management activities may result in 

savings, but factors beyond their control for which there are no defenal accounts, 

results in minimal or no exœss eamings. 

22 The average of the four indices are key to determining the amounts benefiting 

23 customers and SCGM. However, these indices are not rigorous nor easily 

24 compared to other utilities, in order to determine whether the activities of SCGM 

25 management are deserving of add’#ional compensation or retum. In addition, if the 

26 quality of service declines from say 95% to 90%, the same share of additional 

-27 incorne is achieved as if the indicators went from 85% to 90%. However, although 

7 sTEPHENJoHNsoN,chartered- 
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1 one is a reduction in service and the other is an increase, they both result in SCGM 

2 reœiving the same amount of additional income. 

3 If these quality of services indicators are considered to be true indicators of the 

4 quality of service, perhaps the criteria should be based upon the actual performance 

5 for two or three years prior. If the current year does not meet or exœed the 

6 previous year’s performance, SCGM would reœive a lesser amount. 

7 In the future, SCGM may contract out, as other utilities are contemplating, some or 

8 both of the customer service items that now result in quality of servlce indicators. 

9 In those circumstanœs, the quality of service indicators would be a matter of 

10 contract rather than a measure of setice. 

11 With respect to the security type indices, I understand that one relates to budget 

-2 versus actual for maintenance tests, while the other relates to response to 

13 emergency situations. The time horizon on the response to emergency situations 

14 seems to be too long. Further, just responding in a quick manner is not necessarily 

15 providing good service if, onœ the response is made, the person responding is not 

16 able to, or does not resolve the emergency situation satisfactorily. Getting to the 

17 emergency situation in 30 minutes is no consolation, if having arrived there, the 

18 personnel do not salve the emergency and a fire or explosion occurs. The second 

19 item which is with respect to budget to actual comparison for maintenance tests 

20 does not seem to be very rigorous. If tests were planned or budgeted and SCGM 

21 later realized that, unless the budgeted number of tests were completed, it would 

22 fail to eam its share of the additional eamings, the tests could be conducted in a 

23 very superficial manner in order to achieve the appropriate level. If the Régie 

24 considers that these are truly indicators of service quality, a more objective 

25 approach would be to compare the performance to a historical period or other gas 

26 LDC’s performance. The current performance under the indicators as shown in 

8 STEPHEN JOHNSON, chamed Atmu- 
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l SCGM 15 Document 1.3(d) indicates that sinœ 1993 SCGM has not been in 

2 jeopardy of not sharing any of the over eamings. 

3 Another consideration with respect to the curent methodology is that there appears 

4 to be an inherent bias in forecasting. The information provided in SCGM-15, 

5 Document 1.3(a) indicates that only once in the last nine years was the trop-peFu 

6 (manqu4 ti gagne0 negative and in every other year, there were positive amounts 

7 (over eamings). Even in 1995, the year in which there was a shortfall, there appear 

8 to be matters that were finalized after the year end which resulted in causing part 

9 of the shortfall. (The 1995 Annual Report of SCGM indicated that the shortfall 

10 would be approximately $1.3 million, however, the above referenced document and 

11 the 1996 Annual Report referred to a shortfall of $1.8 million.) 

12 

-7 

14 

15 

16 

17 QIO: What do you understand to be the lncentive proposa1 of SCGM? 

18 A: In very general tenns, SCGM’s proposa1 provides for sharing of savings calculated 

19 before the year starts. The savings are calculated by wmparing a certain basket 

20 of volume adjusted wsts inflated plus the pass-through of certain other wsts to a 

21 forecast revenue requirement. 

22 

23 

24 

25 
.L”^ 

5 
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One of the other reasons for the lack of eaming shortfalls appears to be the liberal 

use of deferral or levelling accounts by the Régie. In addition to the five accounts 

listed in SCGM 15, Document 1, pages 6 & 7 of 32 and SCGM-12 Document 3, 

lines 38 to 78, these minimize SCGM’s risk and increases its ability to achieve over 

eamings. 

The basis of the proposa1 appears to be that if controllable cost increases are less 

than inflation (CPI), SCGM should be rewarded up-front based on the forecast 

savings. However, natural gas distribution wmpanies tend to be natural 

monopolies. By their nature, many wsts are expected to increase at a rate less 

than inflation because marginal wsts should be less than average wst. In addition, 

9 STEPHEN JOHNSON, Chavlemd Accountants 
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5 

6 

7 At the beginning of the Test Year, SCGM proposed that it Will determine an 

a Expected Service Cost The Expected Sewice Cost is the sum of: 

9 1) Base Service Cost less: 

10 a) the Test Year forecast of wst of gas 

11 b) certain Test Year transportation and storage wsts which SCGM 

12 submits are outside its wntrol, and 
-q .3 c) retum on equity and inwme taxes based upon the base year 

14 costs as a perœntage, applied to the Test Year wmmon equity. 

15 2) inflation applied to Base Operating Costs, and 

16 3) Pass-Through Costs. 

17 Two-thirds of the differenœ (Performance Bonus (UP-front) between the 

18 Expected Servlce Costs and the Requlred Revenue is added to the Requlred 

19 Revenue to determine the Revenue Requlrement to be generated through rates. 

20 

21 

22 

23 

24 

25 
- 

!6 

given the significant number of items included in the Revenue Requirement that 

are net subject to short-term variations because of inflation rates, a natural gas 

distribution wmpany should have rates which decline in nominal as well as in real 

terms over the medium term. . : 

me terms used in the evidenœ are defined in Appendix II and are reflected in bold 

type . 

At the end of the year, to the extent that actual revenues, net of gas wsts, actually 

wllected exœed the wsts incurred, net of gas wsts, including the up-front bonus, 

the surplus Will be split two-thirds to the customer and one-third to SCGM (SCGM- 

15, Document 1.15, page 6 of 6, Sœnarios 2 and 3). If the actual revenues, net of 

gas wsts, are less than the wsts incurred, net of gas costs but equal to at least the 

costs incurred, excluding the Performance Bonus (up-front), there would be no 

adjustment at the end of the year. If the actual revenues, net of gas wsts, were 
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1 less than the costs incurred, net of gas costs, excluding the Performance Bonus 

2 (UP-front), then the shortfall would be shared two-thirds to the customer and one- 

3 third to SCGM. This differs from the current method where SCGM would bear the 

4 entire shortfall. Based on the response to SCGM-15, Document 1 .15, page 6 of 6 

5 and SCGM-15, Document 1.66, it does not appear that there is any differentiation 

6 at the end of the year between cost savings or increased revenues or the causes 

7 of the exœsses, as all surpluses are shared in the same proportion under SCGM’s 

a proposal. 

9 

10 

11 

12 

13 

\ 

15 

16 

17 

ia 

19 

20 

21 

22 

23 

Qll: 

A: 

What type of incentive mechanism is SCGM proposing? 

SCGM describes its mechanism as targeting several sets of actions with a more 

global perspective (SCGM 15 Document 1 page 14 of 32 of the English translation). 

The inœntive mechanism that SCGM is proposing could be described as a form of 

revenue cap with a very significant exogenous (flow-through of costs beyond its 

control) factor of approximately 47% ($333.331/$697.519) of the Base Service 

Cost, as reflected in SCGM-15, Document 1, Appendix 1, lines 5-9. SCGM has 

presented in this proposa1 a concept that all costs over which it believes it has some 

influence are also impacted by inflation and could be expected to increase by CPI 

annually. While all costs are influenced, to some degree, by the management of 

SCGM, it is generally recognized that in natural monopolies such as natural gas 

distribution systems, the costs that cari be changed significantly in a one or two year 

period are few. This is particularly the case if it is assumed that the accounting 

policies and practiœs (e.g. capitalized overhead) dont change and changes to 

depreciation and amortization periods require regulatory approval. 

24 For purposes of this evidenœ, I am using the definition of controllable costs found 

25 in AppendBc II. I have also assumed that costs for which there are deferral accounts 

26 are generally not controllable, otherwise a defenal account would not be necessary. 

27 I understand, however, that certain of the deferral accounts used by SCGM are for 

-3 items which the Régie has determined should be recovered over a period of longer 

11 sTEPtiENJotiNsoN,c~radAccountants 
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1 than one year. The fixed nature of many of SCGM’s costs and its ability to 

2 generally increase throughput at less than its average cost makes it reasonable to 

3 expect that the costs (Requlred Revenue) should increase at less than inflation 

4 and perhaps should decline on a per unit of throughput basis year over year. 

5 As the SCGM system matures, it would be expected that additions to rate base, 

6 and in particular, to plant in service would be less that the depreciation expense 

7 resulting in a declining rate base for a period of years. A significant shortcoming 

a of SCGM’s mechanism is that it does not incorporate an explicit reduction in 

9 costs for productivity improvements nor does it provide for what is often described 

10 as a consumer productivity dividend or ‘stretch factor”. 

11 Q12: Would you comment on the base cost of service used by SCGM. 

12 A: The SCGM proposa1 uses a Base Service Cost, which for the 1999 Test Year 

13 ($697.519 million), is not related to the approved 1998 cost of service (Base 

- ‘.4 Cost of Service), but rather relates to the 1999 revenue that would be collected 

15 using the 1998 rates (SCGM-2, Document 3) applied to the 1999 forecast sales. 

16 The Base Cost of Service is $681.7 million, (the 1998 approved Revenue 

17 Requirement less the 1998 forecast cost of gas). The result of SCGM’s 

ia methodology is that it applies an inflation factor to a higher Base Operating Cost 

19 than would be the case if 1998 amounts approved by the Régie were used. As 

20 indicated above, increased sales should provide more than enough revenue at 

21 prior yeark rates to caver all costs exœpt perhaps, some increases in Pass- 

22 Through Costs. 

23 SCGM has also assumed that all costs that are within SCGM’s control are subject 

24 to inflation on an annual basis. That œrtainly is not true with respect to items 

25 such as depteciation, embedded debtcosts, and amortization of deferred charges 

26 whether they are controllable or not. Other costs such as real estate and 

27 property taxes and levies from the Régie are potentially affected by inflation but 

18 are not directly impacted in the manner by which the SCGM proposa1 implies. 
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1 For example, SCGM-2, Document 6, page 4 of 5 indicates that real estate and 

2 property taxes, as well as levies from the Régie’s are expected to decline by 

3 17.3%. 

4 Q13: If the Régie were to accept SCGM’s general approach, what costs would 

5 you exclude out of the controllable category in addition those proposed 

6 non-controllable by SCGM? 

7 A: I would classify depreciation, amortization of deferred charges, financing charges 

a including interest and dividends, and certain additional items in the cost of 

9 transportation and storage as Non-Controllable Costs. 

10 

11 

12 

3 

14 

15 

16 

17 

Depreciation is a cost which is not directly affected by inflation on a yearly basis. 

The depreciation rates are set by the Régie and I would anticipate that SCGM 

cannot change the depreciation rates without the approval of the Régie. Additions 

to rate base may cost more because of inflation, although CPI is probably not the 

correct indicator of inflation for those costs. The historical amount of depreciation 

expense is unaffected by the current year or future years’ inflation. Therefore it 

is inappropriate to include depreciation expense in the Base Operating Costs to 

which inflation is applied to arrive at the Expected Operating Costs. 

18 The amortization of deferred charges is a cost item which is not controllable by 

19 ' SCGM nor is it impacted by inflation in the current year. The occurrence of these 

20 charges is a direct result of items which were either not within the control of 

21 SCGM or were plaœd in a deferral account to smooth the impact of their 

22 incurrenœ. In either case, these are historical costs that are being amortized. 

23 Therefore, it is inappropriate to include the amortization of deferred charges in 

24 the Base Operating Costs to which inflation is applied to determine the 

25 Expected Operating Costs. 

13 STEPHEN JCHNSCN, Charbred Accountants 
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1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 Real estate and property taxes as well as other charges including the royalty to 

13 the Régie are also costs which are essentially beyond the control of SCGM. lt 

-- 14 is the municipalities who Will determine the amount of the property taxes. The 

15 increases in those taxes reflect inflation only to the extent that the municipality 

16 increases its millrate by an amount equivalent to inflation. In addition, the royalty 

17 paid to the Régie may or may not increase by the rate of inflation, depending on 

18 how the Régie allocates the royalty amongst the companies that it regulates. For 

19 1999, both of these amounts decrease notwithstanding inflation (SCGM-2, 

20 Document 6, page 4 of 5). For both of these categories of costs, the influence 

21 that SCGM has on the annual amount is virtually non-existent. It was the 

22 Govemment’s decision, for instance, to create the new Régie and put Hydro 

23 Quebec under its jurisdiction, providing a reduction in SCGM’s share of the costs. 

24 

25 

26 

27 
“mm-. 
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Financing charges including interest and the deemed cost of preferred shares are 

another cost item which is not controllable by SCGM. It is my understanding that 

SCGM has a deferral account for financing costs. The need for a deferral 

account and the ability to control costs are inconsistent. SCGM’s decisions on 

how to finance its debt may impact the overall cost of capital. SCGM has no 

influence on the interest rates or charges it must pay. Past decisions are 

refkted in the embedded cost of outstanding debt issues. These costs are net 

impacted by the current year’s inflation. The financing charges should be 

excluded from the Base Operating Cost to which is applied to determine the 

E>cpected Operating Cost These costs should be treated as Pass-Through Costs 

like depreciation and the amortization of deferred charges. 

SCGM has indicated that it considers only the transportation and storage costs, 

principally for TransCanada and Union Gas Limited (Wnion”), as charges outside 

of its control. These costs are shown in SCGM-15, Document 1, Appendix 1, 

Note 1. 
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27 
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SCGM bas no more control over the TCPL costs than it has over interest costs. 

SCGM determines the volumes contracted and operationally determines the . 
utilization. While it does not have any control over the rates approved by the 

regulator, SCGM participates in rate proœedings before the NEB and the Ontario 

Energy Board (“OEB”), presumably in order to influence the decisions of those 

regulators. 

For purposes of the items treated as Non-Controllable Costs, I have looked 

principally at the storage and transportation costs for TCPL and Union as the 

benchmark or standard. I understand that SCGM may, if TCPL or Unions rates 

increase significantly, request an adjustment in its rates. Alternatively, the 

change may be plaœd in a deferral account Further, I have compared the costs 

that are included in Note 1 (SCGM-15, Document 1) with the other storage and 

transportation costs shown in SCGM-15, Document 8. 

SCGM-5, Document 8 indicates at line 25 that the forecast cost of transportation 

and storage is $302.793 million. Of this, SCGM has considered $237.667 million 

to be non-controllable. However, in reviewing SCGM-5, Document 8, there does 

not appear to be any significant differenœ between the $237.7 million included as 

non-controllable and the other approximately $65 million tiich are treated implicitly 

as controllable. For example, compression gas which is forecast to have a cost of 

$40.5 million (SCGM-5, Document 8, page 1 of 2, line 11) is in the same category 

as the commodity charges of TCPL which are shown on lines 11 and 12 of the 

same document. However, SCGM considers that the two amounts for the 

commod*ty charges for the Eastem Zone and the Northem Zone ($10.193 and 

$.162 million respectively) are Non-Controllable Costs while the $40.5 million of 

compresser fuel is a Controllable COS~. TCPL determines the fuel ratios and 

requires shippers such as SCGM to supply the fuel. The only control that SCGM 

has over this amount is to determine the flow of gas on the TransCanada facilities. 

15 sTEPHENJoHNsoN, ctmtmde 



1 

2 

3 Further, included in the costs of transportation and storage is the amount for lost 

4 and unaccounted-for gas (forecast at $4.9 million, SCGM-5, Document 8, page 2 

5 of 2, line 20). Lost and unaccounted-for gas is a function of both the cost of gas 

6 and throughput. This item is generally expressed as a perœntage of throughput. 

7 The control that SCGM has on this item is related to reducing the perœntage, not 

a the dollar amount since the cost of gas is beyond its control. While I am not 

9 completefy familiar with all of the other items included in the cost of transportation 

10 and storage, there does not appear to be any one item that is any more controllable 

11 than others. As such, I would suggest that all of the costs of transportation and 

12 &Orage should be considered as Non-Cantrollable Costs by SCGM. In addition, 

13 the driving factor for many of these costs is the cost of gas, rates detemrined by 

- 14 other regulators or through contract, and are generally not impacted by inflation in 

15 the simple and straight fonrvard manner. 

16 The approximate $65 million of storage and transportation costs included by SCGM 

17 as Controllable Costs are approximately 65% of the forecast O&M expense shown 

18 on SCGM-2, Document 5 of $104.4 million. The inclusion of these storage and 

19 transportation costs as Controllable Costs allows SCGM to increase its operating 

20 expenses by approximately 4.4% (SCGM-2, Document 6, page 3 of 5) when 

21 inflation is projected at 1.7% and still under its proposal, reœive a Performance 

22 Bonus (UP-front). 

23 

24 

25 

26 
.a-.-% 

27 
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That same control is applicable to the variable tolls on TransCanada which SCGM 

bas included as non-controllable transportation and storage costs. 

One cost under the complete control of SCGM is the consumer price discounts 

offered to certain customers. The amount of new discounts to be offered is a 

decision SCGM may make. However, the continuation of previous discounts for 

which SCGM is still contractually obligated to pay (historical amounts) in the 

upcoming year are certainty not controllable. For instance, it is not clear that 

16 sTEPHENJoHNsoN,chaltrsd~~ 
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1 inflation, for example, has anything to do with the forecast reduction from $24.9 

2 million to $20.5 million (SCGM-2, Document 5, line 4) in consumer priœ discounts.. 

3 ~14: Is your interpretation of costs within SCGM's control consistent ‘with 

10 8.7% of the Required Revenue (1(X4/1 194.5, SCGM-2, Document 5, lines 11 and 

11 

12 

13 
i---T., 

14 QM: In addition to your concems over the classification of costs between 

15 Controllable and Non-Controllable, are there other concems with respect to 

16 the methodology that make it inappropriate? 

17 A: The SCGM proposa1 is a depatiure from most of the inœntive based mechanisms 

ia in that it proposes that shortfalls between allowed and achieved retum on wmmon 

19 equity (ROE) would be shared. As SCGM’s witness, Dr. Rabeau indicates (page 

20 14 of the English translation, 15 of the French version, particularly lines 26 and 27) 

21 in an inœntive based system, any lower yield or shortfall is generally absorbed by 

22 the shareholders. Jhis is appropriate sinœ utilities such as SCGM have the 

23 information to monitor their performance, have deferral accounts to reduœ and 

24 insulate them from certain risks, have the ability to go to the regulator to introduœ 

25 new programs if neœssary and in the case of SCGM, have most of their large 

26 volume customers under long term contracts. Reducing SCGM’s exposure to loss 

- 27 from failing to control costs is not appropriate. While there may be a level at which 

20 SCGM would have to corne back before the Régie, if its eamings fell too low, this 
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decisfons and agreements that have been taken elsewhere and by the Régie 

in past decislons?. 

It is my view that for purposes of SCGM’s proposa1 the only costs over which 

SCGM has any signifïcant control or influence is operating expenses. Even with 

respect to these, there is a certain minimum level that would be incurred 

k-respective of volume or other factors. However, operating costs make up only 

A: 

3)‘ the influence of SCGM’s management on the costs is relatively small. And 

within the categoty of costs within its wntrol i.e. operating and maintenance 

expense, SCGM has not been able to limit that to infation as indicated above. 

17 
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1 

2 

3 

4 The methodology proposed by SCGM is that it would reœive two thirds of the 

5 projected differential between the Expected Service Costs and the Required 

6 Revenue at the beginning of the year and one third of any actually achieved 

7 savings in addition to the Performance Bonus (UP-front) at the end of the year. 

a This creates an obvious inœntive to utilize what otherwise would be a surplus at the 

9 end of one year to incur wsts or expenses which by the mere timing of their 

10 occurrence would result in a greater saving in the subsequent year for which SCGM 

11 would, under their proposal, retain two thirds. If the exœss otherwise calculated 

12 before the expenditure was $1 million and SCGM were to incur an expense in year 

13 X of $1 million, there would be no savings in year X and SCGM would have 

-y.4 foregone the potential of $333,000 of Performance Bonus. However, if, as a result 

15 of the expenditure of $1 million in year X, in year X + 1, SCGM would have a 

16 projected exœss of $1 million, then under its proposal, SCGM would retain two 

17 thirds, i.e. in this example $666,000. The timing of the expenditure produœs an 

18 increased Performance Bonus of $333,000. 

19 

20 

21 

22 

23 

24 

25 

26 

27 
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should not be built into the methodology. It should be up to SCGM to determine 

whether its financial integrity would be impaired and therefore the need to take 

steps to reduce the potential for eamings shortfalls. 

SCGM wants its compensation for ‘efficiency” built into the rates. SCGM suggests 

that it is in its best interest to ensure that sales projections are as realistic as 

possible in order to. ensure that it does not forfeit its compensation for efficiency 

(SCGM-15, Document 1.7(d)). It appears to me that SCGM’s risk is reduœd by 

including the Perforinance Bonus (up-front) in the rates. This produœs a built-in 

cushion SO that SCGM could still eam its allowed retum even though wsts 

increased by the amount of ‘rts forecast Performance Bonus (up-front) or sales 

were less than that amount. The SCGM methodology of providing compensation 

before it has proven that the wsts or revenues cari be maintained, appears to make 

18 srEPHENJoHNsoN,-~ 
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1 

2 

7 Under SCGM’s proposal, there is no distinction between factors that give rise to a 

a differenœ, either at the beginning of the year or at the end of the year. Nor does 

9 it differentiate between a gain attributable to cost cutting, failing to expend a 

10 budgeted amount, increased revenue due to an aggressive marketing campaign or 

11 increased revenues from existing customers whose business increased. 

-2 The SCGM proposa1 seeks to have SCGM benefit from the increased utilization of 

13 its system without explicitly corisidering the nature of the incentives and rewards 

14 that should be provided to achieve the increased utilization, or the degree to which 

15 SCGM cari influence its utilization. In the SCGM proposal, if an industrial customer 

16 has the good fortune to be awarded a major contract and increases the operation 

17 of its plant from one shift to two, SCGM would benefit from such increase in the first 

18 year by one third increased eamings. The Base Service Cost for a subsequent 

19 year would be higher sinœ it is calculated using the prior yeafs rates applied to the 

20 current yeafs increased throughput. As a result, under SCGM’s methodology, the 

21 Expected Service Costs Will be higher providing a Performance Bonus (up-front) 

22 in subsequent years. 

23 SCGM’s proposa1 appears to fail to recognize that it has been the customers of 

24 SCGM that have borne the financial wnsequenœs of the underutilized distribution 

25 system. The SCGM proposa1 does not appear to properly compensate customers 

-6 for these costs that they have borne. 

SOCIÉTÉ EN COMMANDlTE GAZ MÉTROPOLITAIN 
SEPTEMBER 1998 

INDUSTRIAL GAS USERS ASSOCIATION 
Evidence of Hugh W. Johnson 

it easier for SCGM to achieve those goals sinœ the rates Will be higher than they 

otherwise would have been. 

The SCGM proposa1 also appears to allow for the continued collection of the fir& 

Yeats Performance Bonus in every subsequent year, provided that the revenue 

from the prior year% rates, when applied to the current yeafs volume is equal to 

or exceeds the subsequent yeafs costs. (SCGM-15, Document 1.66) 

19 STEPHEN JOHNSON, Chartmd Accounbnts 
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10 

11 

12 

13 

-14 

15 

16 SCGM proposes that the yearend performance adjustment that would be credited 

17 to customers in the subsequent year would be based on the after-tax amount 

18 (SCGM-15, Document 1.66). It is unclear from the information provided by SCGM 

19 whether their method results in the customer benefitting by the before-tax amount 

20 of their share of the savings. It should be noted that, in the TransCanada inœntive 

21 proposal, the methodology used by TransCanada, i.e. deferral accounts, results in 

22 the customers receiving a before-tax benefit. In the Nova Gas Transmission Ltd. 

23 inœntive methodology, there is a specific provision for the amount to be adjusted 

24 before-tax (Appendix IV, Nova Gas Transmission Ltd., Cost Efficiency Inœntive 

25 Settlement, Article 6). 

26 

-27 
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Normally inœntive mechanisms Will contain restrictions on what changes cari be 

made on such things as operating and maintenance expense capitalized, and the 

mix of debt frnancing terms, as well as other significant changes in business 

operations. . 

Q16: Are there other adjustments required to the SCGM methodology? 

SCGM proposals use a forecast Consumer Priœ Index (‘CPI? for Canada. 

However, with respect to the Controllable Costs, being essentially operating and 

maintenance expense, I would think that a forecast Consumer Price Index for the 

Province of Quebec, or if available for Montreal should be used. For example the 

B.C. Gas inœntive methodology, a B.C. CPI forecast is used. This forecast is to 

based on Canadian bank forecasts, the Conferenœ Board forecasts and forecasts 

done by the Provincial Department of Finance. If however, the SCGM proposa1 

were adopted and many of the costs, which I do not consider wntrollable, were 

included for the pur-poses of calculating an inflationary impact, then another index 

would likely be more appropriate. 

The methodology proposed by SCGM creates a situation where customers are 

initiallyworse off than they would have been, absent the proposal. As indicated in 

20 STEPHEN JOHNSON, clmltmd~nts 
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Ql7: 

A. 

Q18: 

A. 

Appendix I of SCGM-15, Document 1, absent the proposal, rates would be 

designed to rewver $709.547 million, some $1.9 million more than the Required 

Revenue. The Sœnario outlined in SCGM-15, Document 1.12(a) shows, contrary 

to what SCGM suggests, that customers are worse off by $2.5 million than they are 

underthe current mechanism. ($1.9 million in higher rates and $647 million as a 

Performance Adjustment (year-end), as Wmpared to the current method that would 

have the rates designed to rewver $707.605 million and the shortfall would be 

borne by SCGM. 

SCGM lndicates that it would place a cap on lts lncreased rate of retum at 400 

basis points. Do you have any comments? 

The 400 basis point upper-limit appears to be high compared to the numbers 

provided in Exhibit SCGM-15, Document 1.3(a). This exhibit provides the realized 

retum and the amount of the trop-proçu (manqué a gagner). In addition, it is 

interesting that SCGM proposes no lower limited. In that response, it appears that 

the largest increase achieved was 137.5 basis points in 1993. 400 basis points 

appears to be particularly high, as well, in light of the most likely source of increased 

earnings being increased utilization of the system. Under these circumstances I 

would recommend that after an exœss of between 50 to 100 basis points, there 

should be an adjustment to the sharing mechanism SO that the customers reœive 

an additional portion sinœ customers bore the cost of the underutilised facilities for 

a number of years. However, this recommendation should not be interpreted as an 

endorsement of the proposa1 

How sensltive is the SCGM methodology to cost changes? 

me SCGM methodology is quite sensitive to changes in Non-Controllable CosW 

This cari be seen in SCGM-15, Document 1.39. In that example, a réduction of 

$2.667 million with respect to transportation and storage costs increased the 

Performance Bonus (UP-front) payable to SCGM to $3.7 million as compared to 

$1.9 million in the example in SCGM-15, Document 1, Appendix 1. 

21 STEPHEN JCHNSON, Charted - 



4 Q19: Wouid you compare the resuits of the currently approved incentive scheme 

5 and the proposed new incentive scheme as weii as providing the resuits of 

6 your recommendations with respect to Controiiabie and Non-Con~oiiabie 

7 costs. 

8 A: if SCGM’s revenues for 1999 were to be $709.647 million while their costs were 

9 $707.608 million, there would be a bppeFu of $1.939 million. Under the existing 

10 inœntive method, assuming the average of the four qual’ty of service indicators was 

11 95% and temperatures were normal i.e. the amount of $709.5 was based on normal 

12 temperatures, SCGM would reœive an enhanœment to its rate of retum of 

13 $969,000 and the customers would reœive an equivalent amount. Under SCGM’s 

--14 proposal, ît would retain the full $1.939 million. The other significant difference is, 

15 under the existing method, customer rates would be set to recover the $707.608 

16 million whereas under the new proposal, the rates would be set to recover the 

17 $709.547 million. This results in the customers being worse off by the additional 

18 $1.9 million. 

19 The schedule attached as Appendix Ill provides the calculation that indicates, using 

20 the recommendations contained in this evidenœ that there would be no 

21 Performance Bonus (UP-front) for SCGM. 

22 Q20: Cou!d you summarize your views with respect to SCGM and the incentive 

23 methodologies. 

24 A: Based on the foregoing, it would appear that the current inœntive methodology has 

25 shortcomings. However, it could continue as an interim measure for 1999, perhaps 

26 with the introduction of a little more rigor to the performance indicators. The 

-27 proposed incentive mechanism of SCGM has serious shortcomings. Rather than 

SOCIÉTÉ EN COMMANDITE GAZ MÉTROPOLITAIN INDUSTRIAL GAS USERS ASSOCIATION 
SEPTEMBER 1998 Evidence of Hugh W. Johnson 

Another example of the sensitivity of the methodology is found in SCGM-15, 

Document 1.9(b), page 2 of 2. In this latter example, including certain costs as 

Non-Controliabie Cost eliminates the Performance Bonus (UP-front). 

22 
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propose specific remedies of behalf of my client IGUA, it would be preferable that 

the RAgie direct SCGM to sit down with its customers to discuss and work out an 

inœntive mechanism which meets the goals and objectives of all the stakeholders. 

This approach would be consistent with the various incentive methodologies which 

bave been referred to in this evidence and the comments of Doctors Mansell and 

Chut-ch who have indicated that it is very important to recognize, in any incentive 

methodology, that there Will be tradeoffs and that there needs to be a consensus 

on their acceptability. 

23 STEPtiEN JOHNSON, Chartered AaioUntants 
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Calgary, Alberta 

Partner of Stephen Johnson, Chartered Accountants, and formerly a partner 
of Deloitte Haskins & Sells (now Deloitte & Touche), Chartered Accountants. 

Bachelor of Commerce, University of Calgary, 1970. 

Member of the Institute of Chartered Accountants of Alberta sinœ 1972. 

Member of Canadian Tax Foundation sinœ 1976. 

Correspondent of The Canadian Institute of Chartered Business Valuators 
since 1981. 

Actively engaged in the practice of public accounting as a chartered 
accountant in the Province of Alberta since 1972. 

Consultant with respect to an Inquiry respecting the Accounting for Income 
Tax on Utility income in 1977 and 1978, held by the Public Utilities Board of 
Alberta. 

Consultant to certain oil and gas producers in the preparation of responses 
to the review and rehearing applications of NOVA Corporation of Alberta 
(formerly Alberta Gas Trunk Line Company Limited) to the Public Utilities 
Board of Alberta in 1978. 

Consultant to the Canadian Association of Petroleum Producers (formerly 
the Canadian Petroleum Association) with respect to the appropriate method 
of accounting for income taxes for TransCanada PipeLines Limited in 1978, 
1979 and 1980. 



Consultant to the Canadian Association of Petroleum Producers (formerly 
the Canadian Petroleum Association) with respect to interventions in 
hearings held before the National Energy Board on tolls applications of 
TransCanada PipeLines Limited (1978,1979,1980,1981,1982,1984, 1985, 
1986, 1987, 1988, 1989, 1991, 1992, 1994 and 1995), Westcoast Energy 
Inc. (1979, 1980, 1981, 1983, 1984, 1986, 1987, 1989, 1990, 1992, 1993 
and 1995) and Trans Quebec & Maritimes Pipeline Inc. (1983 and 1984). 

Consultant to the Alberta Petroleum Marketing Commission with respect to 
its intervention in a hearing held before the National Energy Board on an 
application by Foothills Pipe Lines Ltd. (1982). 

Consultant to a group of oil producers in respect to their inten/ention in a 
hearing held by the National Energy Board on an application by Inter- 
Provincial Pipe Line Limited (1983). 

Consultant to various groups of industrial and/or municipal intervenors in 
hearings held by the British Columbia Utilities Commission on applications 
by Inland Natural Gas CO. Ltd. (1982, 1983 and 1984) Pacifie Northem Gas 
Ltd. (1982, 1991 and 1992) West Kootenay Light & Power Company Limited 
(1984) and Columbia Natural Gas Limited (1984). 

Consultant with respect to various interventions by The City of Calgary 
before the Canadian Radio-television and Telecommunications Commission. 

Consultant with respect to various intenrentions by The City of Calgary and 
the City of Edmonton before the Public Utilities Board of Alberta. 

Witness before the National Energy Board in the matters of an appropriate 
method of regulation for Westcoast Transmission Company Limited (1981 
and 1984), TransCanada PipeLines Limited (1981) and Trans Québec & 
Maritimes Pipeline Inc. (1983). 

Witness before the National Energy Board in the matter of an appropriate 
method of accounting for income taxes by TransCanada PipeLines Limited 
(1982), Trans Quebec & Maritimes Pipeline Inc. (1983) Westcoast 
Transmission Company Limited (1983) and Trans Mountain Pipe Line 
Company Ltd. (1993). 

Wrtness before the British Columbia Utilities Commission in the matter of an 
appropriate method of accounting for income taxes by Inland Natural Gas 
CO. Ltd. and Columbia Natural Gas Limited (1982), West Kootenay Light & 
Power Company Limited (1984) and Pacifie Northem Gas Ltd. (1985). 



Witness before the Ontario Energy Board in the matter of an appropriate 
method of accounting for income taxes for Union Gas Limited (1983). 

Witness before the Regie de I’Electricite et du Gaz in the matter of 
appropriate methods of cost allocation for gas utilities in Quebec (1985). 

Witness before the National Energy Board with respect to matters of toll 
design for Westcoast Transmission Company Limited (1988). 

Witness before the Public Utility Review Commission of Saskatchewan with 

respect to matters relating to a gas cost adjustment mechanism for 
Saskatchewan Power Corporation (1988) and on a rate design for 
Saskatchewan Power Corporation (1987). 

Witness before the National Energy Board in the matter of the availability of 
services on TransCanada PipeLines Limited (1988) the tolls of 
TransCanada PipeLines Limited (1987, 1988189, 1991, 1992, 1993 and 
1995) and the tolls of Westcoast Energy Inc. (1987, 1989, 1990, 1992, 1993 
and 1995). 

Witness before the National Energy Board in the matter of facilities 
applications by TransCanada PipeLines Limited (1989 and 1990). 

Witness before the Public Utilities Board of Alberta with respect to deferred 
gas accounting (1990) cost allocation and rate design matters (1991) for 
Canadian Western Natural Gas Company Limited. 

Witness before the Public Utilities Board of Alberta with respect to the 
appropriate method of accounting for inwme taxes for Canadian Western 
Natural Gas Company Limited, Alberta Power Limited and TransAlta Utilities 
Corporation (1991) and before the Alberta Energy and Utilities Board with 
respect to Alberta Power Limited and TransAlta Utilities Corporation (1998). 

Witness before the National Energy Board in the matter of an appropriate 
method of accounting for income taxes by Interprovincial Pipe Line Inc. and 
accounting treatments in respect to the Montreal Extension of Interprovincial 
Pipe Line Inc. (1992). 

Witness before the Canadian Radio-Television and Telecommunications 
Commission with respect to the appropriate treatment of additional tax 
deductions arising from the privatization of AGT Limited and the appropriate 
method of accounting for inwme taxes (1993). 



Witness before the Public Utilities Board of Alberta with respect to an 
application for interim rates on Peace Pipe Line Ltd. (1993). 

Witness before the British Columbia Utilities Commission with respect to the 
calculation of retums and the treatment of rate stabilization under the special 
direction to the Commission relating to B.C. Hydro and Power Authority 
(1993). 

Witness before the Natural Resources Conservation Board of Alberta with 
respect to an application by Chem-Security (Alberta) Ltd. (1994). 

Witness before the Alberta Energy and Utilities Board with respect to the 
tolls of Nova Gas Transmission Ltd. (1995). 

Witness before the National Energy Board in the matter of an appropriate 
method of dealing with the deferred taxes of Foothills Pipe Lines Ltd. (1995). 

Witness before the Deputy Comptroller of Water Rights of British Columbia 
with respect to the determination of rate base, capital structure and retum on 
equity of the Greater Victoria Water District (1996). 

Wrtness before the National Energy Board with respect to an abandonment 
application by Manitoba PipeLines Ltd. (1996). 

Wrtness before the Alberta Energy and Utilities Board with respect to a load 
retention rate application by Nova Gas Transmission Ltd. (1997). 

Witness before the Joint Public Review Pane1 and the National Energy 
Board with respect to the proposed toll design and treatment of laterals on 
the Maritimes & Northeast Pipeline Project (1997). 

Witness before the National Energy Board with respect to toll design and 
wst of service for the Interprovincial Pipe Line Inc. Line 9 Reversa1 Project 
(1997). 

Submitted evidence to the Canadian Radio-Television and 
Telewmmunications Commission in its proceeding on the implementation 
of priœ cap regulation with respect to the appropriate treatment of additional 
tax deductions arising from the privatization of MTS Netwm Inc. and on the 
appropriateness of changes in accounting policies and proœdures by Telus 
Communications Inc. (1997). 

Witness before the National Energy Board in the facilities application of 
Alliance Pipeline Limited Partnership. 



APPENDIX II 

DEFINITIONS 

The inœntive methodology of SCGM has a number of terms. The following outlines my 
understanding of and/or use of those terms. 

Base Cost of Service 
The Base Year Revenue Requirement less the Base Year forecast of the wst of gas to 
be sold. 

Base Operating Costs 
Remainder of Base Service Cost minus Pass-Through Costs. 

Base Service Cost 
Test year volumes multiplied by the Base Year rates less the forecast Test Year wst of 
gas to be sold. 

Base Year 
Last year for which the Régie has approved the rate forecast; in this application 1998. 

Controllable Costs 
Costs overwhich SCGM has wntrol that are impacted by yearly changes in inflation and 
that cari be changed year by year or within a year. 

Expected Operating Costs 
The product of Base Operating Costs and (1 plus Inflation). 

Expected Service Costs 
The sum of Expected Operating Costs and Pass-Through Costs adjusted for some prior 
period amounts. 

Inflation 
Forecast of the Consumer Priœ Index for Canada in SCGM’s proposa1 and for Montreal 
or Quebec in the rewmmendations. 

Non-Controllable Costs 
Cost overwhich SCGM has minimal wntrol or influence and are not impacted directly by 
yearly changes in inflation rates. Also referred to as Pas+Through Costs. 

Pass-Through Costs 
Test Year forecast of wsts beyond the wntrol of SCGM. In its proposa1 SCGM has 
limited these to Retum on Equity, inwme taxes and transportation and storage charges 
from TransCanada and Union. The evidenœ includes more items. 
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Performance Bonus (UP-front) 
Two thirds of the differenœ, if any, between the Required Revenue and Expected 
Service Costs. 

Performance Adjustment (year end) - SCGM 
One third of the differenœ between the actual revenues, after adjustments for deferral 
accounts and the removal of gas wsts and the actual wsts, after adjustments for deferral 
acwunts and excluding gas wsts, Le. the amount that would result in an adjustment to the 
Retum on Common Equity, absent the proposal. This amount may be positive or negative. 

Required Revenue (Required Service Cost) 
The forecast wst of senAœ for the Test Year determined in the normal way using the 
projected Test Year wsts and the forecast Test Year rate base. 

Revenue Requirement 
The sum of Expected Service Costs and Performance Bonus (UP-front). The revenues 
to be wllected from rates. 

Test Year 
The year for which the approval of the Régie for new rates, in this application 1999. 
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Application of Gaz Metropolitain’s Incentive Proposa1 

1 Base cost of service 

Items out of company’s control 
2 Transportation and storage 
3 Transportation and storage at source (TCPL & Union) 
4 Rate revision 
5 Compression Gas 
6 Unaccounted for gas 
7 Other transportation and storage 
8 Transportation and storage and related Non- Controllable 
9 Amortization of fïxed assets 

10 Amortization of deferred charges 
11 Consumer price reductions 
12 Real estate taxes and other charges, including Regie 
13 Financing charges including interest and preferred dividends 

14 Return on equity & income taxes 105,481 598,128 

15 Base Operating Costs 99,391 
16 Inflation 1.7% 1,690 

17 Expected Operating Costs 101,080 

Elements out of the direct control (Non-Controllable) 
18 Transportation and storage at source (TCPL & Union) 
19 Compression Gas 
20 Unaccounted for gas 
21 Other transportation and storage 
22 Amortization of fixed assets 
23 Amortization of deferred charges 
24 Rate base retums 
25 Real Estate taxes and other charges, including Regie 
26 Income Taxes 

237,667 
40,511 

4,976 
29,466 
55,419 
29,024 

127,881 
24,343 
45,603 

27 Expected Service Cost 695,970 

28 Required Revenue 
29 Transportation and storage 
30 Operating expenditures 
31 Amortization of fixed assets 
32 Amortization of deferred charges 
33 Real estate and other charges 
34 Return on Rate Base 
35 Income tax 
36 Consumer price reductions 
37 Other operating revenues 
38 
39 CONTRIBUTION TO RATE REDUCTION 

697,519 

237,667 
(9,837) 
40,511 

4,976 
19,629 

292,946 
55,419 
29,024 
20,479 
24,343 
70,436 

707,608 
302,793 
104,353 
55,419 
29,024 
24,343 

127,881 
45,603 
20,479 
(2,286) 

707,609 

40 Customers Share 113 

41 Company Share 213 
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REASONS FOR DECISION 

Introduction 

BC Gas Utility Ltd. (“BC Gas”) filed an application dated February 5, 1997 (the “Application”) with the 

British Columbia Utiiities Commission (the “Commission”, “BCUC”) to establish the method for 
determining its revenue requirements and for approval to set rates for the five years ending 

December 3 1, 1998 to 2002. 

- 

On Februnry 10, 1997, the Commission issued Order G- 13-97 setting a pre-hearing conference to 
commence February 28, 1997. Following the pre-hearing conference, the Commission issued Order 
No. G-24-97 which included a regulatory timetable, setting a second pre-hearing conference for 
April24, 1997 and a public hearing, if required, to commence June 3, 1997. Subsequent to the second 
pre-hearing conference the Commission issued Order No. G-47-97 setting down a revised regulatory 
timetable which provided for, among other matters, rescheduling the public hearing to June 23, 1997. The 
timetable also provided for public workshops regarding the Application; a process for filing information 
requests by parties and responses by BC Gas; and an Alternative Dispute Resolution process (“ADR”) to 
negotiate a settlement of issues related to the Application. BC Gas conducted public workshops on March 
10, 11 and April 16, 1997. Information requescs were filed and an additional 3 volumes of information 
responses and other data were provided by BC Gas. 

The negotiation sessions commenced on June 2, 1997 and continued on various dates through to 
June 26, 1997 when a negotiated settlement was reached between BC Gas and the parties to the 
negotiation. The three yeas proposed settlement agreement was circulated to the ADR participants. 
Endorsements of the proposed settlement agreement by a11 of the ADR participants were received at the 
Commission by July 10, 1997. Subsequently, the proposed settlement agreement was circuiated to a11 
registered intervenors for comments by July 18, 1997 and no comments were received. ‘I’he Commission 
pane1 for this proceeding also received P copy of the proposed settlement agretment and letters of 
endorsement. 



l’he impact of the applied-for rates and the proposed settlement agreement on customer costs for natural 
gas service (gross margin) is as follows: 

Rate Impact as a ‘;/a of Gross 
Margin applied for in 
original application (May 5, 
1997 revision) 

Rate Impact as a % of Gross 
Margin (proposed settlement 
agreement I 

1998 1999 2000 2001 2002 

6.40 3.40 2.70 1.90 1.60 

1.85 2.00 2.00 N/A N/A 

The Commission notes that the participants expect that the gross margin rate impact on the Company’s 
firm sales customers Will be further reduced as a result of amortization of Gas Cost Reconciliation Account 
balances. 

The Commission Pane1 bas now reviewed the proposed settlement agreement as weil as the letters of 
.aP^r dorsement and comment from the ADR participants and has concluded that it should accept the 
,ettlement. Many of the elements within the proposed settlement agreement do not require special 
comment. However, thc Commission did wish to express its views on several key issues that it noted in 
arriving at its decision and these Reasons for Decision provide those views. 

Table 1 sets out key comparisons between the proposed settlement agreement and the Application as 
revised on May 5, 1997 by BC Gas. 
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Table 1 
Key Aspects of proposed Settlement Agreement 

- 

Term 

Productivity 

Capital Structure 

Capitalization of 
Overhead 

BC Gas 
Application 

5 years 

1998 - 1% 
1999 - 1% 
2ooo- 1% 

35% 

, 
1998 - 10.27% ’ 
1999 - 10.27% 
2000 - 10.27% 

Proposed 
Settlement 
Agreement 

3 years 

1998 - 2% 
1999 - 2% 
2000-3% 

33% 

1998 -‘20% 
1999 - 20% 
2000- 16% 

The bnmkion bas also created a new document called the Consolidated Settlement Document which 
incotporates editorial changes as proposed by BC Gas, and one other change as follows. In the 
subsection entitled “DSM Achievement Incentive” paragraph 6 originally read “The Company wilI apply to 
the Commission for funding of new programs whcre required”. The Commission bas changed this 
wording to “‘Ile Company Will apply to the Commission for program changes where required”. The 
Commission made the change as it concluded that the proposed wording may have arguably fettered the 
Commission in its discretion as provided for in the B.C. Utilities Commission Act. 

Commission Comments on Key Issues: 

Term 

BC Gas applied for a fïve year term while the parties to the agreement agreed to a tcrm of three ycars’ T’he 
Commission considers a three year term is appropriate. It provides a long enough pedod to dl~ 
incentives to perform and at the same time balances the risks and other concems with respect tb changes 
that could occur over an extended period of time. The Commission is aware of some five year settlements 
which have been implemented for pipelines, but the Commission is of the view that the number of 
variables of change that cari occur for a Local Distribution Company (“LDC”) make it more appropriate to 
look at shorter terms. Pipelines typically have a limited number of shippers and more discrete cost 
pro.jections. 



- 

Jperating and Maintenance Costs (“O&M”) 

The for1~~1~ used to develop O&M costs has been previously utilized in the settlements with respect to 

BC Gas and West Kootenay Power. From this experience, the Commission is satisfied that the 
methodology of adjusting a base cost for the growth in customers, productivity and intlation has provided 
appropriate targets for deveioping incentives. Attached to the Consoiidated Settlement Document is a letter 
fom Commission staff dated July 15, 1997 (Appendix B) which provides three examples of how 
productivity from capital projects wiil be eligible for inclusion within the O&M productivity targets. 

Demand Side Management (“DSM”) 

The DSM Achievement Incentive represents the second time the Commission has endorsed a mechanism to 
pursue cost effective DSM resources. However. it is still a new feature in the regulatory environment and 
very little knowledge has yet been accumulated as to its success or failure. The InlandAndustrial group, in 
their letter of acceptance of the settlement, pointed out that “thc settlement agreement should explain that 

Ahe DSM programs and incentives are to be accounted for within the rate classes to which they relate.” In 
e Commission’s view, this is adequately covered in the settlement agreement, paragraph 9 in the 

subsection entitled “DSM Achievement Incentive”. 

Capital Efficiency Mechanism 

This is the tïrst signifïcant capital effïciency mechanism that the Commission has approved. It is designed 
to provide an incentive for the utility to improve its costs of installing mains, services, meters and “other” 
plant. The range of incentive bas been natrowed and the amount of the efficiency adjustment reducecî from 
that originally filed in the Application. Due to the innovative nature of this particular mechanism, the 
Commission Will be closely monitoring both the operntion and results flowing from the use of the 
mechanism. 

Overhead Capitalization 

The Commission is in agreement with the move to reduce the Capit&&on of overheads from 22.5% to 
16% over the three year period. The change is directionally correct in that a mature utility such a~ BC Gas 

&ould be lowering its overhead charges as capital projects are reduced as a proportion of total 
.penditures. and the customers that are benefiting from the capital projects are paying for them in an 

accelerated manner. The Commission also believes that, in undertaking and achieving the changes in 
overheads capttolization. the reductions should not Icad to signifkant rate impacts. 



Annual Review and Quality of Service 

- 

The Commission endorses the provision for an annual review. This allows the Commission to discharge 

its responsibility to maintain oversight of the utility and establish rates for each year. The Commission 
views the inclusion of service quality indicators as an important component of any incentive rate scheme. 

Such indicators ensure a utility Will appropriately balance its obligation fo provide safe, secure, high 
quality and non-discriminatory service to customers ai the lowest rates possible while also providing an 
opponunity for shareholders to eam a fair retum on their investment. 

,:d 
DATED at the City of Vancouver, in the Province of British Columbia, this & day of July, 1997. 

Loma R. Barr 
Deputy Chair and Acting Chair 

Commissioner - 

Commissioner - 
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CONSOLIDATED SETTLEMENT DOCUMENT 

RC GAS UTILITY LTD. 1998 - 2000 REVENUE REQUIREMENTS 

TSackgrwnd 

BC Gas Utility Ltd. (“BC Gas”) filed an application dated February 5, 1997 (the “Application”) with the 
British Columbia Utilities Commission (the “Commission”, “BCUC“) to establish the method for 
detet-mining its revenue requirements for the years 1998 to 2002. 

e-- 

On February 10, 1997, the Commission issued Order G-l 3-97 setting a pre-hearing conference to 
commence February 28, 1997. Following the pre-hearing conference, the Commission issued Order 
No. G-24-97 which included a regulatory agenda and timetable, setting a second pre-hearing conference 
t’or April 24, 1997 and a public hearing, if required, to commence June 3, 1997. Subsequent to the 
second pre-hearing conference the Commission issued Order No. G-47-97 setting down a revised 
rcgulatory agenda and timetable reschcduling the public hearing to June 23. 1997. The regulatory agenda 
included public workshops regarding the Application; a process for fïling information requests by parties 
and responses by UC Gus; and an Alternative Dispute Resolution process (“ADR”) to negotiate settlement 
of issues related to the Application. BC Gas conducted public workshops on March 10, 11 and April 16. 
Information requests were Med and an additional3 volumes of information responses and other data were 
provided by BC Gas. 

The negotiation sessions commenced on June 2, 1997 and continued on various dates through to June 26, 
1997. Parties represented during the settlement negotiations were BC Gas; Consumers Association of 
Canada (B.C.), B.C. Old Age Pensioners’ Organization, Councii of Senior Citizen’s Organizations of 
B.C., Federated Anti-Poverty Groups of B.C., Senior Citizen3 Association of B.C., West End Seniors 
Network, and the End Legislative Poverty & Tenant’s Right Coaiition, represented by the British 
Columbia Public Interest Advocacy Centre; Lower Mainland Large Volume Gas Users Association; 
R.T. O’Callaghan & Associates (not available for the final two negotiating sessions); Fording Coal Lt& 
Association for the Advancement of Sustainable Energy Policy; Cominco Ltd., Weyerhaeuset Canada Ltd. 
and Celgar Pulp Company; and British Columbia Utilities Commission Staff. 

ulti-Year Settlemea 

ThiS document sets out the terms of a three year setkment reached du&g the negotiations for setting the 
revenue requirements and rates of BC Gas. The margin and rate impacts arising from the settlement are 
summarized on the schedules in Appendix A. The impacts are estimates and are based on several 
assumptions (subject to vary in the mariner as discussed beiow). These are subject to change each year 
and relate to factors including: 

.-. a) the rate of retum on common equity f) short and long term debt interest rates 
b) revenues g) rate base additions 
c) customcr additions h) effect ot’ capital efficicncy mechanism 
d) taxes i) capital projects approved under applications for Cenificate 
c 1 intlütion ot Public Convenience and Necessity (CPCN’s) 



The estimated gross margin impacts resulting from the settlement, as set out in Appendix A, are: 

1998 1999 I 2000 
Core Non-Core Core Non-Core 1 Core Non-Core 

Rate Impact as a % of Gross Margin 1.85 1.85 2.00 2.00 1 2.00 2.00 

Based on the underlying assumptions, the gross margin rate impact on Core market customers are 
expected to be further reduced to about 0% in each year as a result of amortization of GCRA balances. 

The settlement is the culmination of negotiations among parties who have many diverse interests. The 
settlement represents numerous compromises among the parties and consists of a settlement package from 
which no part cari be severed. The issues resolved in the settlement negotiations are numerous and 
complex. Taken as a whole, the settlement represents a balance of interests and an overall consensus 
among the participating parties. 

Term 

‘he parties have agreed to a term of 3 years, namely the calendar years 1998, 1999 and 2000 (the 
*Te&‘). 

prociuctivjly 

Productivity shall be 2% in 1998, 2% in 1999 and 3% in 2000. References to “Productivity” in this 
document are references to those productivities except where stated otherwise. 

Several elements of the revenue requircment determination methodology are dependent on an inflation rate 
forecast. The forecast rate of inflation to be applied Will be the consumer price index forecast for British 
Columbia. 

The BC Gas proposai utilizing the forccasw for the naxt calcndar year E.C. CPI by the Toronto-Damlnion 
Bank, the Royal Bank of Canada, B.C. Ministry of Finance and the Conferencc Board of Canada 
(produced July to September) is accepted (hereinafter referred to as “forecast B.C. CPI”). 

References to “Inflation” in this document are references to this forecast of B.C. CPI except where stated 
othexwise. 

âDital Structure 

The common equity thickness for BC Gas Will remain at 33%. In respect to its preferencc shares which 
are redeemable in 1999 and 2000, BC Gas Will redeem such preference shares and replace the same with l 
long term debt as redemption occurs. f 



3 

Rate Of Return On (‘ommon IGruity 

The rate of return on common equity for BC Gas Will be reset annually in accordance with the 
Commission*s auromatic rate of retum adjustment mechanism. 

The gas costs of BC Gas Will be set in the manner currentiy approved by the Commission and 
customer rates Will be adjusted in accordance with the currently approved gas cost allocation 
methodology. 

l The Gas COS~ Reconciliation Account Will continue in the manner as approved by the 
Commission. 

.- 

. The current Off System Incentive Plan Will expire November 1, 1997. The parties agree CO enter 
into discussions to determine the for-m of a successor gas cost incentive plan both for the shon 
term and the long term. Any subsequent plan will be reviewed by interested parties before being 
submitted to the Commission for approval. 

Revenues 

Both tore market and non-tore market revenues Will be forecast each year in accordance with the 
methodologies employed by BC Gas and Will be reviewed at the Annual Review before being 
submitted. 

l The methodology for forecasting residential and commercial sales is established but industrial 
sales forecasts Will be reviewed annually. 

The Rate Stabilization Adjustment Mechanism (“RSAM”) Will continue in the manner as approved 
by the Commission. 

l Customer Additions Will be forecast for each year of the Term, in accordance with the 
methodology employed by BC Güs and approved by the Commission. 

Deratinp & Maintenance Cas& (LLO&M99\ 

Tbe 0 & M levels for each year of the Term Will bc determined in accofdance with the following formula: 

[Base Cost x (1 + Growth in Customers - Productivity) x ( 1 + Inflation)] + Cost of Defined Required 
Lncremental Activities 

Where: 

Base Cost means: for 1998 this Will be $142.760.000. 

c.g., IOW (MM Ievel btlsc cost 51-42.760.000 x ( I + L.lO% - 2.00%) 
.y 1.01 = s I -u.~~~.cKx) i\\\oweti O&M ti)r I tN8 excluding DRIA 
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for calculating the allowed O&M lcvel for each subsequent year. the 
prevmus ycar’s allowed O&M adjusted for projected actual customers 
~111 be the revised base to which customer growth, productivity and 
inflation Will be added. 

e.g., 1999 O&M levei $144,334,000 x 1998 Pro.jected Actual Customers 
1998 Forecast Customers 

= revised base x formula = 1999 allowed O&M excl. DRIA 

Growth in the forecast percentage growth in the average number of 
Customers means: customers for the year over the previous year. 

1998 Projected 
Actuai Customers: 

The estimate of actual average customers during 1998 at 
the November 1998 workshop 

1998 Forecast 
Customers: 

The forecast of average customers during 1998 
at the November 1997 workshop. 

-.fn the event BC Gas files an application for a revenue nquirement increase in 2001, the Base Cost O&M 
rvel to be reflected in rates for 2001, before any increase for intlation and growth in customers, Will be 

that arising from 2oo0, subject to exogenous factors and DRIA. 

Productivitv and R&I Markets Downstream of the Meter (RMDM) 

One instrument that the Company may use to achieve the targeted productivity gains is shedding, altering 
or reducing utility activities pursuant to the Commission’s policy on RMDM. 

BC Gas Will be entitled to capture the benefits of improved efficiencies, reduced costs, or other rinancial 
savings achieved through RMDM, for the duration of the test period, Adjustments in utility rates during 
the test pcriod arising from RMDM Will be Iimited to reflecting ths reduction of services that had beon 
previously included in customers’ bundled utility services. For furthtr clarity the following hypothetical 
example distinguishes between improved efficiencies eligible for productivity and reduced services net 
eligibie for productivity 

Example: 

BC Gas determines that outsourcing customer billing Will reduce the cost of this function from %l.W@r 
customer to $0.79 and the third party Will charge customers directly. The efficient gain of SO.21 is eligible 

-For productivity but the rates Will be rebased to reflect the $0.79 now paid directly to the third party. 



O&M Producttvitv and Caoital Proiects 

Improved efficiencies. reduced costs. or othcr financial savings achieved by BC GU as a result of capital 
projccrs tipproved by the Commission pursuant to applications for Certificates of Public Convenience and 
Necesstty may also be used by BC Gas to achieve the targeted O&M productlvity levels. 

DEMAND SIDE MANAGEMENT tlND INCENTIVES 

The Demand Side Management expenditure ievels are forecast to remain constant over the Term, namely 
0; 1.624 million per year as a DRIA. 

DSM Achievement Incentive 

The following DSM Achievement incentive is to be implemented. It is designed to encourage BC Gas to 
pursue cost effective demand side management rcsources. 

I . Only cnergy effkiency programs are included in the mechanism. 

2. A threshold levei of 75% of the annual forecast gas savings must be achieved before any incentive is 
eamed. 

3. Calcuiation of incentive payments for gas savings greater than the threshold Will be based on the net 
TRC benefits. 

4. Recognizing that incremental energy savings become progressively more diffkult to achieve, incentive 
payments Will be eamed according to the following schedule: 

% of Annual Forecast Before Tax Eamings as % of 
et Beneus 

75% up to 100% 3% 
100% ünd above 5% 

5. DSM results (both positive and negative) from programs developed within the Utility but which at 
some point are moved outside the utility Will be included in the DSM caiculation where those pr0gm.m 
results are tracked by the Utility. This is consistent with the Company’s goal of maximizing customer 
value in offering cost effective, competitive DSM services. 

6. In order to maximize DSM efficiencies. BC Cas Will be allowed to reallocate tesources to modify 
existing programs. discontinue programs and develop new programs as the Company considers 
necessary. The Company Will apply to the Commission for program changes where required. 

7. A protocol for measuring DSM savings and TRC benefits needs to be established with the 
Cornrmssion and interested pantes prior to the incentive mechanism taking effect. 
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d. The status of all DSM programs Will be rcviewed on a scmi-annual basis with one of the reviews timed 
to coincide with the Annual Review of Service Quality Indicators. 

9. The incentive mechanism Will operatc through the RSAM. The DSM Achievement Incentive operates 
outside ot’ the Earnings Sharing Mechanism. 

DSM Achicvement Incentive Samnle Calculations 

Three cases are provided below representing the range of possible incentive payments for BC Gas 
achieving a minimum of 75% of forecast DSM gas savings. 

Case A Assuming: 75% of forecast gas savings achieved 
total TRC net benetïts = $2,58 1,000 

Incentive = 3% of TRC net benefits (before tax) = $77,430 

Case 0 Assuming : 100% of forecast gas savings achieved 
total TRC net benefits = $3,848,000 

Incentive = 5% of TRC net benefïts (before tax) = $192,400 

Case C Assurning: 110% of forecast gas savings achieved 
total TRC net benefïts = !§4,350,000 

lncentive = 5% of ‘TRC net benefits (before tax) = $217,500 

tructurinP Deferrd Accoung 

A deferral account to record the costs incurred by BC Gas in restructuring its work force to achieve 
enhanced productivity is to be created and is to be effective upon the approval by the Commission of this 
settlement. The costs recorded in this deferral account Will be recovered in customer rates. The deferra 
account Will not exceed $3 million. 

Thc amortization of this deferral account for restructuring costs Will be no greater than $1 million for each 
year of the Term. 

ew Revenue Omortunitieq 

Jhe parties recognize that BC Gus should not be dis-incented from secking legitimate new revenue 
>portunities which would serve to reduce future revenue deficiencies. TO the extent such opportunitics 

arise. but require expenditures greater than those aring from the formula, such revenues and expenditures 
wiil be addressed during the Annual Review each ycar. 
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Caoital lhaenditures 

Capital expenditures for each year of the Term are established by class and by formula for certain of the 
classes. The classes are: 

1. Mains - Recurring 
2. Services - Recuning 
3. Gas Measurement 
4. Transmission Plant 

5. System Improvements/Reinforcements 
6. AI Other Plant 
7. Speciai Projects and CPCN’s 

Formulae for dctermining the expected capital expenditures for each year have been established for classes 
1, 2, 3, 4, 5 and 6 as follows: 

Note: the operation of the formulae for each class is shown for 1998 and 1999 and applies similarly to year 

- 

2000. 

1. Mains - Recurring; 

1998 Allowed Unit COS~ = 
1998 Allowed Cost = 

Base Unit COS~ x ( l+ Inflation - Productivity) 
1998 Allowed Unit Cost x Service Additions x 2 1.6 metres of 
main pex Service Addition 

Whert: Base Unit cost = $2!LO3/metre main 
Service Additions = 95.1% of forecast Customer Additions 

1999 Allowed Unit Cost = 
1999 Allowed Cost = 

1998 Allowed Unit Cost x ( l+ Inflation - Productivity) 
1999 Allowed Unit Cost x Service Additions x 2 1.6 metres of 
main per Service Addition 

3 m. Services: 

1998 Allowed Unit COS~ = 
1998 Allowed Cost = 

Base Unit cost x ( 1 + Mation - Productivity) 
1998 Allowed Unit Cost x Service Additions 

Where: Base Unit cost = $WVServict Addition 
Service Additions = 95.1% of forecast Customer Additions 

- 

1999 Allowed Unit Cost = 1998 Allowed Unit Cost x ( l+ Inflation - Productivity) 
1999 Allowed Cost = 1999 Allowed Unit Cost x Service Additions 

3. Meters; 

1998 Allowed Unit Cost = 
I 998 Al towed Cost = 

Base Unit cost x ( 1 + Inflation - Productivity 1 
1998 Allowcd Unit Cost x (Customer Additions + Meters Recakd) 
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Where: 

1999 Allowed Unit Cost = 
1999 Allowed Cost = 

4. Transmission Plant: 

1998 Allowed Unit Cost = 
1998 Allowed Cost = 

Where: 

-. 1999 Allowed Unit Cost = 
1999 Allowed Cost = 

Base Unit cost = s242/meter 
Customer Additions = forecast Customer Additions 
Meters Recalled = forecast of meters to be Recalled 

1998 Allowed Unit Cost x ( l+ Inflation - Productivity) 
1999 Allowed Unit Cost x Kustomer Additions + Meters Recalled) 

Base Unit cost x ( 1 + Inflation - Productivity) 
1998 Allowed Unit Cost x Transmission System Forecast Peak Day 
Throughput 

Base Unit cost = $439.50/103m3 
Transmission System Forecast Peak Day Throughput = forecast 
Transmission System Forecast Peak Day Throuyhput 
productivity = I % 

1998 Allowed Unit Cost x ( 1 + Inflation - Productivi ty) 
1999 Allowed Unit Cost x Transmission System Forecsst 
Peak Day Throughput 

1998 Allowed Unit Cost = 
1998 Allowed Cost = 
Where: 

1999 Allowed Unit Cost = 1998 Allowed Unit Cost x ( l+ inflation - Productivity) 
1999 Allowed Cost = 1999 Allowed Unit Cost x Customers EOY 

6. . 11 Othet Plar& 

Base Unit Cost x ( 1 + Inflation - Productivity) 
1998 Allowed Unit Cost x Customers End of Year (“EOY”) 
Base Unit cost = !$6.52/customer EOY 
Customer EOY = forecast end of year total customers 
productivity = I % 

The Allowed Costs for Al1 Other Plant for e;rch year of the Term Will be set with an aggregate base 
level of $29.3 17.000 adjusted for Intlation each year less Productivity. 

*s 1998 Allowed Cost = 
1999 Allowed Cost = 

$29.3 17.000 x ( 1+ Inflation - Productivity) 
1998 Allowed Cost x ( l+ Inflation - Productivity) 

BC Gtis bas divided its capital expenditurcs into 4 cntegorics. They are: 

A. 
13. 

Mains. hleters and Scrviccs 
Sysccm Iritqrity md Relirlhilitv 



C. Al1 Other Plant 
D. CPCN’s and Special Projects 

The costs related to each category Will be identified by the accounts prescribed by the BCUC Code ot’ 
Accounts and the Company’s sub-accounts as follows: 

Ca tegory A 

Distribution Plant - Service Installations 
Distribution Plant 
Installations 

- Meter ;Ind Regulator 

Distribution Plant - New Mains 
Distribution Plant - Main Installations General 
Distribution Plant - Meters 

Category B 

LNG 
Transmission Plant 
Distribution Plant - Main Corrosion Control 
Distribution Plant - System improvements 
Distribution Plant 
Stations 

- Gate ;Ind Regulator 

Distribution Plant - Telemetry 

Category C 

Category D NIA NIA 

DCUC 
Account 

BC Cas 
Sub-Account(l j 

473 
474 
475 
475 
478 

xxx excl. 62Xt2) 
xxx 
640 
649 
xxx 

440 - xxx 
449 xxx 

460 - 469 653 TSt3) 
475 6571659 

475 
671 

477 672 TSc3) 
477 

Al1 other BCUC Capital accounts 
and 
BC Gas sub-accounts 

(1) .u ineludes ail BC Gas sub-accounts in the BCUC account 
(2) Account 473-62X- Distribution Plant Renewals and Alteration 
(3) n refers to charges from Technical Services to these Accounts 

Soecial Prc&cts md CPCN’s 

Special Projects and Certificate of Public Convenience and Nectssity (“CPCN”) projects arc capital 
projects which BC Gu foresees as being requird within the Tean, but havc net been developed 
sufficiently (certain of such projects were identificd and describcd in thc Application, thcy include: 
Southem Crossing, Automated Meter Reading, Single Vendor System. Intcrior LNG Satellite Facility. 
Customer lnformation Systems. Coastal Facilities, SCADA, muster stations), or projects which are net 

- foreseen but could be required. such as the relocation of an urban transmission pipeline. Such projects are 
subject to approval by the Commission through applications for Certificates of Public Convenience ani 
Necessity. TO tht extent such applications are approved and the capital projccts undcrtaken. Ihe capital 
project will form paxt of the rate base of BC Gas in the year followmg the year in which the capital project 
IS completed. BC Grrs Will be entitlcd to accrue AFUDC on the expenditures associated with the capital 
pro.jcct until the capital project IS p;ut of rate base. 



10 
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BC Gas Will be entitled to include the prudently incurred total capital expenditures and AFUDC in rate 
base at the commencement of thc year followmg completion of the capital project. 

Capital Effïciency Mechanism 

BC Gas should be incented to employ capital more efficiently. A capital effkiency mechanism ~111 
operate as set out below. The categories in respect of which the mechanism Will operate are categortes A 
and C as described above. 

TO the extent the actual unit costs for a year vary from the Allowed Unit Costs for Category A, this 
difference is to be multiplied by the actual number of units (e.g. in the case of Mains - Recurring it would 
be actual metres of main installed for the year). This amount, together with the difference between the 
actual and allowed capital expenditures for that year in Cütegory C, Will for-m the basis for an effïciency 
tidjustment CO the ucility rate base. This adjustment Will be an aggregate dollar sum (the “Capital Effkiency 
Adjustment”) which Will be added or subtracted from the utility rate base. This mechanism Will operate 
similarly in the case of positive and negative variantes in unit costs. 

-The Capital Effïciency Incentive Adjustment to rate base Will be phased out over three years. More 
,pecifïcally, in the immediately following year 66.7% of this variante wili be an adjustment to the utility 
rate base and 33.3% in the subsequent year. This phasing Will apply to each year of the Term SO that the 
effect of variantes in thc second and third ycar of tha Term Will continue beyond the Term, e-g., phasing 
of the year 2000 variances Will occur through thc ycm 2002. For txamples of the effect of thc Capital 
Efficiency Mechanism, sec Cases A 1, B 1, Cl and D 1. in the rcsponse to Item 6 of Information Request 
No. 1 of the Inland Industriai Group (Volume 2, Tab E6). 

Depreciation and Amortization Expense 

The depreciation rates for BC Gas currently approved by the Commission Will continue. BC Cias bas 
indicated that it intends to file a depreciation study. The Commission Will consider the study and any 

changes arising upon receipt and consideration of the study and the recommendation for changes in rates, 
if any, applied for by the Company. 

Deferrai Accounts 

The following defertal accounts are to be continued or created: 

l Continuation of the debt interest deferral accounts. 
0 Continuation of the NGV conversion gnnts deferra accouru for 1998 - 2000 to be amottized 

over three years. 
l Revenue requirement hearing costs to be a,mo&ed over three years. 
l DSM expenditures for 1998 - X00 to be amortized over three years. 
l IRP costs for 1998 - 1000 to be amonized over three years. 
. Deferral of property tax expcnsc vxiances from torecüst and amortized in the following Fr. 

199611997 crcdits atttortrzcd ils pcr Appendix A. 
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l BC Hydre DRLA - amonization as per Appendix A. 
l DSM DRIA - amortization us per Appendix A. 
l Conttnuation of Coastal Facilities relocation costs deferral account. 
l Xprii 29, 1997 application for Phase 2 of BC 21 Power Smart costs - S303.000. 
l Continuation of RSAM and GCRA accounts as described above. 
l Det’errai of resttucturing costs as descrtbed above. 

Further details OC the deferral accounts are found in Appendix A. 

Overhead Capitalization 

Pursuant to a term of the 1996 and 1997 Negotiated Settlement, BC Gas filed a study on its overheads 
capitalization policy. The study recommended a significant reduction in the capitalization ratio. The 
impact of this study was to reduce overhead capitalization from 22.5% to 10.27% as shown in Volume 1. 
Section C. Tab 9-02 Revised (line 201 ot the Application. 

c-1 

Thc 13C GLIS study and proposa1 is acccpted. however, the capitalizntion ratios Will be limited to 20%. 
20%. and 16% ter the years 1998, 1999 and 2000 respectively based on total Grass O&M excluding 
DRIA. The Company may apply for additional reductions in overheads capitalized in subsequent revenue 
requirement tïlings. 

Taxes 

Changes in taxes and similar costs Will continue to be flowed through to customers with variances 
recorded in deferral accounts and amonized in rates in tht following year. 

The methodology for determination of the level of taxes for each year of the Term Will be detennined in the 
manner as spccifted in the Application. Volume 1, Section C Tabs 10 and 13 as revised. 

Other Cost of Service Categories 

AU other categories of the cost of service not specificaily referred to above wili be determined in the 
mariner as specified in the Application. Volume 1 as revised. 

Exogenous Factors 

During the Term, the BC Gas cost of service Will be adjusted for exogenous factors (positive or negative) 
which are beyond the full control of the utility including: judicial, legislative or administrative changes. 
orders and directions; changes in generally acçepted accounting principles and rules. carastrophic events. 
bypass or other similar events imposed on f3C Güs which are not retlected in the rates of BC Gus. 

ISarnings Sharing Mechanism 

13C Cas wih share equally with its customcrs wrnings varianccs tpositive or negative) between thc 
mthorizcti Icvcl ot carnmgs il5 dctcrrnrncd annuailv ~I&X this scttlçmcnt itnd thc xtual carniWs of thc 
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utility net of specific incentive proyrams: namely. the capital efficiency mechanism, the gas supply 
incentive plan and the DSM Achievement lncentive all of which Will be considered to be non-utility income 
for the purposes of calculating the earnings of the utility. 

The operation of the Earnings Sharing Mechanism is illustrated in Volume 1, Section C. Tab 15 of the 
Applicauon. 

Annual Reviews and Rate Adjustments 

BC Gas will conduct an Annual Review of the operation of the settlement and rate adjustments prior to 
lanuary I of each year of the Term with the Commission, its staff and interested parties. The Annual 
Review is a “procecding” for purposes of participant cost awards. This process Will providt the 
Commission and a11 interested parties an opponunity to remain informed about the activities of the 
Company. The Annuail Review Will attempt to obtain consensus on issues which must be decided by the 
Commission in advancc of each fiscal year for the matters related to setting the rates for exh year of the 
Term. 

At the annuel workshop to be held in November of each of the years 1998 through 1999, BC Cas Will 
-3sent projections for the year that is ending and forecasts for the next year. The projections for the year 

iat is ending wiil include: 

l projected utiiity volumes and revenues 
l projected utility expenses 
l projected year-end plant balances and other rate base information 
l projected deferrai account balances and amortization 
l projected year-end customers and other cost driver information 
l projected utility eamings. 

Forecasts for the next year Will include: 

l forecast customer growth 
l forecasts of cost drivers, such as peak day throughput 
l forecast Inflation 
l forecast utiiity volumes and revenues 
l forecast utility expenses (revised allowed COS~~) 
l forecast utility capital expenditures (revised allowed costs) 
l forecast plant balances, deferral account balances and amortization to be included in rates. 

-Cost drivers for the next year Will be updated to reflect the forecasts relating to the year. Cost drivers for 
e next year Will also be updated for projected variantes between actual customer growth in the past Wr 

Jnd thc customer growth that had bcen forecast for that year. 

Openq plant balances and other rate base items for the next year Will be adjusted to retlect projected 
var1anccs which UC not includcd in thc cqtal cftkicncv mechanism discussed rhove. 
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BC G;rs proposes to commence its workshops in November of 1997. At that workshop forecasts for 
1998 Will be presented. together with the projected number of customers as of January 1, 1998 and 
projected plant balances and other rate base information as of January 1, 1998. Cost drivers for 1998 Will 
be updated to retlect the forecasts for 1998. Rates for 1998 Will be set by the Commission based on the 
projected opening rate base for 1998 and the forecasts for 1998 as agreed upon by the participants or as 
subsequently determined by the Commission. 

Prior to each annual workshop, BC Gas Will provide interested parties and the Commission advance 
information regarding the projections ünd forecasts to be presented by BC Gas at the workshop. This 
should be done 3 weeks prier to the workshop to allow parties to submit information requests and receive 
responses prior to the workshops. 

In regard to projectcd year-end earnings, projected year end capital unit costs related to capital incentives 
presented for rate-making purposes in the November workshop BC Gas Will provide an update in April or 
May once xtual results have been determined and adjustments Will be made at the following year end. 
Incentives Will be trued up to the actual results at that time. 

Service Quality Indicators 

mple; 

Maintenance of existing high levels of service quality is an important featurc of this Settlement. However, 
it is tecognized that variante in these statistics may occur due to random events or events beyond the full 
control of BC Gas. 

Process: 

l Service Quality Indicators Will be reviewed at the Annual Review in November of each year. 

l Participants Will be given an opportunity to argue whether a deviation from the benchmark for ay of 
the Service Quality indicators is significant enough to establish that service quality is deteriorating 
generally or in specific areas. 

l For those concems which are not resolved at the review, participants wiil retain the option to makc 
submissions to the Commission that it shoutd limit the payments which BC Gas might otherwise earn 
from the tïnanciai incentives in this Settlement. 

Service Oualitv lndicators: 

1 1. Response time to emergencu 41s . 



2. Response time for answering service centre calls by a person. 
3. Leaks pcr kilometre of distribution mains due to system deterioration. 
3. Transmission system annual reportable incidents. 
5. Number of third party distribution system damage incidents per 1000 housing star& 

Annual Evaluation: 

l Mess otherwise indicated, benchmarks Will be calculated as the rolling average of the three years 
prior to the most current year; performance indicarors Will be calculated as the rolling average of the 

most current year plus the past two years. 

l Each performance indicator Will be evaluated on its own merits and a material deviation from the 
benchmark for any single performance indicator is sufficient basis to argue service quality deterioration 
and the need to limit payments to BC Gas. 

l E&h performance indicator Will be given equai weight. 
- 

The onus of establishing chat a benchmark has been met or why it is reasonable that it was not met 
rests with the utility. 

l Uiterested parties should have access to the service quaiity evaiuation prier to the Annuai Review. 

Any prty may argue that the benchmarks need to be modifïed 
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BC GAS UTILITY LTD. 
SUMMARY 

FOR THE YEARS 1998 TO 2000 
WW 

APPENDIX A 
199&2000 SEI-I-LEMENT 

ILLUSTRATIVE RATE IMPACTS 
SUMMARY 

Particulars 

(1) 

Volume 1 IRev.) 

(2) 
Oifference 

(3) 

Rate Base 

Revenue Requuement 
% Gross Margln Incrcase 
Grass Margln (wbd. lncmase) 

s 1581,623 

s 24,448 
6.37% 

s -A= 

S (12,734) S 1 S8.889 

S (17,552) S 6,896 
4.57% 1 .Bo% 

S (17,SSZ) S 390.916 

Opemtion rnd IWntena~ 
Grou OLM cxd. BC Hydm Costs 
OilM Gpense (Net) 

S 136,057 
S 133.33s 

s 93,474 
15,075 

2.445 
S 110,994 

s (22n) S 133,704 
S (1634 S 117,091 

Plant Additions - Capibt Expendrturcs 
- Ovef?wzads Capttakcd 

- AU Other (WlP etc.) 
Total 

S (8,782) S 84,692 
13,792 28.867 

0 2.445 
S 5,010 S 116,004 

Rate 8aw S (4,125) S 1531,569 

RwenuoReqummnt 
% Gtou Mm hct8ru 
Gros8 MarQln (uld. hcreru) 

S 1,635,694 

s 14.278 
3.44% 

s 429,512 

S @3,570~ s 7,IoIJ 
-1.60% 1.94% 

S (24,421) S 405,091 

Opemtion~nd~trrtsrrrnu 
Grass OCLM axd. EC Hydm Costs 
OLM Gpensa (Net) 

S 13Q,Q81 s (48-8) S 135,343 
S 137,133 s (1 WW S 110,437 

Ptant--cairib(Expandftua~ S 35,829 5 
- Ovwherds CapWized 

(Q,241) 
15,510 13,693 

- Al Olher (WlP etc.) 8.420 0 
Total S 119,759 S 4,452 

RevonuoReqummmt 
% Gros8 MwQht hcreue 
Gfou MwQh (incL lnmr8e) 

S 1 JQ3.373 

s 11,QW 
273% 

S ~ZtQ 

Opemtionrndh4amm8ncs 
Gros8 Oiw exd ec Hydm costs 
OMA Experts. (Net) 

Total 

Pbti Addidknrr - capita Gtpendmlres 
- overheads Cqxtaked 
- AU Othcr (WIP etc.) 

S 144,106 
S 141,126 

S 135,013 
15.967 

140 
S 151,120 

Line 
NO 

SO 

1 
2 
3 
4 
S 
6 
7 
8 
9 

10 
11 
12 
13 
14 
1s 
16 
17 
18 
19 
20 
21 
22 
23 
24 
2s 
26 
27 
28 
29 
30 
31 
32 
33 
34 
3s 
36 
37 
3a 
39 
40 
41 
42 
43 
44 
45 
46 
47 
48 
49 

i 9982000 
Settlement 

(4) 

.- 

S 86.588 
29.203 

8.420 
S 124,211 

S 1,606,037 

S w= 
1 .QIY 

S 421,330 

S 135,638 
S 124,545 

S 87.343 
23.413 

140 
S 110.696 
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BC GAS UTIllTY LTD. 

SIJMIARY OF RATE INCREASE REOlURED 
FOR IRE YEARS ENOED DECEHBER ft, 1998 AN0 1999 
($000) 

APPENDIX A 
1998 - 2000 SETTLEMENT 

ILLUSTRATIVE RATE IWACTS 
PAGE OI-01 

1998 1999 
--..---.-..--..----.-..-----.------------------ _-...--.------.-------.-.---.------.---.--.---- 

----- Captive w-e.- 
Non-Captive 

----- Captive -.-a- 
Part iculars Cort Non-Cort Total Corc Non-Corc Non-Captive Total .._.....__ . ..--_...-...-..---------- s-I-.- -WI-------. --w-m--..-- -..-.-----. aw.m...-m.e .-..**a---- .-.-.m--..- ---.---.m.s --.-s-.-_e_ 

(1) (2) (3) 

RATE INCREASE REQUIREO 

Cas Sales and Transportation Revenue, 
At Prior Year's Rates s721.248 $33,574 

Ad3 - Othcr Rtvtnut Rclattd fo Burrard 
lnermrl / Centra 6C (PCEC) 0 336 

~..~...~~~~ ss...*mI.-- 

Total Revenue 721,248 33,910 

(4) (5) (6) (7) (8) (9) 

$15,139 $769,961 f742,OSS $33,520 

1,806 9,142 0 336 

~~~-~~~.~ -...I..m.-s ew---ww..m- ~-~~~~-~~~~ 
23,945 779,103 742,055 33,856 

LCSS - Cost of tas (376,727) (6,192) (12,164) (395,083) (383,994) (6,366) 

$15,108 $790,683 

8,000 9,224 

--e-----m -.ee--e-e__ 
23,996 799,907 

(12,164) (402,524) 

Cross Hargin S344,521 $27,718 $11,781 S384,020 $358,061 $27,490 $11,832 5397,383 
==~sr~x~8tt Or=8rrr*rs= I==rsrttxtt rr*rttr=rt= ===f====tr= ===xtt=ttI= =tzt=:===t= =========== 

Revenue Dcficitncy - Volme 1 (Rev.1 ~22,628 11,820 SO $24,448 $13,260 Sl,OlS SO $14,278 

Difftrtnct (16,ZCS) (1,307) 0 (17,552) (6,102) (468) 0 (6,570) 
a....-..--. --.-...a-.. --------e-w ---....--.m ew-e...e--w ---e-a--w-. ----Imsmema __ --.amsm-- 

Rtvtnut Deficitncy - 1998-2000 Settlement 6,383 513 0 6,896 7,lSB SS0 0 7,708 

Rcfund of Deferred Cas Cost Crcdits ACCRA) 0 0 0 0 0 0 0 0 
m.-sBII.saa ea-me-LI.-- ----w---e.- -~~~~.~~.~. -mse.....e- ----------- -------m-w- -..__._____ 

$6,383 SS13 SO $6,896 S7,158 SS50 SO $7,708 
t=r=*rr=rr= ==z5=rt8¶¶= ===fi==ftx= i===ttzt*== ====r===rr= ======*=tt= ZZZ=====*== ----------- ------a---- 

Rate Incrtasc as a X of Cross Hargin 1.8% 1.8% 0.00% 1.80% 2.00% 2.00% 0.00% 1.9&% 
i==z=fsrltr =i=r=rrr88r ==z=*Strrlr 5I====fSlt= =='=z=*=tzP =====rrtrrr ======t=IPt ====,,,,..,p ---m-w 

ha[c In:rrosc as a k of lotal RCVCINIC 0.88: l.SlX O.OOk 0.89% 0.96;. 1.62% 0.00% 0.96;; 
rr=;=irttrr ;=====r=xxi ===P'==ttti _-__-- zt====t===t ==;==;===== -,,,,,i'ZIZ ======t:=== -------==== ---____ 

_~. ~--- - _.._” --._- - 
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Particulars 
.m... .-a... ..-.....-_..-.-----_---------- 

(1) 

RAIE INCREASE REQUIRED 

Cas Sales and Transportation Revenue, 
At Prior Ycar's Rates 

Add - Othcr Revenue Related to gurrard 
lrrermal / Centra BC (PCEC) 

Total Revenue 

less - Cost of Cas 

Cross Hargin 

kevmue Deficiency - Volune 1 (Rev.) 

Diffetence 

Revenue Deficiency - 1998-2000 Scttlement 

RC GM UfILITY LTD. 

SUWIARY OF RATE INCREASE REQUIRED 
FOR THE YEAR ENDED DECEHBER 31, 2000 
($000) 

2000 

I 

----.---.-.-..-.-----.-.---.------------------- 
-0-0- Captive . ..mw 
tore Non-Gore Non-Captive Total 

--w-w..--.- ---a.--..-. ---.mmm.w.w --.-.e.-v-- 
(2) (3) (4) (5) 

$765,421 ~34,282 $15,082 $814,785 

0 336 8,885 9,221 

.ws-.mawws. s-.-m.--.-. -.----w-s-. se-..-.---- 
?6S,Ctl 34,618 23,967 824,006 

(392,051) (6,476) (12,164) (410,691) 

eeeem. s--.s m-w-.---..- ----------- ~~~~~~~~.~- 

$373,370 sza,icz $11,803 $413,315 
xxsrr8strlt r==tl%=slt= ==tttrxtxrt ==*fsstxft= 

Sll,lbC $840 SO $11,984 

(3,683) (278) 0 (3,961) 
.~~~..~~~~. ------.a.-. a--swasme._ -~--~~~~~~. 

7,461 562 0 8,023 

Rcfund of Deferred Cas COS~ Credits (GCRA) 0 0 0 0 
~~~~-.~~~~~ .------m-e. ---.--w-s-- me.w-eeeee- 

Sf,461 $562 SO sa,023 
trrrtrturr Itfrlrtrttr r ------- ---..---rr= ====tsrlti= 

Rate lncreare as a X of Cross Ilargin 2.00x 2.00% 0.00% 1.94% 
trrPlltl=tll s='tsIlllt8 zi=t==trttt ======:tirr 

Rate lncrearc as o X of lotal Revenue 0.97z 1.62% 0.00% 0.97% 
PtIrE=t*rxl =======X=i8 T;I===tirf= ==t===*t*zt 

APPENDIX A 
1998 - 2000 SETTLEMENT 

ILLUSTRATIVE RATE IMPACTS 
PAGE 01-01.1 



ne 
Description 

.a . . . . . . e .--.............Ism.ew....... 
Cl) 

1 PLant in Service, Beginning 
! 
i Additions 

Dlsposrls 

Plant in Service, Ending 

Add . Intangible Plant 

iinc r Ibutlons In Aid of Cons t rut tion 

Less - Accunulated Depreciat ion 

MG~ Plant In Service, Ending 

Nec PLant In Service, Beginning 

Net Plant in Service, nid-Year 
Adjustment to 1%llonth Averrge 
Construction Advanccs 
uork in Progrets, No AfUOC 
unamxtired Oeferrcd Charges 
Cash working Capital 
Other working Capital 

uf~l~fy REte Base 

I..... . . . 

6C GAS UTfllfY LTD. 

UflLffY RATE BASE 
FOti THE YEARS ENDED DECEHBER 31, 1998, 1999 AN0 2000 
($000) 

APPENDIX A 
1998 - 2000 SETTLEHENT 

ILLUSTRATIVE RATE IMPACTS 
PAGE 02-01 

1996 1999 2000 . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . ..-......-....--.----------.- --_-_._-..____ -.-..----.---~~~.-~. 
Presmt Revirrd 1998 Rcvised 

Rates Adjustments 
1999 

Rates Rates Adjustments 
Revised 

Rates Rates Adjustments Rates . . ..m.--..- . . . . . . . . . . . .a........ . . . . . . . . . . . . . . . . . . . . . . . . . . . ..-SI em.-.....-- . . . . . . . . . . . -......--- 
(2) (3) (4) (SI (6) (7) (8) (9) (10) 

S1,842,9I3 SO S1,842,9TJ S1,949,177 SO S1,949,177 S2,063,288 SO S2,063,288 

116,004 
ii 

116,004 
(9mu 

124,211 
(9,800) (10,100) 0" 

124,211 110,896 0 
~10,100) C10,400) 

110,896 
0 

. . . . . ..ew-. (10,400) . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . ..aII..w.a ..-........ . . . . ..a.... ---------.a ~~~....~~.. 
1,949,177 0 1,949,177 2,063,288 0 2,063,288 2,163,784 0 2,163,784 

967 0 967 967 0 967 967 0 967 
. ..--a..*.. sa-s.----.- .-es......- . ..----...a *II------.- -.-a.--...- --.---....- --------..- ___... . ..I. 

1,9so,1u 0 1,9so,144 2,064,2SS 0 2,064,2SS 2,164,751 0 2,164,751 

0 (TJ,9641 (87,518) 0 (87,518) (102,314) 0 (102,314) 

0 (314,089) (357,976) 0 (357,976) (405,567) 0 (405,567) 

. . . . . . . . . . . -ams....-.- . . . ..-.-..w . ..m--1-m.. a..-.------ ------s.m-- a.---e*--.- ------mm.-- se--.-.---. 

Sl,S62,091 SO Sl,S62,091 S1,618,761 SO S1,618,761 S1,6S6,870 
88888ss- Ittiitt88tt 8rt8xrr8888 =8fl8st8tf= 

SO S1,6S6,870 
========t== rrrtrtrrrx= ttr888t8:t= ========t== *:====Ttfl= 

Sl,Soa,W SO Sl,SO8,239 Sl,S62,091 SO Sl,S62,091 S1,618,761 SO S1,618,761 
*S=*T- rrrrtr8rxtt *trr+rt8rrt =8*=8tfir8= Ps======t== trr=rtrtt8= rrtrrtrrrr= ==t=====trt 8itt8Prït8= 

Sl,S3S,165 

t3.1: 
4,041 

(7,2t5 
10,024 
29,9IO 

i SO Sl,S35,16S Sl,S90,426 SO SO l 

1) 

0 0 Sl,S90,426 S1,637,816 0 

(3,114) (2,336) 0 

0 0 S1,637,816 

00 
0 

1 0 
(2,336) 

4,048 4,333 
(l,SS7) (l,SS7) 

0 
1 7: (7,215) 

00 4,333 
;y;' 

3,833 
(1,384) 

3,833 
4,167 0 10,095 (106) 4,167 40 

0 29,910 30:23S 
10,295 10,881 

0 30,235 10,921 
31,757 0 31,757 

. . ..*-...-. ..s.-----.w .-.11---e-1 sss.-eee.-e a*----.-..- -------.--- m-m..-..-.- ----------- --__-_--.._ 

si ,s68,m6 $71 Sl,S68,889 L1,631,675 (S1061 S1,631,569 S1,686,897 
88x8==- - r=Z=i=t88x= 888X8t8888= 88tt88x=tl' r====rrritr *8=888r*8*= 8tÉt8t=f88= --me--_ -------r=== 

^--II._____^-_.l_l_^ “ .  _ . .  ._-_ 



,- 

BC GAS UTILITY 110. 

Particularr 
. . . . . ..-...............--.--- 

(1) 
ENERCY VOL~~ES (11) 

Sales 
Transportation 

average Rate per GJ 
Sales 
lrrnsportation 

Averrgr 

uTlLSTY REVENUE 
Sales l Pretent Rates 

- lncreare 

lranqbrtation - Present Rates 
- Incrcrse 

Iota1 

Cost of Cas Sold (Including Cas Lost) 

Lross rlargin 

Restructuring torts Amortization 
Gperrtlcn rnd I!rintenmcc 
vehicle and FIS Lcrset 
Property and Sundry lares 
Dcpreciation l nd Amortiration 
Other 3perating Revenue 

utility Inccxne Beforc Incomc Taxes 

Incombe Taxes 

EARNED RETURN 

ull~I1Y RAIE BASE 

RATE OF REIURN ON 
UIILITY RAIE EASE 

UflLllY INUIttE AN0 EARNED RETURN 
FOR THE YfARS ENDED DECEMBER 31, 1998, 1999 AND 2000 
($000) 

APPENDIX A 
1998 - 2000 SETTLEMENT 

ILLUSTRATIVE RAlE IMPACTS 
PAGE 02-02 

1998 1999 2000 . . . . . ..~---~-...........-......... . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . ---------......--......~~.~....... 
----Revised Rates----- ----Rcvised Rates----- 

Prerent Red rtd 1998 Revfsed 
----Revised Rates----- 

1999 Revised 
Ratas Revenue Total Rates Revenue Total Rates Revenue Total ..-.....a-- .-m.-...... . . . ..-l... .a......... m....s-.-me --........ .--......s. . . . . . . . ..-_ --.....se- 

I2) (31 (4) (5) (6) (7) (8) (9) (10) 

lsa,624 
60,624 OD 

158,624 161,357 161,357 
80,626 

0 
79,741 00 

164,379 
79,741 80,616 

164,379 
0 80,616 ..-......a. .-........a . ..-......- sa*-......- ew.--.....- --a-......- -.--....-.- w-e-eaa____ __ --....-.- 

239,250 0 239,2SO 241,038 0 241,098 244,995 0 2 &&,93S =t=*==s=- 8*==8=88*8t ttr888%8r8= ===rrzrnrr= =========f= ===rLrLl*tt ===rr'=r--- ----------- --- ----------- ===t======= 

14.660 $4.720 $4.731 14.776 $4.788 
SO.343 SO.348 

14.833 
SO.342 SO.348 s0.34s 

$3.218 $3.247 
SO.351 

$3.280 $3.311 13.326 $3.353 

S742,344 
6.4;: 

$742,344 $763,426 7,2:: $763,426 6,436 S786,984 
8 

0 7,220 0 7,sfZ S786,Y84 
7,526 

27,blt 0 27,617 27,257 0 27,257 27,801 0 
0 460 460 0 489 489 

27,801 
0 su2 SO2 

. . . . . . . ..-- -......e.e. . . . . . . . ..a. . ..I.m..-.e . . ..mse...e ..-s....... . . . . . . ..m.. ..--.--...- ---*---...- 
769,961 6,896 776,857 790,683 7,708 798,391 814,785 8,023 022,808 

395,061 0 395,083 402,524 0 402,S24 410,691 0 410,691 
..l......-- - . . . . -...w. . . . . . . . . . . . S.S......._ 1**1--..-.- --a.......- --------..- ------e-w.a w__.*.s..ae 

374,m 6,896 381,774 388,159 7,708 395,867 404,094 8,023 412,117 
ssa....e--- . . ..s..m..- . . . . . . . . . . . .s........* meeaeIa...- -.-...a...* ---...m...e -----.....- .-_.*.*...- 

sss 0 sss sss 0 sss SS5 0 SS5 _ 

117,091 2,269 ii 117,091 118,437 0 118,437 124,SCS 0 2,269 2,309 0 2,309 2,346 124,SLS 0 
31,210 a 31,210 32,227 (1) 32,226 34,577 

2,346 F 
0 54,904 54,904 sa,799 58,799 61,801 34,577 0 %.A 

(14,169) 0 (14,169) (14,399) 0 (14,399) 

61,801 

(14,545) 0 (14,545) 2% 

-.......w.- -.........- . ..-....... .-*.a...... .B1l.sa.... --a.-...... .I......... 
L-.-~-~~-.~ -.-.a....-- 

191,860 0 191,860 197,928 (1) 197,927 209,279 0 209,279 Y 
. . . . . . ..w.. -........w. . . . . . . . . ..r . . . . . . . . . . . ...lll..... .I-.......v .--...s...- .-.-awame.* *--.-.a...- $3 

183,011 6,896 189,914 190,231 7,709 197,940 194,815 8,023 202,838 m8 

49,876 3,072 S2,9SO 53,054 3,429 S6,483 53,693 
;oo 

3,562 S7,2SS 90) 
. . . . . ..m.-. -.......... . . . . . . . . ..I ..1-......m . . ..-.....- -.-s....... . . . . . . . . . . . . ..w......- .*--..a...- -trnB 

s133,w 13,824 $136,964 $137,177 $4,200 1141,417 S141,122 $4,461 gm 3 z 
=====1=- -3rltttt8 88lt8-888-a t=r*rtr888= ====trrtt== rrtrtrrro8t ===rtfItlr= =t========= =====t===== SlbS,S83 g 5 m' p 

$1 ,Sbb,R~ $71 Sl,S68,889 11,631,67S (1106) 11,631,569 S1,686,897 S40 S1,686,937 
09x0 

=ig==a- aSI'==t*8I 8a*888sl88t Irt**ft*88= =====ttfrf: LSr88tz888= 88it8Xr88ft =;=====r=== Nr)rng tz==rrrlts= 0 4 2 
h)cn-iD 

0.49% 8.73X l3.4ly. 0.672 0.37% 8.63% 
=t:=1s12- PII===8=8*8 5==5;Lt=Isz t;==;=lt8z8 S;==='r'=*= -------em ,,-,---.-r= 



-. -. 

8C GAS UllLITY 1fD. 

INCWE TAXES / REVENUE DEFICIENCY 
fOR TUE TEARS ENDED DECEflgER 31, 1998, 1999 AND 2000 
c $000) 

APPENDIX A 
1998 - 2000 SETTLEMENI 

ILLUSTRAT IVE RATE IMPACTS 
PALE 02-03 

1998 1999 2000 . . . . ..~~.-........~r.............. . . . . . . . . . . . . . . . . ..-............... -............................~.... 
----Rcvircd Rares----- ----Revised Rates----- 

PWSUN Revisad 1998 Revited 
----Revised Rates----- 

1999 Reviscd Iates Revenue Total Rates Revenue Total Rates Revenue Total ..m..emawm. .m.-..-.... . ..*.-II.. ..m........ . . ..e...... . . . ..-.... ..-o....... --.......-_ . . . . . . . . . . 
(2) (3) (4) (5) (6) (7) (81 (9) (10) 

ne 
. Particulrrs 
. . m.-.-m...............m................ 

(1) 
. . 

1 CZLCULATION OF INCOtlE TAXES 
> 
i 

Larncd Rctwn 
Dcduct - Intcrtst on Debt 

9 Ad- Non-lrrr Ded. Expense (Net) 

:::hnting Income After fax 
43 IbeJuct) l liming Differenccs 
AA - Large Corporation 10x 

S133.140 $3,824 $136,964 $137,177 SC,280 
'y$' 5 y~' 

s141,457 

'7:1:::' 

SlC1,122 
(4' 

, 0 , , 0 '757%' 

54,461 

c81 '2 

$145,583 
(17) (84,269) 

, * 0 4,315 . . . ..e.aea. . . . . . . . . . . . . . . ..-..... ..-I....... . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . ---..-..-.. .-...-..... 
63,864 3,829 67,493 65,053 4,276 69,329 
(9,?s?) 

61,185 
0 (9,757) (7,309) 0 (7,309) (2,875) 

4,444 65,629 
0 

2,uo (76) 2,364 2,508 (@6) 2,422 2,597 
(2,875) 

(90) 2,507 . . . ..-.*a-. . . . ..-..... . . . . . . . . . . . e.......... a.....-.... ..--....... . . . . -.-.... I--e......- ._....._.._ 
S56,%7 S3,753 $60,300 160,252 $4,193 $64,442 $60,907 $4,354 $65,261 

i*Ltrt*rtsT *===t**l**= ===srlstirL ===r===r=t= ====r====== ===stsIllE= ==r*==rti== z===t=zt=== ===x -..--.- -----a- 

45.620% 45.620X 45.620% 45.620% 45.620% 45 -620X 45.620% 45.620x 45.620% 
%.380% 54.380% 54.380% 54.380% 54.380% S4.380% 54.380% 54.380% 54.380x 

IT.:LM lar Rate (Current lax) 
1 - Current Income lax Rate 

Sla3,985 $6,901 SllO,886 $110,798 17,705 Sll8,503 Slt2,003 $8,006 $120,009 
Illaxsami: t~~~s%s~~sL ftsrsttrlrt t=rtrrtrrr= ztfsxxtttt= ==trttttrz= f=srxltt=t= =====t*=tt= ==*t===E=t= 

larable Income (110 : 114) 

Sb7.438 

2,uo 
. . . ..w.mm-. 

sb9.a78 

$3,148 S50,586 $50,546 

2,508 
. ..-..-.... 

$53,054 
-.-B--.---. ----------. 

S3,SlS SSC,Obl $51,096 

2,597 
. ..-....... 

Ir,rome lax- Current (Lt8 x L13) 

- large Corporation lax 

$3,652 $54,748 

(76) 
. . . ..a-.... 

2,364 
. . ..-.....- 

(86) 
..-.-. e.... 

2,422 
. . . . . . . . . . . (90) 

. . . . ..-.... 
2,507 

..__ -...... 

i G:ïal $3,072 $52,950 
r===rrxrrx= =t=s=tr=t== 

$3,429 $56,483 $53,693 13,562 fS7,ZSS 
====*==r==; ===*==t=s*= ===rt=t==f= ====t==tt== ==========t 

RE ethuE DEf ICIENCI 
Errned Return 
Ad3 - I ncome Taxes 
Ded&f - Utility Income gcfore Taxes, 

Present Rites 
;jrporatc Capital Tax 

13,824 5136,964 $4,280 $141,457 $4,461 1145,583 
3,072 52,950 3,429 56,483 3,562 57,255 

(183,018) 
0 

0 
(1) 

. . . . . . . . . . . 

(190,231) 
(1) 

..-.. . . . . . . 

0 
0 

. . ..-.-.... 

$6,896 
i'P=tr8IIl= 

$7,708 
====*tsttr= 

$7,708 
====rsIrxti 

;rrlciency After Corporate Capital Yax $8,023 $8,023 
====r===r== ,-,,t==tr*= me-- 



m.. 

Line 
No. Potticulrrs 

-me. . . . . . . . . ..aw....w.......... 

1 1998 PRESENT R& 

sz 
Long-fin Dcbt 
Unfunded Dcbt 

f 
Prefcrrnct Shrrcs 
Comm Equity 

6 

s7 
9 1998 REVISED RATES 

;1 
Long-Tarn Debt 
Unfmded Debt 

12 Adjustment, Revised Rotes 
13 Prefrrtnce Shrrer 
lb Comnon Equi ty 
15 

:r 
18 1999 Al 1998 RATES 
19 long- Iem Debt 
:: Unfunded Ocbt 

Preftrenct Shorts 
22 c0mnon Lquity 

Ii 
2s 
26 1999 REVlSED MES 
27 long-Ier8 Dcbt 

:i 
Unfunded Debt 
Adjustment, Revised Rotes 

7: Prefcrence Shaw 
Comm Equity 

:: 
34 
35 2000 AT 1999 RAIES 
33 Long-lcm Debt 

Unfunded Dcbt 
38 Preftrencc Shares 
39 Comnon Equity 
CO 
Cl 
42 
43 2000 REVISED RAIES 
44 Long-mm Dem 
4S Unfutldaîoebt 
46 Mjustwnt, Revised Rates 
47 Preferawe shorts 
48 coarporr Lgrity 
49 

BC GAS UfILfTY LTo. 
REIURN ON CAPITAL 

APPENDIX A 
1998 - 

FOR THE YEARS ENDED DECEflBER 31, 1998, 1999 AND 2000 
2000 SETTLEMENT 

($000) 
ILLUSTRATIVE RATE IHPACTS 

PAGE 02-04 
Average 

-------- Capitrlization . . . . . . . - Embedded cost 
Reference 

Earned 
Amount X Cost Compment Return .a-....---0. . . . . . . . ..-............. . . ..e...... .a-....*... .--o....... . . . . . . . . . . . 

(2) (3) (4) (5) 

$692,562 CS.lS% 
211,701 13.49% 
146,8CS 9.36% 
517,710 33.00% 

. . . . . . . ..e. . . . . . . . . . . . 
Sl,S68,818 100.00% 
x2xtx=t82tf t22sritrrr8 

$692,562 44.14% 
$211,701 

48 211,749 13.50% 
146,8CS 9.36% 
517,733 33.00% 

. . . . . . . ..e. . . . . . . . . . . . 
S1,568,889 100.00% 
t222x22rrr2 i=22**l2*2* 

$734,940 4s.osx 
229,546 14.07% 
12a,f16 7.89% 
538,bS3 33.00% 

. . . ..-...a. . . . ..w..... 
S1,631,67S 100.00% 
222tt222222 222222=22x~ 

1734,940 4s.osx 
$229,546 

(71) 229,475 14.06% 
128,736 7.89% 
538,418 33.00% 

. . . . . . . ..e. . . . . . . . . . . . 
S1,631,569 100.00% 
2=2222:22r2 2=22222=222 

$828,322 49.10% 
239,399 14.19% 

62,500 3.71% 
556,676 33.00% 

. . . . . . . . . . . . . . . . . . . . . . 
S1,686,897 100.00% 
t222222222~ 222222t2222 

S828,322 49.11% 
$239,399 

27 239,426 14.19% 
62,500 3.70% 

556,689 33.00% 
. . . . . . . . . . . . . . . . . . . . . . 
., ,- . . . ..^ .-. 

(6) (7) (8) 

9.420% 4.16% 
4.000% 0.%X 
6.995% 0.6SX 
9.515% 3.14% 

. . . . . . . . . . . 
8.49% 

2===2=22222 

9.420% 4.16% 165,239 

4.000% 0.54% 8,470 
6.995% 0.6SX 

10.250% 
10,272 

3.38% 53,068 
. . . . . . . . . . . . . . . . . . . .._ 

8.73X $137,049 
222222r2222 22*222=22*2 

9.288% 4.18% 
4.000% 0.56% 
6.946% 0.55% 
9.455% 3.12% 

. . . . . . . . . . . 
8.41% 

22222=2=2:2 

9.288% 4.18% $68,261 

4.000% 0.56% 9,179 F 
6.946% O-SS% 

10.250% 3.38% 
8,942 

SS,188 E 
CBA . . . ..-..... . . . . . . . . . . . 

8.67% s141,570 
22=2==2=22* 22*---,,,2= .m..-- 2: 

-l ' 
9.016% 4.43% 
4.000% 0.57% 
6.631% 0.25% 
9.455% 3.12% 

. . . . . . . . . . . 
8.37% 

=22=2=2=222 

9.016% 4.43% $74,682 

4.000% O.Sh 9,577 
6.631% 0.25% 

10.250% 
4,144 

3.38% 57,061 
. . . . . ...-0. e.......... 



BC GAS uTILI7Y LTD. 
TARGR COSTS - CAPITAL EXPENDITURE SUMMARY 
FOR THE YEARS ENDlNG DECEMBER 31.1998 TO 2000 

APPENDIX A 
1998 - 2000 SETnEhfENT 

ILLUSTRATIVE RATE IhlPACTS 
($000) PAGE 03-04 

Line Tar~d Costr 
No. Pl&UMS Base Cost 1998 1999 2000 

(1) (2) (3) (4) (5) 

1 SUMMARY - TOTAL COST 
2 
3 
4 CATEGORY: 
5 
6 
7 
8 
a 

10 
11 
12 
13 
14 
15 
16 
17 
18 
1g 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 

A : MAINS, SERVICES & METERS 

B : SYSTEM INTEGRIIY AN0 
RELIABILITY 

C : ALL OTHER PlANT 

TOTAL - CATEGORIES A, 8 & C 

0 : SPECIAL PROJECTS 

TOTAL CAPITAL EXPENDITURES 

TOTAL PER 1998 - 2002 VOL. 1. PAGE 03-04 (REV.) 

INCRMSE (DECRMSE) 

TOTAL CAPITAL EXPENDKURES - REAL ($1997) $83.066 583.853 $84.882 $04 774 

2300 

8400 

MISC. 

$35.204 $36,246 $37,652 $38,445 

18.545 18.805 18.948 18.850 

29.317 29.64 1 29,988 30.048 

83,066 84,692 86,588 87.343 

0 0 0 0 

0 0 0 0 

0 0 0 0 

83.066 84,692 86.586 87.343 

89.908 93,474 95.829 135.013 

___I (f8.782) ($6.842) ($9.241) ($47.670) 



BCGASUTILITYLTD. 
CAPITAL MPENOITURE I PUNT ADDITIONS SUMMARY 

mw 

APPENDIXA 
1998~ZOOOSE~LEMENT 

ILLUSTRATIVE RATE IMPACTS 
PAGE 03 05 

Line Target Costs 
No. Particulan Base cost 1998 1999 2000 

(1) (2) (3) (4) (5) 

1 CAPITAL WPENDITURES 
2 
3 A : MAINS, SERVICES 6 METERS 
4 
s B : SYSTEM INTEGRITY AN0 
6 RElIAt3ILfIY 
7 
6 C i ALL OTHER PIANT 
9 

10 D : SPECIAL PROJECTS 
11 
12 TOTM CAPITAL WPENDITURES 
13 
14 
1s W0RK IN PROGRESS 
16 Ml-C)pMhgwIP 
17 
18 
19 Le$s - Closin WIP 
20 
21 
22 
23 Add-MUDC 
24 
25 Ad6 - OI-l Caplalized 
26 
27 SUBTOTM - PLANT ADDITIONS 
26 
29 Add - 1996 and 1997 CPCNs 
30 
31 TOTAL PLANT ADDITIONS 
32 
33 TOTAL PER 1998 - 2002 VOL. 1, PAGE 03-05 (REV.) 
34 
35 P(CREASE (DECREASE) 

$35,204 $36.246 $37,652 $38.445 

18,545 18.805 18,948 18.850 

29,317 29,641 29,988 30.048 

0 0 0 0 

63.066 84,692 86,588 87,343 

16,100 15.205 8.380 

(15,205) (8,380) (9,770) 

1,550 1,595 1,530 

28,867 29,203 23.413 

116,004 124,211 110.896 

6.618 

122.622 124,211 110.896 

117.612 119.759 151.120 



*- 

8C GAS UTILITY LTD. 
OPERATIW 6 MAINTENANCE EXPENSE 
(S000) 

APPENDIX A 
1998 - 2000 SElTLEMENT 

ILLUSTRATWE RATE IMPACTS 
PAGE09-02 

Line 
No. Pwtktktan 1908 

(1) (21 

Target Costs 
1999 

(3) 
2000 

(4) 

1 
2 
3 
4 
5 
8 
7 
8 
0 

10 
11 

COS~ Dnvers / Esulators 
Avenge No. of Customers 

Growth % 
Producflvity Improvemenl 

Fador (PIF) 
Inflrtlon (CPI) 

734.710 750.609 767,317 
2.10% 2.16% 2.23% 

2.00% 2.00% 3 00% 
1.00% 1 .oou 1 .OOK 

OhM (GrosQ 
O&U $133.784 $135,343 $135.638 
BC Hydro Service Agreemsnt 10.550 10.673 10.898 

Total 144,334 146.016 146.334 

1,624 1,624 1,624 

12 
13 DRtA’s 
14 -DSMIIRP 
15 -0mr 
16 
17 Total Grass OhM 

18 
19 O’H Cnpitalized 20 00% 20 00% 16 00% 

20 OhM 28,867 29.203 23.413 
21 BC Hydro Servica Agreemenl 
22 ORtA% 
23 -DSMIIRP 

1.624 1,624 1,624 
145.958 147,640 147.958 

24 -0mer 
25 Total D’H Capitrttzed 
26 

28.a67 29.203 23.413 

27 
28 
29 
30 

31 
32 
33 

Total Per 1998 - 2002 Vol. 1, Page 09-02 (Rev.) 15.075 15.510 15.967 
CMlerence 13.792 13,693 7,448 

OhM Exptnse /Ne$J 

O&u 115,467 116.813 122.921 
DRWs 

-DSMIlRP 1.624 1.624 1.624 
34 -0ther 
35 Total 01M Expense $117.091 $118.437 $124.545 
38 
37 T-1 pcr 1998-2002 Vol. 1. Page 09-02 (Rev ) $133.335 $137.133 $141.126 
38 
39 Dïfkfencs 
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BC CAS UTILITY 1TD. 

UNAMORTIZED DEFERRED CHARGES AND AIJORTIZATION 
FOR THE YEAR ENDED DECEMER 31, 1998 
($000) 

APPENDIX A 
1998 - 2000 SETTLEHENT 

1998 
PAGE 03-11-l 

Bal ance 
12/31/98 

t........- 
(9) 

Hid-Year 
Avc~~Q~ 

1998 
. . . . ..--_ 

(10) 

forccast 
Dalance Grass 
12/31/97 Additions 

. . . . . . . . . . . . . . . . ..-.. 

Amortization 
Less- Net . . . . . ..e...ImL.--..... 
Taxes Additions Expensc Other 
. . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 

~lne 
NO. Particulars 
. . . . . . . . . . . . . . ..I.................. 

(11 

1 Gcrcrrtd Interest 
2 
3 Harkct Rebate Incentivc 
4 - Mater Hcrtcr trrnts 
5 - Comnercirl & Hulti-Family 
6 
t NCV Conversion trants 
3 NGV Conversion Grants 1996-1997 
9 NGV Conversion Grants 1996-2002 

10 
11 vocal Cas Dcvelopnent 
12 frascr Valley Cas Exploration 
13 
14 Revenue Req. ttcaring - 1996-2002 
15 
16 
17 Oemand Side f4anagcment #G-69-93 
18 
19 Demand Side tlanagement 1996-97 
20 Demand Sidt Management 1996.2002 

5: 
23 Integrrted Resource Plan 16-69-93 
24 Intcgrated Resource Plan 16-60-95 
25 Integrated Retource Plan lW6-97 
26 Intcgrated Resource Plan 1006-2002 

:i 
29 Residential Thermostat Program 
30 Propetty Tax Dcfcrral 

Account 
.m....... 

(2) 

#179-008 

1179.052 
#l79-013 

#179-018 

1179-053 2,908 
#179-092 457 

#179-141 133 

1179.063 45 

X179-064 

#179-109 
8179-062 

31 Uestar Receivable 6179-069 

(5) (6) (7) (8) 

SO SO SO SO SO SO 

0 0 (100) 0 302 352 
0 0 (SS) 0 48 7s 

0 
(668) 

0 (20) 
0 (S27) 

832 0 

0 

OD 

0 10 
1,007 1,271 

832 416 

(90) (90) (564) 
0 0 (91) 

2,581 
411 

0 0 (44) 0 

2,254 
366 

89 111 

0 0 (33) 0 12 28 

(7050) 
0 (110) 0 217 272 

880 0 0 880 440 

i 
0 

(4s) 

fi 
0 

SS 

(77) 
(49) 
(36) 

0 

0 
0 
0 
0 

56 94 
~ 98 123 

:: 2: 

(11) 
0 

(27) 
00 
0 

19 24 
(890) (890) 

TO7 121 

. . 
(3) 

SO 

402 
103 

20 
1,534 

0 

327 
0 

133 
147 
108 

0 

30 
(890) 

134 

(Cl 

SO 

ii 

0 

1,so: 

0 
0 

0 

0 

1,SBS 

ii 

10: 

i 
0 

” .._ -._~- _>l_ __ e-. --“-e--“-. --a -̂X _ 



BC CAS UTILITY LTD. 

UNAHORTIZED DEFERRLD CHARGES AND AHORTIZATJON 
fDR THE YEAR ENDED DECEHRER 31, 1998 
(SOOO) 

APPENDIX A 
1998 - 2000 SETTLEMENT 

1998 
PAGE 03-11.2 

nid-Year 
Balance Averagc 
12/31/98 1998 

-----.-w-e __.I_--____ 

Rtcorded 
RalanCt WOSS 

12/31/97 Addi tiens 
. . . . ..w..w. B-e....--- 

Amortization 
Line 

NO. 
-w.. 

:: 

:: 

:: 

ii 
40 
41 
42 
43 
44 
45 
46 
Cl 
48 

:i 

:: 
53 

:: 

:"I 

:i 
60 
61 
62 
63 
64 
65 
66 
67 
68 

Ltss- 
Irms 

--..-ews. 

(5) 

0 

(467) 

ii 

Particulars 
. . . . . ..-.--...-...--.----.... 

(1) 

Accoubt 
. .w . . . . w.. 

(2) 

V.C.R.A. 1179-088 
G.C.R.A. Intertst 11179-188 

Uiisysttm Sales Coord. tenter #179-120 
Rcvtlttokt Propane Cost #279-024 
B.C. Hydre DRIA #179-144 
DSfI GRIA #179-142 

Addi tiens Exptnsc 
-~~I~~~~. . . --w-.-e-m. 

(6) (7) 

00 
(10) 

0 
0 
0 

(29;) 
0 
0 

98 
0 2,so: 

0" 
0 

582 (686) 
0 (369) 
0 (176) 

0 
0 

(96) 0 
0 (214) 

(18) 
(7) 

193 

(555) 

(3) 

(13,500) 
0 

2:: 
(823) 
(489) 

Rccovtry of Non-Utility Service #279-063 
RSACI 8179-089 

NCV B.C. Transit Grants 
SC21 Pouer Bawt Progrma 
BC21 Power Smart Phase 2 

#179-10s 
r1179-119 

(98) 
(7,500) 

461 
444 
168 

Cüastal Facilitits (#C-6-9)) 
- Rtlocrtion 
- lochburn NBV Amortir8t ion 
- Frastr Vallcy NBV Amrtitrtim 

2,387 
1,108 

878 

Organizational Rtstructuring 1179-132 480 
Non-Cort ?lrrgin Deftrrcrl alto- 135 214 

tlain Extension Htaring Costs #179-138 
1395 tRP Participant Awrrds #1?9-140 
Gain cn Salt of Krmloops Pruperty #2?9-001 

18 

(19:) 

Rcstructuring Costs 0 

(4) 

00 

0" 
0 
0 

ii 

ii 
0 

1,049 

i 

ii 

0 

ii 

3,000 

(9) 

(9,000) 
0 

(10) 

(11,250) 
0 

13 18 
0 147 

(823) (823) 
(489) (489) 

0 (49) 
(5,000) (6,250) 

302 382 
222 333 
134 151 

2,283 2,335 
739 924 
702 790 

384 432 
0 107 

a : 
0 (97) 

1,110 SS5 

0 

0 
0 
0 

0 
0 

0 

1,665 

local Dtftrrtd Charges for Rate N8st 



BC GAS UTILITY LTD. 
APPENDIX A 

UNAHORTIZED DEFERRE0 CHARGES AN0 AMORTIZATION 1998 - 2000 SETTLEMENT 
FOR THE YEAR ENDED DECEWEER 31, 1999 1999 

PAGE 03-11.3 ($000) 

fortcast 
Balance Gros8 
12/31/98 Additions 

-.....--a-- ..-..**-a- 

. 

Line 
Mid-Year 
Averagt 

1999 
--.-a*.-. 

(10) (4) 

SO 

0” 0" 

0 ii 
1,500 (668) 

0 (81) 
0 0 

0 0 

0 

1.58: 

ii 
0 

100 

ii 
0 

0 

cm:, 

0" 
0 

(45) 

0 
0 

No. Particulars Accourt 
..-. .-.--.-__--.....--__-----.-- w-ma---.. 

(1) (2) 

1 Dtftrrtd Inttrtst #179-008 
2 
3 Harktt Rtbate Inctntivt 
4 - uattr Mater Grrnts #179-OS2 
5 - Corrrrttrcial i Hulti-Family #179-013 
6 
7 NGV Conversion Grants #179-018 
8 NGV Conversion Grant8 1996-1997 
9 NGV Conversion Grants 1998-2002 

10 
11 LccaI Cas Devtlopmtnt 1179-053 
12 Fraser Valley tas Exploration 8179-092 
13 
14 Revenue Req. Htaring - 1998-2002 x179-141 
15 
16 
17 Dtmand SIde Hanagtmtnt #G-69-93 1179-063 
lb 
19 Dtmand.Sidt Management 1996-97 
20 Dtmand Sidt Hanrgtment 1998-2002 

f : 
23 Inttgrattd Rtsourct Plan 16-69-93 #179-064 
24 Integrrted Rtsource Plan #G-60-94 
25 lnttgrrttd Rttourct PIan 1996-97 
26 Integrrttd Rtsourct PIan 1996-2002 
27 
28 
29 Resiutntirl Ihcrmostat Program 1179-109 
30 Proptrty T~A Dtfcrral 1179-062 
31 Uestar Rtceivablt 1179-069 

(3) 

SO 

302 
48 

0 
1,007 

832 

2,254 
366 

89 

12 

217 
880 

19 
(890) 

107 

(6) 

SO 

ii 

0 
0 

832 

(81) 
0 

0 

0 

0 
880 

0 

ii 
55 

0 
0 
0 

(7) (8) 

SO 

(100) 
(48) 0” 202 252 

0 24 

0 0 
(527) 0 
(277) 0 

0 
743 

1,109 

(5441 
(91) 

0 
480 

1,387 

1,629 
275 

1,942 
320 

(44) 0 45 67 

(12) 0 0 6 

(109) 
(293) 

108 163 
1,467 1,174 

(56) 
(49) 
(36) 
(18) 

(11) 0 8 
0 429 (461) 

(26) 0 81 

14 
ON 

(676) 0 



SC GAS UTILITY LTD. 

UNAHORTIZED DEFERRE0 CHARGES AND AHORTItATION 
FOR THE YEAR ENDED DECEHBER 31, 1999 

APPENDIX A 
1998 - 2000 SEflLEMENf 

1999 
PAGE 03-11.4 (SOOO) 

Rtcordtd 
Balance Cross 
12/31/98 Additions 

--.-..-.a.- e-.....m.. 

Amortiration 
Net .-------..II--.-----.- 

laid-Year 
Aversgt 

1999 
--I-e-.-- 

(10) 

Line Ltss- 
Trxrs 

.----e.-m. 

(5) 

0 

(6) (7) 

0 0" 

(13) 
0 
0 
0 

0 
0 

(159) 

':5t: 

(467) 582 (802) 
0 0 (369) 
0 0 (176) 

(96) 
0 

fl 
0 

(555) 

w-sa-a--.. 
($1,966) 

.-*---em- 
$2,268 

-em.---.-- _.__-_____ 

($4,667) $7,429 
===z===t*= ===*=rft== 

Balance 
12/31/99 

----a-s-m- 
(9) 

(4,500) 
0 

(6,750) 
0 

0 
(823) 
(489) 

0 
(2,500) 

143 
0 

100 

0’ 
(823) 
(489) 

0 
(3,750) 

223 
111 
117 

2,063 2,173 
370 555 
526 614 

288 
0 

: 
0 

sss 

336 
0 

833 

.------se- 

(S1,384) 
---Xe,-a,, -me ----se 

Particulars Account 
-...--....-.........------.. .-.-.a-.. 

(1) (2) 

C.C.R.A. x179-088 
G.C.R.A. Interest #179-188 

Othtr 
-esm-mmws 

(8) 

4,500 
0 

00 

0" 

2.500 

0 
0 
0 

a" 
0 

i 

0 

00 

0 

NO. 
-ms. 

:: 

33: 

33: 

:i 

40 
41 
42 
43 
44 
45 
46 
47 
48 
49 

:!i 

:: 

:: 

:) 

:o 
60 
61 
62 
63 
64 
65 
66 
67 

Offsysttm Sales Coord. Ctnter #179-120 
Rtvtlstokt Propane Cost u279-024 
B.C. Hydre DRIA #179-lu 
DSH GRIA #179-142 

(3) 

(9,000) 
0 

13 

(82:) 
(489) 

0 
(5,000) 

302 
222 
134 

2,283 
739 
702 

384 
0 

FI 
0 

1,110 

(4) 

00 

1,049 

0 

Rtcovery of Non-Utility Service #279-063 
RSM #179-089 

NCV 8.C. Transit Crants 1179-105 
BC21 Powtr Bmart Program 8179-119 
BC21 Pouer Smart Phase 2 

Coastal Facilitits (#C-6-%) 
- Rtlocrtion 
- Lochburn NBV Aktitation 
- frastr Vallty NBV Amortitrtion 

Organizational Rtstructuring 1179-132 
Non-tore Margin Dtftrrrl 8179-135 

Main Extension Htaring Costr #129-138 
199s IRP Participant Awards #179-140 
Gain on Salt of Kamloops Proptrty #279-001 

Restructuring Costs 

68 Total Dtferrtd Charges for Rate Base 
.-mm*====== e-e 



BC CAS UTILITY 110. 

UNAMORTIZED DEfERRED CHARGES AN0 A~ORfItATION 
FOR 1% YEAR ENDED DECEXBER 31, 2000 

APPENDIX A 
1998 - 2000 SEffLEflENf 

2000 
CSOOO) PAGE 03-11.5 

fortcrst 
Mrnce Grass 
12/31/99 Additions 

. . . . . . . . . . . a--...eam. 

Ltss- 
Amortiration Hid-Ytar Net . . ..-----......--..... Balance Avtragt 

Othtr 12/31/2000 2000 Taxes Addftions Exptnst 
.w...... m-.....-. . . ..w...e... . . ..m-.... . . . . . ..-mm .._....... 

Line 
NO. Particulars ACCOUI t 

. . . . . . . . . . ..-.....-...m......... -mm--I-.. 
(1) (2) 

1 Dtftrrtd Inttrtst 1179-008 
2 
3 Harktt Rtbatt Inctntivt 
4 - uattr Mater Grants #l79-052 
5 - Commercial & Hulti-family #179-013 
6 
7 HGv Conversion Grants #179-018 
8 NCV Conversion trants 1996-1997 
9 NGV Conversion Grantr 1998-2002 

10 
11 Local Cas Dtvtlopntnt 1179-053 
12 frattr VaLLty Cas Exploration #179-092 
13 
14 Revenue Rtq. ntaring - 1998-2002 #179-141 
15 
16 
17 Dtmand Sidt Hanagtmtnt #G-69-93 1179.063 

! Dtmand Sidt Hanagtmtnt 1996-97 
20 Dtmand Sidt Hanagtmtnt 1098-2002 

f : 
23 lnttgrrttd Rtscwrct Plan #G-69-93 #179-064 
24 Intcgrrtrd Rtsourcc Plan IG-60-94 
25 Intcgrrted Rcsource Plan 1996-97 
26 Inttgrrtcd Rtsourct Plan 1998-2002 
27 
28 Rtsidtntial Thermostat Program 1179-109 
29 

(3) 

SO 

202 
0 

0 
480 

1,387 

1,629 
275 

45 

0 

108 
1,467 

0 

:: 
92 

8 

30 Proptrty Tax Dtftrrol 1179.062 (461) 
31 ktstar Rtctivablt #179-069 81 

. . 
(4) 

SO 

i 

0 

1.50: 

0 

0 

0 

1.58: 

ii 
0 

100 

0 

0 

(5) (6) (10) 

SO SO 

(7) (8) (9) 

SO SO SO SO 

0” (100) 
(42) 

102 152 
(42) (21) 

ii 
832 

0 
0 

1,664 

1,036 
184 

0 
2&0 

1,526 

(73) 
0 

(73, 
0 

0 
(480) 
(5%) 

(5201 
(91) 

1,332 
230 

0 0 (45) 0 23 

0 0 0 0 0 0 

(70:) 
0 (108) 0 0 54 

880 (587) 0 1,760 1,613 

0 
0 

(45) 

0 0 0 
0 (49) 0 
0 (36) 0 

5s (37) 0 

0 
0 

110 

0 

0 
54 

0 
25 
18 

100 

0 0 (8) 0 

0 0 0 461 
0 0 (27) 0 

(231) 
68 



BC CAS UfllltY LfD. 

UNAHORllZED DEFERRE0 CHARGES AND AflORTlZATION 
FOR THE YEAR ENDED DECEHBER 31, 2000 
(L000) 

APPENDIX A 
1998 - 2000 SETTLEMENT 

2000 
PAGE 03-11.6 

Rtcordtd 
Orlrnct 

Amortizrtion 
Net ----r.--....-...-----. Balance 

flid-Year 
Avtrsgt 

2000 
.--ssse.*- 

(10) 

L Ine 

NO. 
. . . . 

3’f 

3: 

;; 

3: 

b0 
41 

42 

43 

cc 
SS 
46 
47 
4s 
49 

:1 

:: 

:: 
56 

:i 
59 
60 
t1 
62 
63 
64 
65 
66 
67 

Particulars Accourt 
..-..--.-.-...-...---..---.. . . ..---.. 

(1) 

G.C.R.A. 
G.C.R.A. Inttrtst 

ta 

8179-088 
#179-188 

Otfsysttm Sales Coord. Ctntcr #179- 120 
Rtvtlstokt Propant Cost 8279-02s 
B.C. Hydre DRIA #1?9-14s 
0% DRIA #179- 142 

Recovtry of Non-Utility Service 
RSMI 

NCV B.C. fransit trants 
RC21 Poutr Smtrt Progrrr 
Bctl Poutr Suwt Phase 2 

1279-063 
alto-089 

x179-105 
#179- 119 

Corstrl facilitits (#C-6-%) 
- Rtlocatiocr 
- Lochbwn WBV Amortizltion 
- Frrrtr Vallty NBV AmOrtiZatim 

8179-128 

(3) 

(4,500) 
0 

0 
(823) 
(489) 

0 
(2,500) 

143 
0 

100 

2,063 
370 
S26 

288 
0 

0 
0 

555 

(4) (5) (6) 

0” 
(7) 

00 

0 
0 

ii 
823 
489 

0 

(143) 
0 

(35) 

582 (918) 
0 (370) 
0 (176) 

0 

(96) 
0 

0 
0 

(555) 

(8) 

4,500 
0 

(9) 

ii 

ii 
0 
0 

2.50: 

: 
0 

0 
0 
0 

0 
0 

0 
0 

66 

1,727 

3Si 

192 
0 

0 
0 

0 

0 0 (2,250) 
0 

ii 
0 
0 

0 
(412) 
(24s) 

0 
(1,250) 

0 
0 

71 
0 

83 

1,049 

i 
Y) 

0 

1,895 
185 
438 

Organizational Rtsrructuring #17p- 132 
Non-COrt llrrgin Otftrrr~ #179- 135 

nain Extension ntaring Costr #175'-138 
19H 1RP Participant Awrrds Il79-140 
Gain on Salt of Kamloops Proptrty #2t0-001 

Rtstructurlng Costs 

a 240 
0 

0 
0 00 

0 
0 
0 0 8 

278 s 

00 
0 0 

68 lotil Dtftrrtd Charges for Rate B88t 



- APPENDIX B 
Page 1 of 2 

SmH 9ooR. Qoo HOWE STREET. BOX 250 
V-R. B.C. CANADA V6Z 2N3 

l=EiWONE: (604) 660-4700 
BC TOLL FREE: l-600-663438$ 

FACSIMILE (6041 660-1102 

VIA FACSIMILE 
July 15, 1997 

ML Jim Quail 
Thc British Columbia Public 

Interest Advocacy Centre 
8 15 - 8 15 West Hastings Stmet 
Vancouver, B.C. 
V6C lB4 

.- 
Re: BC Gas Utility Ltd. 

Thanlc you for your two Mers of Juiy 10, 1997 indicating yout consent to the terms of the proposcd 
settiement document along with thc letter recording your interprctation of two of the provisions of the 
pmposcdsetticIncnt of this matter. 

with mapcct to O&M productivity gains fkom capitai projccts the settiemat document records the method 
for recognizing productivity at page 5. During our discussions of this matter WC explored several 
exampks induding thc SOU~&~ Cmssing Project and the construction of a ncw operations building in the 
Lowcr Mainla 

In the cas~ of thc Southcm Crossing Rojcct the approval anci construction of the pipeiine would corne into 
rate hase the year following its complttion. A numbcr of impacts would bc felt including funding of the 
ras hase addition. changes to Wcstcoast or other upstream transportation suppiiers, new gas supply 
opttons at hopcfully more tfficicnt prices, and the potentiel of third party revenues from the use of spart 
ca acity in the pipeliac. None of thcse components would affect the O&M productivity levels unless 
SeO as wem also able to obtain a direct O&M 
capital cditioa. 

roducdvity improvemcnt from the existence of thés new 
If chat were to occur it wou d be avaiiable to assist BC Gas in meeting its OUS P 

f)tactivitytargcu~gthe EmainingtermofthethrccyearagrecmenL 

‘lk co kiou of a ncw operations ceutrc in thc Lower Mainland is probably a bcucr example of wherc 
some 23 O&%A productivity mi@ occur. Xn this case. BC Gar may se& approvd and then buiid the new 
operations centre aïlowing it to sel1 parts of the BoundaqAougheed property and relocate personnei froar 
a number of lcased remises. 

R 
E%csumabiy, thora wouid also bc some down sizîng of space rquircmenu 

at the downtowu of ce. The effect would be that the new capital costs would flow into rate base the year 
following thcir completion and the proceeds of the sale of thc Boundarybugheed pro@erty would redu? 
rate base. Thesc changes would net affect the O&h4 roductivity levels but the Company Will 1ikeîy obtoun 
a number of efficiencies resuking from thc more e f? rcicnt housing of employees, the avoidancc of UaVel. 
and such mauers as thc updating of equipment. Thcse benefits are ail avaiiabic to assist the Company in 
meeting its O&M p&uctivity targets for whatever remaining period exists in the three year settkment. 

. . J2 



A PPENDIX f3 
Page 2 of 2 

A third potentialiy significant CPCN could be the completion of a new customer information system 
dowing consolidated billing and other li&s to the financiai and work order systems within BC Gas. As 
with the other projects the capital cosfi related to the new system wouid corne into rate base in the year 
followmg completion. At the same rime the U&ys system would be retired from rate base and the billing 
contract with B.C. Hydro would k tefininated. mese changes would not effect the O&M productivity 
targets. but thc existence of the new customer information systems wouid likeiy have a pmfound impact 

. on BC Gas opcrations, allowing improved information and efficiencies in numerous O&M areas of the 
Company. Al1 of these O&M benefits would assist the Company in meeting the O&M targets for thc 
=ma.inhg period of the three year settlement. 

1 hopc this assists by providing an assasment of t&e of thc mott significant capital projects which may 
tome to ttalization latc in the rhrtt year settlement horizon. 

Yours truly, 

IL/ 
W.J. Grant 

‘JGh 
œcz Mr. D.M. Masuhara, Vice Pr&ient 

bgal and Rcgulatory Affairs 
BC Gas Utiby uci. 

ML David Butsey, Bull, Housser & Tupper 
Mr. Chris Wcafcr, Owen Bird 
Ms. Canal Itcardon, Hecnan Blaikie 
Mr. Dave Newlands, Fordin CO& 
eh Pacifie westcun ea 

YY 
Lad ucu anci Services Inc 

Mr. R. O’CaUaghan. RT Callaghan & Associates hc 
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Chapter 1 

Introduction 

With respect to an application by TransCanada PipeLines Limited (“TransCanada”, “the Companv” or 
“TCPL”) dated 5 July 1995 (“RH-2-95”) for 1996 tolls. the National Energy Board (“the NEB” Or “the 
Board”). in its Letter Decision dated 22 February 1996, indicated that it would, at a later date. be 
issu@ a consolidated version of the decisions which would inciude under one caver, key 
documentation for both Phase 1 and Phase 2 of RH-2-95. In addition, the NEB indicated that it would 
include the complete text of the Incentive Cost Recovery and Revenue Sharing Settlement. For ease 
of reference and in order to assist parties, the NEB is now issuing a blue-cover compilation of certain 
key documents produced with respect to 1996 tolls. The NEB believes that this blue-caver 
compilation Will provide an important legacy/reference document. In this regard, the NEB has 
included the following information: 

Chapter 2 

Chapter 3 

Chapter 4 

Chapter 5 

Chapter 6 

Chapter 7 

Chapter 8 

FST Settlement Agreement dated 16 November 1995 between the 
Canadian Association of Petroleum Producers (“CAP,“), The Consumers’ 
Gas Company Ltd. (“Consumers”), Union Gas Limited (“Union”), and 
TransCanada. 

NEB Reasons for Decision regarding RH-2-95 Phase 1. 

TransCanada Incentive Cost Recovery and Revenue Sharing Settlement. 

NEB Reasons for Decision regarding RH-2-95 Phase 2. 

Interim Toll Order AO- 1 -TGI-3-95. 

Final Toi1 Order TG-2-96. 

List of Other Relevant Key Documents. 

In order to minimize the number of pages of this blue-book document, the NEB has electronically 
scanned and inserted the settlement agreements contained in Chapters 2 and 4. As a result, the page 
numbers reflected in the blue book do not reconcile with those in the original agreements. In addition, 
the NEB is concemed that Chapters 2 to 7, inclusive may contain some discrepancies with the original 
documents as they were filed with or issued by the NEB. Therefore, in case of any discrepancy, the 
NEB directs readers to refer back to the original documents which constitute the officia1 versions. 

- 
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- Chapter 2 

FST Settlement Agreement 

FST SEITLEMENT AGREEMENT 

THIS AGREEMENT made as of the 16th day of November, 1995 

BY AND AMONG: 

CANADIAN ASSOCIATION OF PETROLEUM PRODUCERS, a Canadian 
net-for-profit corporation (“CAPP”) 

- and - 

THE CONSUMERS’ GAS COMPANY LTD., an Ontario corporation 
(“Consumers Gas”) 

- and - 

UNION GAS LIMITED, an Ontario corporation (“Union”) 

- and - 

TRANSCANADA PIPELINES LIMITED, a Canadian corporation (“TransCanada”) 

WITNESSES THAT, WHEREAS: 

A. CAPP, Consumers Gas, and Union (collectively the “FST Parties” and individually an “FST 
Party”) have a significant interest in TransCanada’s transportation services and tolls in general and, 
in the context of this Agreement, Firm Service Tendered (“FST”‘) and the FST differential and toll 
in particular. 

B. TransCanada is the applicant and the FST Parties are intexvenors in the public hearing before the 
National Encrgy Board (“the Board”) in respect of TransCanada’s application for tolls effective 
January 1, 1996 (the “Application”) pursuant to Hearing Order RH-2-95 (the “Hearing”). 

C. Consumkrs Gas and Union have each exercised their contractual rights to convert two-thirds of 
their FST service entitlements to Firm Transportation Service entitlements, effective 
November 1, 1998, by giving TransCanada a timely notice to that effect, which TransCanada has .; 
accepted. The notice given by Consumers Gas aiso applies to the conversion of the remaining 
one-third of its FST service entitlement to a Fii Transportation Service entitlement, effective 

. 

November 1, 1999. J 

D. In the light of the conversion notices, TransCanada and the FST Parties have discussed and wish ’ ! . 
to implement a consultative process, involving a broacl base of TransCanada’s shippers and other >J 
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TO~I Design 
Schedule 5.1 
Sheet 1 of 1 

Table 2-1 
Revised November, 1995 

Calculation of the FST Tell and Differential 
for the Test Year ending December 31, 1996 

-7 

i 

Y- i 

LINE RATE VOLUME COST 
NO. PARTICULARS DEMAND COMMODITY 100% LF 106M3 CDN($) 

rc. 
4 
5 

6 

7 

8 
9 

10 

11 

(A) EQUIVALENT COST OF FIRM TRANSPORTATION SERVICE 

Union 1,048.75 0.954 35.433 2 694.0 95,456,502 
Consumers 1.048.75 0.954 35.433 2 295.0 81.3189735 

TOTAL COST BASED ON FIRM TRANSPORTATION TOLL 4 989.0 176,775,237 

(B) COST BASED ON THE SUITE OF SERVICES 

(1) STFT COMPONENT (50%) 

Winter 35.433 997.8 35,355,047 
Summer 35.433 0 0 

Total STFT Component 997.8 35,355.047 

(2) IT COMPONENT (100%) 200% LF TOLL 

Summer 1 J48.75 0.954 18.194 2 993.4 54,46 1,920 

(3) CURTAILABLE COMPONENT (50%) 

Winter * 61 DAYS IT (MIN) 18.194 400.4 7284,878 
* 91 DAYS WFS (MAX) 49.606 597.4 29’634,624 

997.8 36,9 19,502 

TOTAL COST BASED ON THE SUITE OF SERVICES 25.403 4 989.0 126,736,469 

TOTAL DIFFERENTIAL (Line 3 - Line 9) 10.030 $/low 50.038.768 

* Based on 152 days in the 1996 Winter Season 

. . 

- 
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Chapter 3 

NEB Decision - Phase 1 FST Settlement 

TransCanada PipeLines Limited (“TransCanada”) 
Application Dated 5 July 1995 for 1996 Tolls (“RH-2-95”) 

Reasons for Decision Regarding Phase 1 

Background 

On 5 July 1995, TransCanada PipeLines Limited (“TransCanada”) filed an application pursuant to 
Part IV of the National Energy Board Act (“the Act”) for new tolls to be effective 1 January 1996. 

On 1 September 1995, the National Energy Board (“the Board”) issued Hearing Order RH-2-95 setting 
down the application for a public hearing to commence on 11 December 1995. Hearing Order 
RH-2-95 was amended by letters dated 12 October and 7 and 16 November 1995. 

On 20 October 1995, the Board approved a request by TransCanada to divide the proceeding into 
phases. Phase 1 would deal with issues related to cost allocation, toll design and tariff matters. 
Phase 2, which would begin no earlier than 29 January 1996, would deal with cost of service and 
other matters. TransCanada submitted that phasing would allow it sufficient time to complete 
settlement negotiations respecting cost of service matters. 

Phase 1 of the hearing took place in Ottawa, Ontario on December 11, 12, 13 and 14, 1995. 

The matters considered in Phase 1 included: tolls and tariff issues resolved by the 1996 Tolls Task 
Force; issues related to Firm Service Tendered (“FST”) and an application for interim tolls to be 
effective 1 January 1996. 

The Board’s Negotiated Settlement Guidelines 

In examining agreements among parties to a proceeding, the Board is guided by its Guidelines for 
Negotiated Settlements of Trafic, Tol1.s and Tarifi, dated 23 August 1994, and the caver letter from 
the Board of the same date (the “Guideiines”). Of particular relevance in these proceedings are the 
following extracts from those documents: 

l Al1 parties having an interest in a Pipeline*s traffic, tolls and tariffs should have a fair 
opportunity to participate and have their interests recognized and appropriately weighed in a 
negotiated settlement. The settlement process should be open and all interested parties should 
be invited to participate in the actual settlement negotiations. 

l Upon fïling of [information related to the resolution of individual toll design, tariff or other 
matters 1, interested parties would be provided with an opportunity to comment on each 
resolution. Resolutions that were not opposed by any party would normally be accepted by the 
Board. 

e The Board confirms that, when presented with a settlement package, it Will either accept or 
reject the package in its entirety. 
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1996 Tolls Task Force Resolutions 

TransCanada’s application contained twenty-one resolutions which had received either the unanimous 
support of the 1996 Tolls Task Force or were unopposed. Three of the proposaIs had received 
expedited consideration and approval by the Board prior to the hearing. The remaining eighteen were 
unopposed at the hearing. 

Decision 

The twenty-one resolutions approved by the 1996 Tolls Task Force and put 
forward as part of this proceeding and as described in Attachment 1, meet the 
Board’s Guidelines. The Board has considered and approves the resolutions in 
full and directs that they be incorporated into TransCanada’s Transportation 
Tariff. 

Firm Service Tendered (“FST”) SettIement Agreement ; & 

- 

In Phase 1 of the hearing, the Board was asked by The Consumers’ Gas Company Ltd. (“Consumers”), 
Union Gas Limited (“Union”) and the Canadian Association of Petroleum Producers (“CAPP”), 
collectively known as the FST Parties, and TransCanada to accept the FST Settlement Agreement 
dated 16 November 1995 (the “FST Agreement”), to which these parties were signatories. While 
acknowledging that certain interested parties were excluded from participation in the process which led 
to the signing of the FST Agreement and thus did not meet the requirements of the Board’s 
Guidelines, the FST Parties characterized the FST Agreement as a joint proposa1 and urged the Board 
to accept it in its “substantial entirety”. The proponents of the FST Agreement noted that it had been 
the intention of the FST Parties and TransCanada to include other parties in the negotiations; however, 
due to time constraints, this had not’ been’ possible. 

-<c 

The Northeast Group and ProGas Limited (“ProGas”) opposed the terms of the FST Agreement .and 
urged the Board to reject it. The Northeast Group also opposed the process which resulted in the FST 
Agreement on the basis that, while it had a direct interest in the outcome, it had been excluded from 
the negotiations. Further, the Alberta Department of Energy (“ADOE”), while taking no position on 
the FST Agreement, urged the Board to adhere to its Guidelines. 

Views of the Board 

In applying the Guidelines to the FST Agreement, the Board agrees that this is not an agreement 
within the meaning of those Guidelines. Accordingly, the Board believes that it would be 
inappropriate to accept or reject the FST Agreement per se. However, the Board cari review the 
particular components of the FST Agreement, as it would with the common position of parties to a 
proceeding, to determine whether each of the components is acceptable to the Board. Based on the 
decisions talcen by the Board, it Will then be up to TransCanada and the FST Parties to determine 
whether the terms of their FST Agreement have been met as a whole. 

- 

The two components of the FST Agreement which address issues relevant to Phase 1 of RH-2-95 
relate to the appropriate “suite of services” methodology to be used in calculating the FST Differential 
and the appropriateness and level of a split of the FST Differential between upstrearn and downstream. 
In respect of each of these components, the Board has exarnined the evidence put forward by ail 
parti:; :Y these proceedings to determine the justness and reasonableness of each proposaI proposed 
jointly by the FST Parties and TransCanada. 
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The Board also took note of the exclusion of other parties from the FST Agreement negotiations a,nd 
the reasons provided for their exclusion. 

FST Differential Methodology for 1996 

In this proceeding, TransCanada applied for a change to the existing “suite of services” methodology 
which was first applied to calculating the FST Differential as a result of the Board’s decision in 
RH-3-94. The proposed “suite of services”, which in TransCanada’s view is a more appropriate 
cost-based application of the generic “suite of services” approach to calculating the FST Differential. 
and the existing “suite of services” are detailed below: 

Proposed Suite of Services* 

W inter: 50% of volumes l 15 1 days as Eastem Zone Short-Term Firm Transportation 
(“STFI’“) at the 100% load factor toll 

50% of volumes l 61 days at the 200% load factor Eastem Zone Intermptible 
Transportation (“IT”) toll 

l 90 days at the Winter Firm Service toll which is 1.4 times the 
Eastem Zone 100% load factor Firm Transportation (“FI”‘) toll 

Summer: 100% of volumes l 2 14 days at 200% load factor Eastem Zone IT toll 

- Existing Suite of Services* (as clarified in Board letter dated 23 November 1995) 

Winter: 50% of volumes l 15 1 day s as Firm Transportation (“FI”‘) at the 100% load 
factor toll 

50% of volumes l 15 I days as the minimum Temporary Winter Service (“TWS”) 
toll 

Summer: 50% of volumes l 194 days as Firm Transportation (“FI”‘) at the 100% load 
factor toll 

l 20 days as the minimum Eastem Zone IT toi1 at the 200% load 
factor 

50% of volumes l 214 days as the minimum Eastem Zone IT toll at the 200% 
load factor 

* The foregoing would be modified to add one additional day to account for the leap year 
which occurs in 1996. 

TransCanada’s proposed “suite of services” is based on two criteriz the level of operating flexibility 
which FST provides the system; and the contracting approach which a customer would likely talce in 
order to ensure the highest degree of probability that it would receive its volumes during the respective 
seasons. in the most economical fashion. In order to appropriately reflect these criteria, TransCanada 
has developed a proposed “suite of services” which places greater reliance on the IT toll. 

TransCanada was supported by the other parties to the FST Agrccment, TransCanada Gas Services 
Limited (“TCGS”) and the Ministry of Energy and Environment for Ontario. Opposition was 
expressed by The Northeast Group and ProGas, who submitted that there had net been a sufficient 
change in circumstances to warrant review of the existing “suite of services” approach, that the FST 
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.-. Differential had been arrived at through negotiations and that the proposed “suite of services” injected 
an additional flavour of IT which did not accurately reflect the annual, seasonal and daily delivery 
obligations of TransCanada under FST service. 

Views of the Board 

The Board continues to support the use of the “suite of services” methodology in deriving the FST 
Differential. 

The majority decision in RH-3-94 acknowledged that the “suite of services” approach, which was 
adopted at that time, might require reassessment in a future proceeding. Specifrcally, in that decision 
the majority stated: 

“The Board recognizes that, if TransCanada or other parties believe that the value of FST service 
to its system is more appropriately reflected by an alternate suite of services from that proposed by 
CAPP or some other approach, there is an opportunity to bring forward a proposa1 either before 
the Tolls Task Force or in a future tolls application.” 

- 

Upon reflection and after having experience with the “suite of services” approach, the FST Parties and 
TransCanada have brought forward a proposed “suite of services” for consideration by the Board. It is 
incumbent on those parties to satisfy the Board that the proposed “suite of services” Will result in tolls 
that would be more just and reasonable than those which resulted from the decision of the Board in 
RH-3-94. As discussed above, the mere fact of agreement arnong some of the parties is not suffcient; 
each of those parties acknowledged that the negotiations of the FST Agreement involved compromises. 
Accordingly, the Board has carefully examined the evidence to determine whether the proposed “suite 
of services” is a better surrogate for the value of FST service than that approved in the RH-3-94 
decision. No other alternatives were put forward for consideration by the Board. 

The level of the FST Differential for 1995 which was calculated from the existing “suite of services” 
resulted in a decision by Consumers and Union to opt to convert FST volumes to FI’ volumes. This 
decision to convert the FST volumes to FI’ volumes is strong evidence, in the Board’s view, that 
under the existing “suite of services”, FST service is overpriced and, therefore, inappropriate. 

The main difference between the proposed “suite of services” and the existing “suite of services” is the 
greater reliance on the IT toll. While certain assumptions made by TransCanada regarding the 
availability of IT and shipper behaviour may not be totally accurate, the Board is persuaded that, on 
balance, the proposed “suite of services” is a better proxy for the flexibility required by TransCanada 
and the surety of transportation service required by the customer. 

Decision 

The Board approves TransCanada’s proposed “suite of services” proposal to calculate 
the FST Differential and the FST toll for the 1996 test-yem. 

FST Differential Split 

Under the terms of the FST Agreement, it is proposed that an upstream and a downstream component 
to the FST Differential be designated for 1996. ‘Ihe allocation of the FST Differential was negotiated 
to be 4 cents/GJ to the upstream and 21 cents/GJ to the downstmm, bascd on a 25 cents/GJ FST unit 
differential. In addition, it was agrecd that, after TransCanada had applied an appropriate “suite of 
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rlL. services” approach and calculated an actual FST Differential, any clïfference between the calculated 
FST differential and the agreed-to 25 cents/GJ FST Differential wouid be applied equally (i.e. SO/SO) 
to the upstream and downstream components. 

Under the “avoided COS~” methodology used prior to the Board’s decision in RH-3-94, the FST 
Differential was designated between upstream and downstream components. Under that methodology, 
the split, which was first introduced in RH-l-88, Phase 2, was a recognition by the Board that both 
upstream suppliers and downstream shippers/users contributed to the flexibility and other benefits 
afforded by FST service. Certain parties, TCGS [formerly known as Western Gas Marketing Limited 
(“WGML”)], Consumers and Union, in placing reliance on that split, included in their gas sales 
contracts a pass-through of the upstream component of the FST Differential to TCGS. The non- 
identification by the Board of a split of the FST Differential in its RH-3-94 decision has created 
contractual uncertainty among the parties to those contracts. 

Parties supporting the allocation of the FST Differential between qstream and downstream 
components, although acknowledging that the split was a negotiated element of the FST Agreement, 
argued for the inclusion in the Board’s decision of an approval of the split for the following reasons: 

l It would assist parties to achieve their expectations under the contracts since the gas supply 
contracts contemplate cost sharing on the basis of a split of the FST Differential. 

l It would recognize that the upstream component is an element of the value captured in the price 
for FST service. 

. It would be consistent with the decision in RH- l-88, Phase 2, which recognized the 
appropriateness of an upstream component of the FST Differential. 

l Non-FST tollpayers are unaffected by any splitting of the FST Differential between upstream and 
downstream components. 

The parties who opposed the approval of the split argued that it was not required for toll-setting 
purposes, that it is only required to resolve a private contractual dispute and that the determination of 
the split was not an independent valuation of the components but was subject to private negotiations. 

Views of the Board 

The Board must first decide whether approval of a split of the FST Differential between upstream and 
downstream is within its jurisdiction. In that regard, the Board notes that its jurisdiction in respect of 
traffrc, tolls and tariffs, as set out in Section 59 of the Act, is very broad and extends beyond the mere 
setting of tolls. The Board’s decisions may properly affect private contractual rights provided that the 
impacts on contract arrangements are incidental to the Board’s exercise of its regulatory powers. As 
discussed below, an element of the FST Differential is the value to the TransCanada system of the 
flexibility provided bath upstream and downstream by FST. In these circumstances, the Boarci is 
satisfied that an identification and approval of an FST Differcntial split is a matter related to 
TransCanada’s system flexibility and, thus, to traffic, tolls and tariffs. Therefore, after reviewing the 
arguments presented by parties on this point, the Board bas concluded that an approval of the FST 

- Differential split is within its juriscliction.~ 

Secondly, the Board must be satisfied that a recognition of the split, as put fonvard by TransCanada, is 
also appropriate. In that regard, the Board notes that: 
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. Parties to the FST gas supply contacts entered into those contracts, in part, in reliance on a 
pass-through of the split as set out in the then-existing FST methodology. - 

l The allocation is intended to recognize that the operating flexibility provided by FST is due to the 
ability of both suppliers and the FST shippers to accommodate the service characteristics of FST. 

l Parties supporting the FST Differential split have asked for the approval of the split as a 
transitional measure to facilitate contractual matters and to encourage a positive and cooperative 
approach to the upcoming consultative process for addressing FST coriversion issues. 

l The “suite of services” methodology does not, in and of itself, require or produce a split of the 
FST Differential. -.* 

l While there is no direct evidence on the record which could lead to an objective calculation of a 
split of the FST Differential, all parties directly affected by the FST Differential split in this 
proceeding have agreed to the value of each of the upstream and downstream components. 

Decision 

The Board also approves, as a transitional measure, the allocation of the FST Differential 
between upstream and downstream components as per the terms of the FST Agreement 
for the 1996 test-year. 

Process to Address FST Conversion Issues 

The Board’s 13 October 1995 arnendment to Hearing Order RH-Z-95 identified Issue 3 b) as the toll 
and tariff impact of conversion from FST to FI’. It was evident during the hearing that, at this time, 
parties were of the view that this issue related to an upcoming process wherein the views of a11 parties 
would be sought with respect to determining the ways and means by which TransCanada might be 
able to maintain a suitable level of flexibility once existing levels of FST had been converted to FI’. 

Within the text of the FST Agreement, it was noted that TransCanada and the FST Parties would 
co-operate and work together in an FST Study in order to implement a consultative process, involving 
a broad base of TransCanada’s shippers and other stakeholders. This FST Study would examine and 
eventually could determine the ways and means whereby TransCanada could maintain and possibly 
enhance, on a long-term basis, the operating flexibility that is currently provided by the service 
characteristics of FST, including the classes of transportation services that would achieve this end and 
the corresponding service characteristics and toll-making methodologies. 

, 

In final argument, TransCanada indicated that such an examination to effect the conversion would be 
broad in scope and a fully-open process. TransCanada indicated that the intent of this broad and open 
approach is to recognize and address as many concems as may be raised by different stakehoiders and 
that the objective of the discussions Will be to identify the optimum scenario which considers bath the 
economic and operational aspects of the conversion. 

. 1 

TransCanada also indicated that it supports the proposal made by The Northeast Group regarding an 
overall review of altemate firm transportation services and that this proposal would be addressed, as 
part of the FST Study in 1996, by ail participants in the 1997 Tolls Task Force. 

12 



- TransCanada further stated that the results and conclusions from a11 discussions and analyses in the 
consultative process Will be included in the comprehensive FST Study. This Study Will be ftled with 
the Board when TransCanada ultimately seeks approval from the Board to effect the conversion of 
FST to Fl’. 

Views of the Board 

In the Board’s view. the comprehensive nature of the Study and the consultative process to be used by 
TransCanada should address the concems of a11 stakeholders to RH-2-95 including those of The 
Northeast Group and ProGas. 

Decision 

The Board does not consider it necessary to issue specifïc directions in this area at this 
time. 

Interim Toll Request 

- 

By letter dated 6 December 1995, TransCanada applied, pursuant to Sections 19(2), 59 and 64 of the 
Act, for an Order establishing interim tolls effective 1 January 1996. The attached Order TGI-3-95 
establishes revised interim tolls effective 1 January 1996 to reflect the approval of the proposed “suite 
of services” in this Decision as well as to reflect the change in TransCanada’s approved rate of retum 
on common equity in accordance with the Board’s letter dated 6 December 1995, Order TGI-l-95 is 
not revoked and continues to apply for the 1995 test-year pending final disposition by the Board of the 
issue before it re: RH-3-94 on FST. TransCanada Will be required to file a11 affected schedules and 
revised tolls in compliance with the’ Phase 1 decisions and the approved rate of retum on common 
equity for 1996. 

Disposition 

The foregoing together with Order No. TGI-3-95 constitute our Decision and Reasons for Decision on 
this matter. 

(signed by) 

J.A. Snider 
Presiding Member 

K. W. Vollman 
Member 

R. Illing 
Member 

.- 

Calgary, Alberta 
December 1995 
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Attachment 1 
Page 1 of 4 

1996 Tolls Task Force Resoiutions 

Resolution 96-1 Tariff Amendment - Sales Meter Stations Charges 

The General Terms and Conditions (“GTC”), Section VII Will be amended to lower the threshold 
volume to which additional charges apply to 100 103m3 from 1 250 l@m3 for sales meter stations 
regardless of when the meter station was put into service. 

Resolution 96-2 Tariff Amendment - FST Curtailment Responsibilities 

The FST Toll Schedules Will be amended to clarify the wording of the GTC - Section XV such that 
an FST Shipper is not obligated to accept a Revised Tender unless that Revised Tender is a 
curtailment. 

Resolution 96-3 IT Tell Design Review 

.- 

The IT Toll Design Will remain in effect for the 1996 test-year as agreed upon in Resolution 95- 1 by 
the 1995 Tolls Task Force and as approved by the Board in RH-3-94 with the exception of those 
changes to the IT Bidding Ceiling and the method of determining the applicable nominated toll level 
as described in Resolution 96 14. It was further agreed that this issue would be revisited by the 1997 
Tolls Task Force. 

Resolution 96-4 Tariff Amendment - Imbalances Held at Primary Receipt Points : 

The GTC, Section II - “APPLICABILITY AND CHARACTER OF SERVICE” and Section XXII - 
“NOMINATIONS AND UNAUTHORIZED VOLUMES” Will be amended such that imbalances Will 
be deemed to have occurred and shall be held at the primary receipt point for the purposes of paying 
back recorded imbalances. 

I 

Resolution 96-5 Tariff Amendment - Nomination Time Change 

The nomination time Will remain in effect as agreed in Resolution 95-14 by the 1995 Tolls Task 
Force, and as approved by the Board in RH-3-94, foi the 1996 test-year. It was agreed that this issue 
would be reviewed by the 1997 TOUS Task Force. 

Resolution 96-6 TarifY Amendment - IT Nominating Discipline 

In an Application dated 23 August 1995, TransCanada requested that the Board approve the Tariff 
Amendments to the IT Nominatin g Discipline chat were agreed upon by the Tolls Task Force 
members. In a letter dated 21 September 1995, the Board approvecl the applied-for tariff amendments. 
This issue is to be reviewed by the 1998 TOUS Task Force. 

? ‘ 
.a 

* 
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Resolution 96-7 Tariff Amendment - IT Bidding Process 

In an Application dated 23 August 1995, TransCanada requested that the Boatd approve the Tariff 
Amendments to the IT Bidding Process that were agreed upon by the Tolls Task Force. In a letter 
dated 21 September 1995, the Board approved the applied-for tariff amendments. 

Resolution 96-8 TransGas TolIing 

The toll design for TransGas Will be modified effective 1 January 1996 under which TransGas tolls 
Will be based on the distance from weighted average receipt points to weighted average delivery points 
in either the Saskatchewan Zone or under the Intra-Saskatchewan contract. 

Resolution 96-9 Tariff Amendment - Contract Pressure 

The GTC, Section XII - “DELIVERY PRESSURE” Will be amended to relieve TransCanada of the 
responsibility to maintain contract delivery pressure at times, such as during pe& loads, when the 
delivery pressure falls despite reasonable preventative measures taken by TransCanada’s to maintain it. 

Resolution 96-10 Tariff Amendment - STS Service Classification 

The GTC, Section XV - “IMPAIRED DELIVERIES” Will be amended to reflect changes to the order 
of priority of both daily and seasonal curtailments of STS. This issue is to be reviewed by the 1997 
Tolls Task Force. 

Resolution 96-11 Expedited Processing of Resolutions 96-6 and 96-7 

. It was resolved that TransCanada would file an application with the Board requesting expedited 
processing of Resolutions 96-6 and 96-7. 

Resolution 96-12 Winter Fi Service (WFS) Price Cap 

In its applications dated 5 and 10 July 1995, TransCanada requested Board approval of deviations 
from TransCanada’s Transportation Tariff as it applies to Winter Firm Service for the bid period 
covering the 1995196 winter season. In letters dated 7 and 11 July 1995, the Board approved 
Resolution 96-12 in its entirety. 

Resolution 96-13 Tempo- Winter Service flWS) Price Cap 

The Tolls Task Force agreed to arnend the TWS toi1 schedule to reflect changes to the TWS price cap 
and the length of service entitlement for the bid period covering service for the 1995/96 winter season. 
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Resolution 96-14 IT Service Bidding . . 

The IT Toll Schedule Will be amended to change the criteria for the determination of a successful IT 
bid to the basis of the maximization of financial benefit to the system. For the 1996 test-year, the 
ceiling for bids east of the Manitoba Delivery Area (“MDA”) Will be at the 50% load factor of the 
Philipsburg toll. The ceiling for bids from Empress to and including a11 of the MDA and south to 
Emerson (“the West”) Will be at the 50% load factor level of the Philipsburg toll less the East/West 
Differential. The IT Service Bidding floors Will remain at the 200% load factor level for each 
domestic toll zone and export point. Nominations are to be evaluated on a maximum net revenue 
basis. The East/West Differential Will be added to each bid from the West for the purpose of 
assessing financial benefit to the system. 

‘7 

Resolution 96-15 Appropriateness of Basing Other Tolls on the FST Downstream Differential -i 

.- 

As a result of the approval of the “suite of services’* approach in RH-3-94, there is no longer the 
identification of an upstream and downstream component of the FST Differential. Consequently, the 
derivation of certain tolls (i.e. PS, WFS and TWS) which previously relied upon the specification of a 
downstream differential were required to be changed for 1996. This Resolution is intended only as a 
temporay measure pending potential resolution by the 1997 Tolls Task Force. 

Resolution 96-16 General Terms and Conditions Update 

Amendments to various sections of TransCanada’s GTC Will be made to reflect several new services 
approved in RH-3-94: Long-ter-m Winter Firm Service (LT-WFS), Enhanced Capacity Release Service 
(ECR) and Firm Backhaul Transportation Service. - * 

Resolution 96-17 Tariff Update re: “TransCend” 

Amendments to the GTC Will be made to remove a11 references to the Word “TransCend”. 
: 

Resolution 96-18 Tariff Amendment - Billings and Payments ; 

Amendments to the GTC Will be made SO that the billing date for a11 shippers Will be the 10th of each 
month and the invoice payment date Will be the 20th of each month. Al1 export customers Will 
continue to pay on the 25th of each month until expiration of each shipper’s expert contract. The 
payment date for a11 renewals and new export contracts Will reflect a payment date of the 20th of the 
month. 

- i 

- : 
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Resolution 96-19 Diversion Policy Adjustment 

The GTC, Section XV - “IMPAIRED DELIVERIES” Will be amended to give the diversion of gas 
away from firm contractual delivery points, which are downstream of the system restriction, priority 
over the diversion of gas away from firm contractual delivery points which are not downstream of the 
system restriction. 

Resolution 96-20 Single Handshakes 

Single Handshakes Will be incorporated into TransCanada’s Transportation Tariff to provide shippers 
and gas suppliers assurances of service. This Will also enable TransCanada to avoid operational 
imbalances in excess of a certain level by nominating against Handshake Account Holders where 
parties have not honoured their Handshake arrangements. 

Resolution 96-21 Tariff Update re: “ISW-1” 

The GTC, Section XVI - ” DETERMINATION OF DAILY DELIVERIES” Will be amended to update 
references to “ISW-1” to read “Maximum IT Toll between those two points or areas... ” to reflect the 
removal of the IT tiers. 

- 
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ORDER TGI-3-95 - c 

IN THE MATTER OF the National Energy Board Act 
(“the Act”) and the Regulations made thereunder; and 

IN THE MA’ITER OF a request dated 6 December 1995 
by TransCanada PipeLines Limited (“TransCanada”) 
requesting the Board to issue an Order establishing interim 
tolls effective 1 January 1996. 

BEFORE the Board on 21 December 1995. 

WHEREAS the Board has received a request from TransCanada, dated 6 December 1995, pursuant to 
Sections 19(2), 59 and 64 of the Natiorral Energy Board Act, for an Order establishing interim tolls 
effective 1 January 1996; 

IT IS ORDERED. Pursuant to Sections 19(2), 59 and 64 of the Act that: 
- 

1. Effective 1 January 1996, TransCanada’s current interim tolls pursuant to TGI- l-95 shall be 
revised by Order TGI-3-95 to reflect the approval of the proposed “suite of services” as set out 
in the Phase 1 Decision for RH-2-95 as well as the change in TransCanada’s approved rate of 
retum on common equity in accordance with the Board’s letter dated 6 December 1995; and 

. 
3 -. TransCanada is directed to file with the Board and serve copies on parties to RH-2-95 and its 

shippers forthwith a11 schedules and resulting tolls reflecting this decision. 

NATIONAL ENERGY BOARD 

(signed by) 

J.S. Richardson 
Secretary 

18 
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Chapter 4 

Incentive Cost Recovery & 
Revenue Sharing Settlement 

TransCanada PipeLines Limited 
Incentive Cost Recovery and Revenue Sharing Settlement 

Article 1 Introduction 

1.1 TransCanada PipeLines Limited (“TCPL”) and its stakeholders, as represented by the Tolls 
Task Force, (collectively “the Parties”) propose the implementation of this Incentive COS~ 

Recovery and Revenue Sharing Settlement which Will be applied to determine the Net 
Revenue Requirement utilized by TCPL in the calculation of tolls for the transportation of 
natural gas on the TCPL system, in accordance with the toll methodology and pursuant to 
the TCPL Transportation Tariff approved from time to time by the National Energy Board 
(“NEB”). 

- 1.2 The primary objectives of this Settlement are the following: 

- 

9 

ii) 

iii) 

iv) 

V) 

vi) 

vii) 

to more closely align the interests of the Parties by providing a framework which 
encourages effrciency gains, COS~ rninimization and maximization of system 
utilisation; 

to provide for the lowest possible costs and the highest possible throughput without 
compromising pipeline effrciency and reliability or adversely impacting safety or the 
environment; 

to result in tolls to shippers that Will be lower than they otherwise would have been 
if determined under traditional cost of service regulation; 

to maintain or improve the historic high level of service quality of the TCPL 
system; 

to maintain or improve the financial integrity of TCPL; 

to preserve firm shippers’ flexibility and ability to fully utilize their transportation 
contracts. The service attributes of FI’ service such as diversions, single 
handshakes, assignments, capacity release and enhanced capacity release, each 
reflecting their current Transportation Tariff and ‘ICPL policy provisions, Will be 
maintained or enhanced, subject to possible change by the Tolls Task Force and the 
NEB; and 

to provide for tbe active management by ‘IQL of its foreign exchange and debt 
management programs in order to minimiz costs. 
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1.3 

1.1 

1.5 

1.6 

1.7 

1.8 

1.9 

Article 2 

2.1 

This Settlement shall apply only to the mainline business of TCPL which is subject to the 
jurisdiction of the NEB. 

. ’ 
--t 

The Parties enter into this Settlement with the understanding that no single component of 
the Settlement is to be construed as representing the position of either TCPL or any 
stakeholder on the appropriate result that would be obtained in the absence of the 
Settlement. The Parties intend this Settlement to be viewed as a whole, and that there 
should be no prejudice to the positions of TCPL or any stakeholder in the future. No 
element of the Settlement should be considered as acceptable to either TCPL or any 
stakeholder in isolation from a11 other aspects of the Settlement. Al1 elements of the 
Settlement are inextricably linked. 

The Parties intend that the Settlement be applicable solely to TCPL and Will have no 
application to, or form a precedent for, TCPL beyond the term of this Settlement. 

.i 

. 1 

The Parties agree that if this Settlement is not approved in its entirety by the NEB, or if it 
is subsequently materially varied by an NEB Order, the Settlement Will terminate. 

j 

The Parties acknowledge that the NEB has exclusive jurisdiction over the establishment of 
TCPL’s tolls and that any matters respecting the derivation of tolls under this Settlement 
shall be determined by the NEB. 

Futthermore, the Parties contemplate that the NEB Will play the following role regarding 
the implementation of this Settlement and the resulting calculation of TCPL tolls: 

9 review and approve the reasonableness of the forecast of items covered in the 
Flow-Through Cost Envelope; 

-4 

ii) adjudicate a11 disputes which arise out of this Settlement and which cannot be 
resolved amongst the Parties in accordance with the terms of this Settlement; . 

iii) be the arbiter of matters involving additions or changes to Rate Base, except to the 
extent it is affected by a Capital Efficiency Mechanism; i 

i 
i 

iv) review and adjudicate on the disposition of Flow-Through Defetral Accounts 
pursuant to Section 8.5 and rule on any complaints filed in connection with such 
matter; and 

V> generally fulfrl its mandate as required under the National Energy Board Acr. 

The Parties intend this Settlement to be interpreted and applied in good faith and in a 
manner consistent with the spirit of the primary objectives set out in Section 1.2. 

- 1 

. 

Defînitions 

In this Settlement the following terms have the meanings set out below: 

(1) Actual Debt Portfolio means TCPL’s debt portfolio comprised of funded debt as at 
3 1 Ikccmber, 1995 and as amended from time to time to reflect fluctuations in 

. 1 
I 

TCPL’s debt position. id 

: 
I 
: 
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(3 

(3) 

(4 

(5) 

(6) 

(7) 

(8) 

(9) 

(10) 

(11) 

Base Discretionary 1Miscellaneous Revenue means the annuai benchmark revenue 
level for Discretionary Miscellaneous Revenue to be applied in the sharing 
mechanisms discussed in Article 15. 

Capital Effkiency Mechanism means that mechanism referred to in Article 1 1. 

Carrying Charges means the carrying charges that Will be applied monthly to the 
average of the month’s opening and ciosing balances in each deferral account at a 
monthly rate equivalent to i) in the case of deferral account balances related to the 
Interest Rate Management Program and the Foreign Exchange Management 
Program, the monthly average of the one month bankers acceptance rate for the 
month immediately preceding the current month, as reported by Reuters Information 
Services, page CDOR, plus applicable stamping fees, and ii) in the case of balances 
in a11 other deferral accounts, one-twelfth of TCPL’s annual Rate of Retum on Rate 
Base. Carrying Charges Will apply to all Flow-Through Deferral Accounts and a11 
Incentive Based Deferral Accounts. 

Cash Flow means the net of a11 monies received and paid in each Test Year of this 
Settlement in respect of current Test Year hedge transactions under the Interest Rate 
Management Program. For greater certainty, monies received or paid in a Test 
Year in respect of future years shall be amortized over the term of the underlying 
hedge instrument. 

Cost of Service means the annual owning and operating costs of the TCPL pipeline 
system. 

Depreciation Expense means the product obtained by multiplying the depreciation 
rates for the TCPL system in effect at 31 December, 1995, by the actual balance of 
gross plant included in Rate Base. 

Discretionary Miscellaneous Revenue means revenue calculated from the Imputed 
Fixed Cost component of the applicable toll for ail new and existing services not 
included within the definitions of Firm Service Revenue and Non-Discretionary 
Miscellaneous Revenue. Discretionary Miscellaneous Revenue Will include, but is 
not limited to, revenue from downstream diversions, STFI’ service, FBT service, 
ECR service, TWS, PS, IT service, IT Backhaul service, WFS, FT ovemm and STS 
ovemin. 

FERC means the Federal Energy Regulatory Commission of the United States of 
America. 

FT., FST, LT-WFS, STS, STFT, TWS, PS, IT, IT Backhaul, FBT and ECR 
have the meanings ascribed to such terms in the TCPL Transportation Ttiff, as it 
may be amended from time to time (see Schedule 2.1). 

Fixed Cost Allocation bits means the measurement units associated with the 
forecast of fixed volume and fixed volume distance for all finn transportation 
services not afforded by-product treatment for the Test Year. 
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