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SOCIETE EN NOM COLLECTIF

Montréal, le 18 septembre 1998

AVOCATS AVOCATS - CONSEILS
PAR MESSAGER Le trés honorable Pierre Elliont Trudeau, c.p., c.r.
Lhonorable Donald §. Johnston, c.p., c.r. (1974-1996)
Peter M. Blaikie, c.r,
~Pierre Marc Johnson, fs.rc.

Me Véronique Dubois AndréBurea, 00 &\ oot
Secrétaire de la Régie ]msw'ﬂmf'sr'u] 846-2317
Régie de I'énergie F
Gouvernement du Québec

800, place Victoria, 2e étage, bureau 255

Montréal, Qc H4Z 1A2

LIGNE DIRECT

Objet : ® Cause tarifaire de SCGM 1999
e R-3397-98
® Notre référence : 3070-206

Chére consoeur,

Nous vous transmettons sous pli quinze (15) exemplaires des documents
suivants constituant la preuve de I'ACIG relativement au dossier mentionné en
rubrique :

a) Piece ACIG-1, doc. 1 constituant la preuve de notre expert, Hugh W.
Johnson, relativement au mécanisme de rendement incitatif proposé par
Gaz Métro;

b) Piece ACIG-2, doc. 1 constituant la preuve de notre expert, le Dr. William
W. Waters, au sujet du taux de rendement.

Compte tenu que nous avons fait traduire du francais & I’anglais plusieurs
segments de la preuve de Gaz Métro dans les matiéres qui intéressent nos deux (2)
experts, nous apprécierions que la Régie, Gaz Métro ou les autres intervenants
nous informent s’ils désirent obtenir une version francaise de la déposition de ces
deux (2) experts.

Nous profitons de cette occasion pour rappeler a la Régie, & Gaz Métro
ainsi qu’aux autres intervenants que nous avons déja produit au dossier une version
anglaise des documents suivants :

a) Piece SCGM-15, doc. 1 constituant la proposition principale de Gaz Métro

au sujet de I’encadrement réglementaire (rendement incitatif) ainsi que sur
la formule automatique d’ajustement du taux de rendement;
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b) Piece SCMG-15, doc. 3 constituant I'expertise du Dr. Rabeau au sujet de
I’encadrement réglementaire (rendement incitatif).

Enfin, nous désirons informer la Régie, Gaz Métro et les autres
intervenants que nous avons en notre possession une version anglaise des
documents suivants que nous avons fait traduire pour nos experts et que nous
serions disposés a déposer au dossier :

1. Extrait de la décision D-93-51 du 1* octobre 1993 concernant la structure
de capital, le taux de rendement et le mécanisme de rendement incitatif;

2. Extrait de la décision D-94-65 du 1* décembre 1994 concernant la
structure de capital et le taux de rendement;

3. Extrait de la décision partielle D-95-48 du 21 juin 1995 au sujet du taux
de rendement;

4, Extrait de la décision D-95-54 du 24 aolt 1995 au sujet de la structure de
capital et du taux de rendement;

5. Extrait de la décision D-96-31 du 9 octobre 1996 au sujet de la structure
de capital et du taux de rendement;

6. Extrait de la décision D-97-27 du 30 juillet 1997 au sujet du taux de
rendement;

7. Version anglaise des piéces suivantes constituant les réponses de Gaz
Métro a certaines questions de I’ACIG, de la Régie et de certains
intervenants :

a) SCGM-15, doc. 1.2¢) et doc. 1.2f);

b) SCGM-15, doc. 1.3c), doc. 1.3e) et doc. 1.3f);

c) SCGM-15, doc. 1.5a), doc. 1.5b), doc. 1.5¢) et doc. 1.5d);

d) SCGM-15. doc. 1.6b;

e) SCGM-15, doc. 1.7b, doc. 1.7c), doc. 1.7d), doc. 1.7¢), doc. 1.7f),
doc. 1.7h), doc. 1.7i), doc. 1.7j), doc. 1.7k) et doc. 1.71);

f} SCGM-15, doc. 1.8a) et doc. 1.8b);

g) SCGM-15, doc. 1.9a) et doc. 1.9b);

h) SCGM-15, doc. 1.10a) et doc. 1.10b); ,

i) SCGM-15, doc. 1.11a), doc. 1.11b) et doc. 1.11c);

j).: SCGM-15, doc. 1.12a), doc. 1.12b), doc. 1.12d), doc. 1.12e), doc.
1.12f) et doc. 1.12g);
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k) SCGM-15, doc.
) SCGM-15, doc.
m) SCGM-15, doc.
n) SCGM-15, doc.
o) SCGM-15, doc.
p) SCGM-15, doc.
q) SCGM-15, doc.
r) SCGM-15, doc.
s) SCGM-15, doc.
t) SCGM-15, doc.
u) SCGM-15, doc.

1.13b) et doc. 1.13c);
1.
1.
2.
2.
2.
2.
3.
3.
3.
3.
v) SCGM-15, doc. 3.
3.
3.
3.
3.
3.
3.
3.
3.
3.

4a) et doc. 1. 14b)
8;

-

1
1
1;
2;
3;
6.
2;
3;
4

w) SCGM-15, doc.
x) SCGM-15, doc.
y) SCGM-15, doc.
z) SCGM-25, doc.
aa) SCGM-25, doc.
bb) SCGM-25, doc.
cc) SCGM-25, doc.
dd) SCGM-25, doc.
ee) SCGM-25, doc.

Nous apprécierions enfin que la Régie nous fasse part de ses suggestions
et directives quant & I’'opportunité ou non d’attribuer une cote quelconque aux
versions anglaises des documents ci-dessus que nous avons déj produits ou que
nous serions disposés & déposer au dossier de la Régie.

Veuillez agréer, chére consoeur, I'expression de nos sentiments les
meilleurs.

HEENAN BLAIKIE

GS*dmd : G

uy Sarault
P.j.

c.c. ® SCGM a/s Me Jocelyn Allard
® Intervenants (voir liste ci-jointe)
® ACIG
a/s M. Peter Fournier
a/s M. Hugh Johnson
a/s Dr. William Waters

- Heenan Blaikie
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Liste de distribution

Demandeur
SCGM | Téléphone : (514) 598-3785
a/s Me Richard Lassonde/ Me Jocelyn B. Allard
Lassonde, Longval, Allard, imbleau Télécopieur : (514) 5698-3725
Intervenants
RNCREQ Téléphone : (514) - 871-8117
a/s Me Héléne Sicard Télécopieur : (514) - 871-9177
Monsieur Phi P. Dang Téléphone : (514) 874-8846
Chef de Service, Marketing Télécopieur : (514) 874-8888
Gazoduc TransQuébec & Maritimes inc.
ROEE Téléphone : (514) 697-2349
a/s Me Yves Corriveau Télécopieur : (514) 697-2349
Groupe de recherche appliquée en Téléphone : (514) - 639-4132
macroécologie (GRAME) Télécopieur : (514) - 639-9043

a/s Monsieur Jean-Francgois Lefebvre

Union pour le développement durable (UDD) Téléphone : (418) - 682-5949

a/s Monsieur Jean-Pierre Drapeau Télécopieur : (418) - 682-3797
Fédération nationale des associations de Téléphone : (514) 842-9512
consommateurs du Québec (FNACQ) Télécopieur : (514) 845-6573
et

Option Consommateurs
a/s Me Benoit Pépin
Langlois Gaudreau

ACIG Téléphone : (514) 846-2317
a/s Me Guy Sarault Télécopieur : (514) 846-3427
Heenan Blaikie
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Liste de distribution

Corporation Approvisionnement - Téléphone : (514) 878-9641

Montréal, Santé et Services sociaux Télécopieur : (514) 878-1450
a/s Me Pierre Tourigny

Lafleur Brown

Monsieur Pierre Lacroix Téléphone : (514) 677-0100
Représentant sénior - Québec Télécopieur : (514) 677-0004
Société en commandite Duke Energie Marketing
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AS TO
THE INCENTIVE SCHEME
PROPOSAL

SEPTEMBER 1998
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ACIG-1, doc. 1
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SEPTEMBER 1998 Evidence of Hugh W, Johnson

~a. Bl folicecommce sasmeslad crmee sl ncme abmda somase : Bl cmmcmam momof e A® o

Q1: Mr. Johnson woula you piease state your full name and occupauon ?

A: My name is Hugh Warren Johnson. | am a partner with the fim of
Stephen Johnson, Chartered Accountants y business address is Suite 1810
205 - 5th Avenue S.W., Calgary, Alberta

Q2: Whatis your academic and professional .b_ack.g_rgund?

A: My Curriculum Vitae is attached as Appendix |

Q3: Atwhose request have you
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(“IGUAJ/ACIG").

What is the purpose of your evidence?

P T T PR TN
i have been asked to addr

Commandite Gaz Métropolitain (“SCGM"”)

ss the proposed incentive scheme o

What conclusions have you reached in this evidence?

The existing methodoiogy used with respect to SCGM has a number of

chnrtwmmne however it could be continued as an interim or stonaan measure until
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a broader consensus based incentive mechanism couid be achieved.
The proposed mechanism of SCGM is seriously flawed and should not be adopted.

The Régie should direct SCGM and the stakeholders to commence discussions in
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the stakeholders.

centive mechanism that meets the goals and objectives of all

incentive regulatory schemes?
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Incentive regulation generally purports to overcome what are considered the
inefficiencies of traditional rate of return regulation. The two inefficiencies relate to
the lack of incentive under rate of retum regulation to control costs and the incentive
to invest in capital assets, i.e. to construct facilities (Averch Johnson). An additional
reason given for incentive regulation is that it may reduce the regulatory burden.

Whether regulatory burden can be decreased under incentive schemes is very much
related to the circumstances of the utility and the nature of the incentive scheme.
The methods approved for TransCanada PipelLines Limited (“TransCanada” or
“TCPL") and BC Gas Utilities Ltd. (see Appendix IV) require annual filings and
regulatory determinations. A reasonably simple or very formulistic method may
operate for a number of years without regulatory scrutiny. The current incentive
methodology of SCGM does not eliminate the need for the regulatory proceeding for
both the annual rate case and the closing of the books. Further the proposal of
SCGM still requires and still proposes an annual rate case and a process similar to
the closing of the books.

A review of SCGM's filing, in particular SCGM-2, Document 5, the 1998 Budget
indicates that of the total 1998 Revenue Requirement of $1.091 billion, only 9.17%
(99.997 million/1.091 billion) are costs that are both controllable by SCGM and
impacted by inflation over the shorter term, one year to the next. The balance of the
costs are either not affected by inflation directly in the test year and/or are not
controllable by SCGM. It is doubtful therefore that an incentive mechanism
designed to control costs is appropriate.

An incentive scheme for SCGM should address its specific factual situation. In
addition, the incentive scheme should address the issues that are of concem to the
customers. IGUA has indicated to me that although it is concemed with SCGM
controlling costs, it would like to see SCGM's facilities better utilized, with the
increased utilization resulting in the reduction of rates. The incentive mechanism

3 STEPHEN JOHNSON, Chartered Accountants
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currently in place and the proposed method do not directly address this issue. These
methods do not differentiate eamings achieved from cost savings from earnings
achieved by obtaining new customers or improving the load factor utilization on the
existing system.

Ideally, the increased eamings achieved by obtaining new customers, and therefore
increasing the utilization of the system, would be differentiated from increased
earnings achieved by existing customers electing to use more gas. In the former
case, SCGM has to actively work at obtaining the additional revenue whereas they
have little or no influence on existing customers currently using gas whose changed
economic circumstances have resulted in increased gas usage.

Doctors Mansell and Church initiated a study of the principle objective of which was
to examine alternative regimes for the regulation of major natural gas pipelines in
Canada including clarifying and analysing key issues and advancing the debate
relating to these regulatory altermatives. In doing so, the study reviewed the
regulatory fundamentals and traditional regime and drew on regulatory changes and
experiments with respect to other regulated segments such as telecommunications
and electricity. In their concluding observations, Mansell and Church state:

“After examining the many complex issues in the regulation of

gas transmission and the various regulatory alternatives it

seems apparent that none of the new-style incentive regimes

represent a panacea. Nor is it possible to conclude that any

one of these is uniformly better in terms of key evaluation

criteria than the traditional COS approach, especially that

which incorporates streamlining.

Rather, all regulatory approaches embody trade offs that must
be considered in the context of the particular circumstances of

each transmission system. In determining whether a specific

4 STEPHEN JOHNSON, Chartered Accountants
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alternative would be a significant improvement, several
fundamental questions must be answered. The first is whether
the regime is appropriate given the characteristics of the
system. For example, some approaches are well-suited for
stable, mature systems but deficient for those where frequent,
large expansions will likely be required. Similarly, some are far
better as short-term or transitional mechanisms than as
regimes which must be sustainable. A second important issue
is whether the trade-offs are acceptable. For instance, in many
cases the altemnative may result in greater cost efficiency and
reduced regulatory burden, but at the expense of real or
perceived faimess or at the expense of the overall level of tolls
if the cost of financial capital or the equity ratio is increased. It
will be important in every case to recognize all such trade offs

and obtain a consensus on their acceptability.” (emphasis
added)

“Given the particular circumstances of each system in terms of
factors such as the degree of competition, the level of capacity
utilization, and the rate of expansion, it will generally be

preferable to tailor the regime to some extent to the particulars
of the circumstances.” ' (emphasis added)

As indicated by Doctors Mansell and Church, it is important in implementing an
incentive mechanism, to consult with and obtain support of other stakeholders. The
incentive methodologies referred to in Appendix IV, were all the result of
negotiations and discussions amongst the stakeholders. In particular, the July 23,
1997 Reasons for Decision with respect to BC Gas Utility Ltd. (“BC Gas”), on the

1

Mansell, Robert L. and Church, Jeffrey R., Traditional and Incentive Regulation 1995, The Van Home
Institute for International Transportation and Regulatory Affairs, page 172.

5 STEPHEN JOHNSON, Chartered Accountants
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Q7:

first page of the Consolidated Settlement document, indicated all the parties who
were involved in the negotiation sessions, by way of contrast to SCGM's scheme
which has been proposed in isolation.

TransCanada'’s incentive scheme (see Appendix IV RH-2-95 Summary) has been
tailored to specifically address certain costs and revenues over which TransCanada
has some control or influence. This is done by an incentive envelope using flow
through of certain costs such as depreciation, retumn on rate base, income tax,
foreign exchange, insurance deductible costs, and a provision for discretionary
revenue. Other costs such as foreign exchange and interest, TransCanada obtained
approval to enter into a foreign exchange and interest management programs,
rather than relying strictly on deferral accounts.

Discussing objectives and needs with customers allows a negotiation to take place
that should meet some of the objectives of each of SCGM and its customers, rather
than just SCGM. This is best done outside of the hearing room.

Is it necessary to have an incentive scheme in order to simplify and adopt a
formulistic method of determining rate of return?

The Régie could adopt a formulistic method of determining rate of return on
common equity such as that discussed by Dr. Waters, without an incentive scheme.
The National Energy Board (“NEB") approved a formalistic approach to determining
retum on common equity before incentive schemes were adopted, as did the British
Columbia Utilities Commission and the Manitoba Public Utilities Board. (see
Appendix V, NEB's Decision RH-2-94, B.C.U.C. Decision of June 10, 1994 with
respect to rate of return and the Manitoba Public Utilities Board, Decision Order
49/95 May 5/95 with respect to Centra Gas Manitoba Inc.) The NEB's Decision RH-
2-94 Reasons for Decision on Cost of Capital, indicates that after the hearing had
been completed but before the decision was reached, Interprovincial Pipelines
Limited and the Canadian Association for Petroleum Producers had submitted a

6 STEPHEN JOHNSON, Chartered Accountants
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Q8:

Q9:

multi-year toll settiement for approval by the Board. However, that agreement had
no impact on the National Energy Board's decision with respect to the cost of capital
and in particular, to the formula used.

Please describe your understanding of the current incentive mechanism as
approved in Decision D-93-51.

Under this mechanism, at least (50%) of any excess return on equity ( after tax and
after accounting for deferral or levelling account adjustments) above the authorized
retum on common equity is retumed to the customers. SCGM is entitled to the
remaining 50% if its performance under four indicators is at 95% or higher. Of
these four indicators, two relate to customer service and two relate to security. If
the average of the four indices is less than 85%, then SCGM does not retain any
of the excess and all of the excess goes to the customers. If the average of the four
indicators is between the 85% average and the 95% average, an amount between
42.5% and 50.0% of the excess goes to SCGM with the customers receiving the
balance. [SCGM-15 Document 1, page 7 and 1993 Annual Report, page 20]

Is the current incentive method satisfactory?

The current incentive mechanism is simple and easy to apply. However, it fails to
recognize that the excess eamings can be achieved from factors outside the control
of SCGM's management. Altemnatively, the management activities may result in
savings, but factors beyond their control for which there are no deferral accounts,
results in minimal or no excess eamings.

The average of the four indices are key to determining the amounts benefiting
customers and SCGM. However, these indices are not rigorous nor easily
compared to other utilities, in order to determine whether the activities of SCGM
management are deserving of additional compensation or retum. In addition, if the
quality of service declines from say 95% to 90%, the same share of additional
income is achieved as if the indicators went from 85% to 90%. However, although

7 STEPHEN JOHNSON, Chartered Accountants
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one is a reduction in service and the other is an increase, they both result in SCGM
receiving the same amount of additional income.

If these quality of services indicators are considered to be true indicators of the
quality of service, perhaps the criteria should be based upon the actual performance
for two or three years prior. [f the current year does not meet or exceed the
previous year's performance, SCGM would receive a lesser amount.

In the future, SCGM may contract out, as other utilities are contemplating, some or
both of the customer service items that now result in quality of service indicators.
In those circumstances, the quality of service indicators would be a matter of
contract rather than a measure of service.

With respect to the security type indices, | understand that one relates to budget
versus actual for maintenance tests, while the other relates to response to
emergency situations. The time horizon on the response to emergency situations
seems to be too long. Further, just responding in a quick manner is not necessarily
providing good service if, once the response is made, the person responding is not
able to, or does not resolve the emergency situation satisfactorily. Getting to the
emergency situation in 30 minutes is no consolation, if having arrived there, the
personnel do not solve the emergency and a fire or explosion occurs. The second
item which is with respect to budget to actual comparison for maintenance tests
does not seem to be very rigorous. If tests were planned or budgeted and SCGM
later realized that, unless the budgeted number of tests were completed, it would
fail to earn its share of the additional earnings, the tests could be conducted in a
very supefficial manner in order to achieve the appropriate level. If the Régie
considers that these are truly indicators of service quality, a more objective
approach would be to compare the performance to a historical period or other gas
LDC's performance. The current performance under the indicators as shown in

8 STEPHEN JOHNSON, Chartered Accountants
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SCGM 15 Document 1.3(d) indicates that since 1993 SCGM has not been in
jeopardy of not sharing any of the over earnings.

Another consideration with respect to the current methodology is that there appears
to be an inherent bias in forecasting. The information provided in SCGM-15,
Document 1.3(a) indicates that only once in the last nine years was the trop-percu
(manqueé a gagner) negative and in every other year, there were positive amounts
(over eamings). Even in 1995, the year in which there was a shortfall, there appear
to be matters that were finalized after the year end which resulted in causing part
of the shortfall. (The 1995 Annual Report of SCGM indicated that the shortfall
would be approximately $1.3 million, however, the above referenced document and
the 1996 Annual Report referred to a shortfall of $1.8 million.)

One of the other reasons for the lack of earning shortfalls appears to be the liberal
use of deferral or levelling accounts by the Régie. In addition to the five accounts
listed in SCGM 15, Document 1, pages 6 & 7 of 32 and SCGM-12 Document 3,
lines 38 to 78, these minimize SCGM's risk and increases its ability to achieve over
earnings.

Q10: What do you understand to be the incentive proposal of SCGM?

A:

In very general terms, SCGM'’s proposal provides for sharing of savings calculated
before the year starts. The savings are calculated by comparing a certain basket
of volume adjusted costs inflated plus the pass-through of certain other costs to a
forecast revenue requirement.

The basis of the proposal appears to be that if controllable cost increases are less
than inflation (CPl), SCGM should be rewarded up-front based on the forecast
savings. However, natural gas distribution companies tend to be natural
monopolies. By their nature, many costs are expected to increase at a rate less
than inflation because marginal costs should be less than average cost. In addition,

9 STEPHEN JOHNSON, Chartered Accountants
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given the significant number of items included in the Revenue Requirement that
are not subject to short-term variations because of inflation rates, a natural gas

distribution comnanv should have rates which decline in

(-4 2R AR o 4R AT A=ll) TV e LEL=] LR =13 e § AWl 8 (184 p

terms over the medium term.

The terms used in the evidence are defined in Appendix Il and are reflected in bold

type.

At the beginning of the Test Year, SCGM proposed that it will determine an
Expected Service Cost. The Expected Service Cost is the sum of:
1) Base Service Cost less:
a) the Test Year forecast of cost of gas
b) certain Test Year transportation and storage costs which SCGM
submits are outside its control, and
c) return on equity and income taxes based upon the base year
costs as a percentage, applied to the Test Year common equity.
2) inflation applied to Base Operating Costs, and
3) Pass-Through Costs.

Two-thirds of the difference (Performance Bonus (up-front) between the
Expected Service Costs and the Required Revenue is added to the Required
Revenue to determine the Revenue Requirement to be generated through rates.

At the end of the year, to the extent that actual revenues, net of gas costs, actually
collected exceed the costs incurred, net of gas costs, including the up-front bonus,
the surplus will be split two-thirds to the customer and one-third to SCGM (SCGM-
15, Document 1.15, page 6 of 6, Scenarios 2 and 3). If the actual revenues, net of
gas costs, are less than the costs incurred, net of gas costs but equal to at least the
costs incurred, excluding the Performance Bonus (up-front), there would be no
adjustment at the end of the year. If the actual revenues, net of gas costs, were

10 ' STEPHEN JOHNSON, Chartared Accountants
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Q11:

less than the costs incurred, net of gas costs, excluding the Performance Bonus
(up-front), then the shortfall would be shared two-thirds to the customer and one-
third to SCGM. This differs from the current method where SCGM would bear the
entire shortfall. Based on the response to SCGM-15, Document 1.15, page 6 of 6
and SCGM-15, Document 1.66, it does not appear that there is any differentiation
at the end of the year between cost savings or increased revenues or the causes
of the excesses, as all surpluses are shared in the same proportion under SCGM's
proposal.

What type of incentive mechanism is SCGM proposing?

SCGM describes its mechanism as targeting several sets of actions with a more
global perspective (SCGM 15 Document 1 page 14 of 32 of the English translation).
The incentive mechanism that SCGM is proposing could be described as a form of
revenue cap with a very significant exogenous (flow-through of costs beyond its
control) factor of approximately 47% ($333.331/$697.519) of the Base Service
Cost, as reflected in SCGM-15, Document 1, Appendix |, lines 5-9. SCGM has
presented in this proposal a concept that all costs over which it believes it has some
influence are also impacted by inflation and could be expected to increase by CPI
annually. While all costs are influenced, to some degree, by the management of
SCGM, it is generally recognized that in natural monopolies such as natural gas
distribution systems, the costs that can be changed significantly in a one or two year
period are few. This is particularly the case if it is assumed that the accounting
policies and practices (e.g. capitalized overhead) don't change and changes to
depreciation and amortization periods require regulatory approval.

For purposes of this evidence, | am using the definition of controllable costs found
in Appendix . | have also assumed that costs for which there are deferral accounts
are generally not controllable, otherwise a deferral account would not be necessary.
| understand, however, that certain of the deferral accounts used by SCGM are for
items which the Régie has determined should be recovered over a period of longer

1 STEPHEN JOHNSON, Chartered Accountants
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base for a period of years. A significant shortcoming
of SCGM's mechanism is that it does not incorporate an explicit reduction in
costs for productivity improvements nor does it provide for what is often described

as a consumer productivity dividend or “stretch factor”.

Q12: Would you comment on the base cost of service used by SCGM,

A: The SCGM proposal uses a Base Service Cost, which for the 1999 Test Year
(€AAQ7 B81Q millinn) is nnt ralatad ta the annraved 1998 cnsat of carv {(Raca
\VV\II oW I W lllllIIVIl,. W IIWe I Wit WwW LW VWIw M et W e WWw Wwwe Wi WUw \H“U\'

lowmem e AONND Lavammnd Aanant ~Af man) Thha raci:ld A ONAN -
nequlremelu e Ui 1990 Wicuasl VUSL VI yag). 1T 1COUIl VI OV LUIIVI D
methodology is that it applies an inflation factor to a higher Base Operating Cost
than would be the case if 1998 amounts approved by the Régie were used. As

indicated above, increased sales should provide more than enough revenue at
prior year's rates to cover aii costs except perhaps, some increases in Pass-

to inflation on an annual basis. That certainly is not true with respect to
reciation bedded debt costs, and amortization of deferred char

pl WA §y WIS I W ~ e www very o o

whether they are controllable or not. Other costs such as real estate and
otentially affected by inflation but
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are not directly impacted in the manner by which the SCGM proposal implies.
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Q13:

For example, SCGM-2, Document 6, page 4 of 5 indicates that real estate and
property taxes, as well as levies from the Régie's are expected to decline by
17.3%.

If the Régie were to accept SCGM’s general approach, what costs would
you exclude out of the controllable category in addition those proposed
non-controllable by SCGM?

| would classify depreciation, amortization of deferred charges, financing charges
including interest and dividends, and certain additional items in the cost of
transportation and storage as Non-Controllable Costs.

Depreciation is a cost which is not directly affected by inflation on a yearly basis.
The depreciation rates are set by the Régie and | would anticipate that SCGM
cannot change the depreciation rates without the approval of the Régie. Additions
to rate base may cost more because of inflation, although CP! is probably not the
correct indicator of inflation for those costs. The historical amount of depreciation
expense is unaffected by the current year or future years’ inflation. Therefore it
is inappropriate to include depreciation expense in the Base Operating Costs to
which inflation is applied to arrive at the Expected Operating Costs.

The amortization of deferred charges is a cost item which is not controllable by
SCGM nor is it impacted by inflation in the current year. The occurrence of these
charges is a direct result of items which were either not within the control of
SCGM or were placed in a deferral account to smooth the impact of their
incurrence. In either case, these are historical costs that are being amortized.
Therefore, it is inappropriate to include the amortization of deferred charges in
the Base Operating Costs to which inflation is applied to determine the
Expected Operating Costs.

13 STEPHEN JOHNSON, Chartered Accountants
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Financing charges including interest and the deemed cost of preferred shares are
another cost item which is not controllable by SCGM. It is my understanding that
SCGM has a deferral account for financing costs. The need for a deferral
account and the ability to control costs are inconsistent. SCGM's decisions on
how to finance its debt may impact the overall cost of capital. SCGM has no
influence on the interest rates or charges it must pay. Past decisions are
reflected in the embedded cost of outstanding debt issues. These costs are not
impacted by the current year's inflation. The financing charges should be
excluded from the Base Operating Cost to which is applied to determine the
Expected Operating Cost. These costs should be treated as Pass-Through Costs
like depreciation and the amortization of deferred charges.

Real estate and property taxes as well as other charges including the royalty to
the Régie are also costs which are essentially beyond the control of SCGM. It
is the municipalities who will determine the amount of the property taxes. The
increases in those taxes reflect inflation only to the extent that the municipality
increases its millrate by an amount equivalent to inflation. In addition, the royalty
paid to the Régie may or may not increase by the rate of inflation, depending on
how the Régie allocates the royalty amongst the companies that it regulates. For
1999, both of these amounts decrease notwithstanding inflation (SCGM-2,
Document 6, page 4 of 5). For both of these categories of costs, the influence
that SCGM has on the annual amount is virtually non-existent. It was the
Government's decision, for instance, to create the new Régie and put Hydro
Quebec under its jurisdiction, providing a reduction in SCGM's share of the costs.

SCGM has indicated that it considers only the transportation and storage costs,
principally for TransCanada and Union Gas Limited (“Union”), as charges outside
of its control. These costs are shown in SCGM-15, Document 1, Appendix |,
Note 1.

14 STEPHEN JOHNSON, Chartered Accountants
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SCGM has no more control over the TCPL costs than it has over interest costs.
SCGM determines the volumes contracted and operationally determines the
utilization. While it does not have any control over the rates approved by the
regulator, SCGM patrticipates in rate proceedings before the NEB and the Ontario
Energy Board (“OEB”), presumably in order to influence the decisions of those
regulators.

For purposes of the items treated as Non-Controllable Costs, | have looked
principally at the storage and transportation costs for TCPL and Union as the
benchmark or standard. | understand that SCGM may, if TCPL or Union's rates
increase significantly, request an adjustment in its rates. Alternatively, the
change may be placed in a deferral account. Further, | have compared the costs
that are included in Note 1 (SCGM-15, Document 1) with the other storage and
transportation costs shown in SCGM-15, Document 8.

SCGM-5, Document 8 indicates at line 25 that the forecast cost of transportation
and storage is $302.793 million. Of this, SCGM has considered $237.667 million
to be non-controllable. However, in reviewing SCGM-5, Document 8, there does
not appear to be any significant difference between the $237.7 million included as
non-controllable and the other approximately $65 million which are treated implicitly
as controllable. For example, compression gas which is forecast to have a cost of
$40.5 million (SCGM-5, Document 8, page 1 of 2, line 11) is in the same category
as the commodity charges of TCPL which are shown on lines 11 and 12 of the
same document. However, SCGM considers that the two amounts for the
commodity charges for the Eastern Zone and the Northern Zone ($10.193 and
$.162 million respectively) are Non-Controllable Costs while the $40.5 million of
compressor fuel is a Controllable Cost. TCPL detemines the fuel ratios and
requires shippers such as SCGM to supply the fuel. The only control that SCGM
has over this amount is to determine the ﬂow of gas on the TransCanada facilities.

15 STEPHEN JOHNSON, Chartered Accountants
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That same control is applicable to the variable tolls on TransCanada which SCGM
has included as non-controllable transportation and storage costs.

Further, included in the costs of transportation and storage is the amount for lost
and unaccounted-for gas (forecast at $4.9 million, SCGM-5, Document 8, page 2
of 2, line 20). Lost and unaccounted-for gas is a function of both the cost of gas
and throughput. This item is generally expressed as a percentage of throughput.
The control that SCGM has on this item is related to reducing the percentage, not
the dollar amount since the cost of gas is beyond its control. While | am not
completely familiar with all of the other items included in the cost of transportation
and storage, there does not appear to be any one item that is any more controllable
than others. As such, | would suggest that all of the costs of transportation and
storage should be considered as Non-Controllable Costs by SCGM. In addition,
the driving factor for many of these costs is the cost of gas, rates determined by
other regulators or through contract, and are generally not impacted by inflation in
the simple and straight forward manner.

The approximate $65 million of storage and transportation costs included by SCGM
as Controllable Costs are approximately 65% of the forecast O&M expense shown
on SCGM-2, Document 5 of $104.4 million. The inclusion of these storage and
transportation costs as Controllable Costs allows SCGM to increase its operating
expenses by approximately 4.4% (SCGM-2, Document 6, page 3 of 5) when
inflation is projected at 1.7% and still under its proposal, receive a Performance
Bonus (up-front).

One cost under the complete control of SCGM is the consumer price discounts
offered to certain customers. The amount of new discounts to be offered is a
decision SCGM may make. However, the continuation of previous discounts for
which SCGM is still contractually obligated to pay (historical amounts) in the
upcoming year are certainly not controllable. For instance, it is not clear that

16 STEPHEN JOHNSON, Chartered Accountants
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Q14:

Q15:

inflation, for example, has anything to do with the forecast reduction from $24.9
million to $20.5 million (SCGM-2, Document 5, line 4) in consumer price discounts..

Is your interpretation of costs within SCGM’s control consistent ‘with
decisions and agreements that have been taken elsewhere and by the Régie
in past decisions?.

It is my view that for purposes of SCGM's proposal the only costs over which
SCGM has any significant control or influence is operating expenses. Even with
respect to these, there is a certain minimum level that would be incurred
irespective of volume or other factors. However, operating costs make up only

8.7% of the Required Revenue (104.4/1194.5, SCGM-2, Document 5, lines 11 and

3), the influence of SCGM’s management on the costs is relatively small. And
within the category of costs within its control i.e. operating and maintenance
expense, SCGM has not been able to limit that to inflation as indicated above.

In addition to your concerns over the classification of costs between
Controllable and Non-Controllable, are there other concerns with respect to
the methodology that make it inappropriate?

The SCGM proposal is a departure from most of the incentive based mechanisms
in that it proposes that shortfalls between allowed and achieved retum on common
equity (ROE) would be shared. As SCGM's witness, Dr. Rabeau indicates (page
14 of the English translation, 15 of the French version, particularly lines 26 and 27)
in an incentive based system, any lower Yield or shortfall is generally absorbed by
the shareholders. This is appropriate since utilities such as SCGM have the
information to monitor their performance, have deferral accounts to reduce and
insulate them from certain risks, have the ability to go to the regulator to introduce
new programs if necessary and in the case of SCGM, have most of their large
volume customers under long term contracts. Reducing SCGM's exposure to loss
from failing to control costs is not appropriate. While there may be a level at which
SCGM would have to come back before the Régie, if its eamings fell too low, this

17 STEPHEN JOHNSON, Chartered Accountants
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should not be built into the methodology. It should be up to SCGM to determine
whether its financial integrity would be impaired and therefore the need to take
steps to reduce the potential for earnings shortfalls.

The methodology proposed by SCGM is that it would receive two thirds of the
projected differential between the Expected Service Costs and the Required
Revenue at the beginning of the year and one third of any actually achieved
savings in addition to the Performance Bonus (up-front) at the end of the year.
This creates an obvious incentive to utilize what otherwise would be a surplus at the
end of one year to incur costs or expenses which by the mere timing of their
occurrence would result in a greater saving in the subsequent year for which SCGM
would, under their proposal, retain two thirds. If the excess otherwise calculated
before the expenditure was $1 million and SCGM were to incur an expense in year
X of $1 million, there would be no savings in year X and SCGM would have
foregone the potential of $333,000 of Performance Bonus. However, if, as a result
of the expenditure of $1 million in year X, in year X + 1, SCGM would have a
projected excess of $1 million, then under its proposal, SCGM would retain two
thirds, i.e. in this example $666,000. The timing of the expenditure produces an
increased Performance Bonus of $333,000.

SCGM wants its compensation for “efficiency” built into the rates. SCGM suggests
that it is in its best interest to ensure that sales projections are as realistic as
possible in order to ensure that it does not forfeit its compensation for efficiency
(SCGM-15, Document 1.7(d)). It appears to me that SCGM's risk is reduced by
including the Performance Bonus (up-front) in the rates. This produces a built-in
cushion so that SCGM could still earn its allowed return even though costs
increased by the amount of its forecast Performance Bonus (up-front) or sales
were less than that amount. The SCGM methodology of providing compensation
before it has proven that the costs or revenues can be fnaintained. appears to make

18 STEPHEN JOHNSON, Chartered Accountants
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it easier for SCGM to achieve those goals since the rates will be higher than they
otherwise would have been.

The SCGM proposal also appears to allow for the continued collection of the first
year's Performance Bonus in every subsequent year, provided that the revenue
from the prior year's rates, when applied to the current year's volume is equal to
or exceeds the subsequent year’s costs. (SCGM-15, Document 1.66)

Under SCGM's proposal, there is no distinction between factors that give rise to a
difference, either at the beginning of the year or at the end of the year. Nor does
it differentiate between a gain attributable to cost cutting, failing to expend a
budgeted amount, increased revenue due to an aggressive marketing campaign or
increased revenues from existing customers whose business increased.

The SCGM proposal seeks to have SCGM benefit from the increased utilization of
its system without explicitly considering the nature of the incentives and rewards
that should be provided to achieve the increased utilization, or the degree to which
SCGM can influence its utilization. In the SCGM proposal, if an industrial customer
has the good fortune to be awarded a major contract and increases the operation
of its plant from one shift to two, SCGM would benefit from such increase in the first
year by one third increased eamings. The Base Service Cost for a subsequent
year would be higher since it is calculated using the prior year’s rates applied to the
current year's increased throughput. As a result, under SCGM's methodology, the
Expected Service Costs will be higher providing a Performance Bonus (up-front)
in subsequent years.

SCGM's proposal appears to fail to recognize that it has been the customers of
SCGM that have bome the financial consequences of the underutilized distribution
system. The SCGM proposal does not appear to properly compensate customers
for these costs that they have borne.

19 STEPHEN JOHNSON, Chartered Accountants
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Q16:

Normally incentive mechanisms will contain restrictions on what changes can be
made on such things as operating and maintenance expense capitalized, and the
mix of debt financing terms, as well as other significant changes in business
operations.

Are there other adjustments required to the SCGM methodology?

SCGM proposals use a forecast Consumer Price Index (“CPI") for Canada.
However, with respect to the Controllable Costs, being essentially operating and
maintenance expense, | would think that a forecast Consumer Price Index for the
Province of Quebec, or if available for Montreal should be used. For example the
B.C. Gas incentive methodology, a B.C. CPI forecast is used. This forecast is to
based on Canadian bank forecasts, the Conference Board forecasts and forecasts
done by the Provincial Department of Finance. [f however, the SCGM proposal
were adopted and many of the costs, which | do not consider controllable, were
included for the purposes of calculating an inflationary impact, then another index
would likely be more appropriate.

SCGM proposes that the year-end performance adjustment that would be credited
to customers in the subsequent year would be based on the after-tax amount
(SCGM-15, Document 1.66). It is unclear from the information provided by SCGM
whether their method results in the customer benefitting by the before-tax amount
of their share of the savings. It should be noted that, in the TransCanada incentive
proposal, the methodology used by TransCanada, i.e. deferral accounts, results in
the customers receiving a before-tax benefit. In the Nova Gas Transmission Ltd.
incentive methodology, there is a specific provision for the amount to be adjusted
before-tax (Appendix IV, Nova Gas Transmission Ltd., Cost Efficiency Incenti\)e
Settlement, Article 6).

The methodology proposed by SCGM creates a situation where customers are
initially worse off than they would have been, absent the proposal. As indicated in

20 STEPHEN JOHNSON, Chartered Accountants
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Q17:

Q18:

Appendix | of SCGM-15, Document 1, absent the proposal, rates would be
designed to recover $709.547 million, some $1.9 million more than the Required
Revenue. The Scenario outlined in SCGM-15, Document 1.12(a) shows, contrary
to what SCGM suggests, that customers are worse off by $2.5 million than they are
under the current mechanism. ($1.9 million in higher rates and $.647 million as a
Performance Adjustment (year-end), as compared to the current method that would
have the rates designed to recover $707.605 million and the shortfall would be
bome by SCGM.

SCGM indicates that it would place a cap on its increased rate of return at 400
basis points. Do you have any comments?

The 400 basis point upper-limit appears to be high compared to the numbers
provided in Exhibit SCGM-15, Document 1.3(a). This exhibit provides the realized
retum and the amount of the trop-progu (manqué & gagner). In addition, it is
interesting that SCGM proposes no lower limited. In that response, it appears that
the largest increase achieved was 137.5 basis points in 1993. 400 basis points
appears to be particularly high, as well, in light of the most likely source of increased
earnings being increased utilization of the system. Under these circumstances |
would recommend that after an excess of between 50 to 100 basis points, there
should be an adjustment to the sharing mechanism so that the customers receive
an additional portion since customers bore the cost of the underutilised facilities for
a number of years. However, this recommendation should not be interpreted as an
endorsement of the proposal

How sensitive is the SCGM methodology to cost changes?

The SCGM methodology is quite sensitive to changes in Non-Controllable Costs.
This can be seen in SCGM-15, Document 1.39. In that example, a reduction of
$2.667 million with respect to transportation and storage costs increased the
Performance Bonus (up-front) payablé to SCGM td $3.7 million as compared to
$1.9 million in the example in SCGM-15, Document 1, Appendix |.

21 STEPHEN JOHNSON, Chartered Accountants
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Another example of the sensitivity of the methodology is found in SCGM-15,

~

Document 1.9(b), page 2 of 2. in this iatter exampie, inciuding certain costs as
Non-Controllable Cost eliminates the Performance Bonus (up-front).

Q19: Would you compare the results of the currently apnroved incentive scheme
and the proposed new incentive scheme as well as providing the results of
uvntir racammandatinne with raenact tn Contraliahla and Nan Canteallaklia
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Costs.
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$707.608 million, there would be a trop-pergu of $1.939 million. Under the existing
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$969,000 and the customers would receive an equivalent amount. Under SCGM's

proposal, it would retain the full $1.839 million. The other significant difference is,
under the existing method, customer rates would be set to recover the $707.608
miilion whereas under the new proposal, the rates wouid be set to recover the
$709.547 million. This results in the customers being worse off by the additional

$1.9 miliion.

The schedule attached as Appendix il provides the calcuiation that indicates, using
the recommendations contained in this evidence that there would be no

Q20: Could you summarize your views with respect to SCGM and the incentive

A:  Based on the foregoing, it would appear that the current incentive methodology has

s. However, it could continue as an interim measure for 1999, perhaps
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with the introduction of a little more rigor to the performance indicators. The
m i s. Rather than
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propose specific remedies of behalf of my client IGUA, it would be preferable that
the Régie direct SCGM to sit down with its customers to discuss and work out an
incentive mechanism which meets the goals and objectives of all the stakeholders.
This approach would be consistent with the various incentive methodologies which
have been referred to in this evidence and the comments of Doctors Mansell and
Church who have indicated that it is very important to recognize, in any incentive
methodology, that there will be tradeoffs and that there needs to be a consensus
on their acceptability.

23 STEPHEN JOHNSON, Chartered Accountants
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method of accounting for income taxes for Union Gas Limited (1983).

Witness before the Regie de I'Electricite et du Gaz in the matter of
appropriate methods of cost allocation for gas utilities in Quebec (1985).

Witness before the National Energy Board with respect to matters of toil
design for Westcoast Transmission Company Limited (1986).

Witness before the Public Utility Review Commission of Saskatchewan with
respect to matters relating to a gas cost adjustment mechanism for
Saskatchewan Power Corporation (1986) and on a rate design for
Saskatchewan Power Corporation (1987).

Witness before the National Energy Board in the matter of the availability of
services on TransCanada PipelLines Limited (1986), the tolls of
TransCanada PipeLines Limited (1987, 1988/89, 1991, 1992, 1993 and
1995) and the tolls of Westcoast Energy Inc. (1987, 1989, 1990, 1992, 1993
and 1995).

Witness before the National Energy Board in the matter of facilities
applications by TransCanada PipeLines Limited (1989 and 1990).

Witness before the Public Utilities Board of Alberta with respect to deferred
gas accounting (1990), cost allocation and rate design matters (1991) for
Canadian Western Natural Gas Company Limited.

Witness before the Public Utilities Board of Alberta with respect to the
appropriate method of accounting for income taxes for Canadian Western
Natural Gas Company Limited, Alberta Power Limited and TransAlta Utilities
Corporation (1991) and before the Alberta Energy and Utilities Board with
respect to Alberta Power Limited and TransAlta Utilities Corporation (1996).

Witness before the National Energy Board in the matter of an appropriate
method of accounting for income taxes by Interprovincial Pipe Line Inc. and
accounting treatments in respect to the Montreal Extension of Interprovincial
Pipe Line Inc. (1992).

Witness before the Canadian Radio-Television and Telecommunications
Commission with respect to the appropriate treatment of additional tax
deductions arising from the privatization of AGT Limited and the appropriate
method of accounting for income taxes (1993).



Witness before the Public Utilities Board of Alberta with respect to an
application for interim rates on Peace Pipe Line Ltd. (1993).

Witness before the British Columbia Utilities Commission with respect to the
calculation of returns and the treatment of rate stabilization under the special
direction to the Commission relating to B.C. Hydro and Power Authority
(1993).

Witness before the Natural Resources Conservation Board of Alberta with
respect to an application by Chem-Security (Alberta) Ltd. (1994).

Witness before the Alberta Energy and Utilities Board with respect to the
tolls of Nova Gas Transmission Ltd. (1995).

Witness before the National Energy Board in the matter of an appropriate
method of dealing with the deferred taxes of Foothills Pipe Lines Ltd. (1995).

Witness before the Deputy Comptroller of Water Rights of British Columbia
with respect to the determination of rate base, capital structure and return on
equity of the Greater Victoria Water District (1996).

Witness before the National Energy Board with respect to an abandonment
application by Manitoba PipeLines Ltd. (1996).

Witness before the Alberta Energy and Utilities Board with respect to a load
retention rate application by Nova Gas Transmission Ltd. (1997).

Witness before the Joint Public Review Panel and the National Energy
Board with respect to the proposed toll design and treatment of laterals on
the Maritimes & Northeast Pipeline Project (1997).

Witness before the National Energy Board with respect to toll design and
cost of service for the Interprovincial Pipe Line Inc. Line 9 Reversal Project
(1997).

Submitted evidence to the Canadian Radio-Television and
Telecommunications Commission in its proceeding on the implementation
of price cap regulation with respect to the appropriate treatment of additional
tax deductions arising from the privatization of MTS Netcom Inc. and on the
appropriateness of changes in accounting policies and procedures by Telus
Communications Inc. (1997).

Witness before the National Energy Board in the facilities application of
Alliance Pipeline Limited Partnership.



APPENDIX Il
DEFINITIONS

The incentive methodology of SCGM has a number of terms. The following outlines my
understanding of and/or use of those terms.

Base Cost of Service
The Base Year Revenue Requirement less the Base Year forecast of the cost of gas to
be sold.

Base Operating Costs
Remainder of Base Service Cost minus Pass-Through Costs.

Base Service Cost
Test year volumes multiplied by the Base Year rates less the forecast Test Year cost of
gas to be sold.

Base Year
Last year for which the Régie has approved the rate forecast; in this application 1998.

Controllable Costs
Costs over which SCGM has control that are impacted by yearly changes in inflation and
that can be changed year by year or within a year.

Expected Operating Costs
The product of Base Operating Costs and (1 plus Inflation).

Expected Service Costs
The sum of Expected Operating Costs and Pass-Through Costs adjusted for some prior
period amounts.

Inflation
Forecast of the Consumer Price Index for Canada in SCGM'’s proposal and for Montreal
or Quebec in the recommendations.

Non-Controllable Costs
Cost over which SCGM has minimal control or influence and are not impacted directly by
yearly changes in inflation rates. Also referred to as Pass-Through Costs.

Pass-Through Costs

Test Year forecast of costs beyond the control of SCGM. In its proposal SCGM has
limited these to Return on Equity, income taxes and transportation and storage charges
from TransCanada and Union. The evidence includes more items.
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Performance Bonus (up-front)

Two thirds of the difference, if any, between the Required Revenue and Expected
Service Costs. :

Performance Adjustment (year end) - SCGM

One third of the difference between the actual revenues, after adjustments for deferral
accounts and the removal of gas costs and the actual costs, after adjustments for deferral
accounts and excluding gas costs, i.e. the amount that would result in an adjustment to the
Returm on Common Equity, absent the proposal. This amount may be positive or negative.

Required Revenue (Required Service Cost)
The forecast cost of service for the Test Year determined in the normal way using the

projected Test Year costs and the forecast Test Year rate base.
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to be coilected from rates

Test Year

The year for which the approval of the Régie for new rates, in this appiication 1999.
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2
3
4
5
6
7
8

9
10
11
12
13

14

Application of Gaz Metropolitain's Incentive Proposal

Base cost of service

Items out of company's control
Transportation and storage
Transportation and storage at source (TCPL & Union)
Rate revision
Compression Gas
Unaccounted for gas
Other transportation and storage

Transportation and storage and related Non- Controllable

Amortization of fixed assets

Amortization of deferred charges

Consumer price reductions

Real estate taxes and other charges, including Regie

Financing charges including interest and preferred dividends

Return on equity & income taxes

15 Base Operating Costs

16

Inflation

17 Expected Operating Costs

18
19
20
21
22
23
24
25
26

Eiements out of the direct control (Non-Controllable)

Transportation and storage at source (TCPL & Union)
Compression Gas

Unaccounted for gas

Other transportation and storage

Amortization of fixed assets

Amortization of deferred charges

Rate base returns

Real Estate taxes and other charges, including Regie
Income Taxes

27 Expected Service Cost

28 Required Revenue

29
30
31
32
33
34
35
36
37
38

Transportation and storage
Operating expenditures
Amortization of fixed assets
Amortization of deferred charges
Real estate and other charges
Return on Rate Base

Income tax

Consumer price reductions
Other operating revenues

39 CONTRIBUTION TO RATE REDUCTION

40

Customers Share 1/3

41 Company Share 2/3

237,667
(9,837)
40,511
4,976
19,629
292,946
55,419
29,024
20,479
24,343
70,436

105,481

1.7%

302,793
104,353
55,419
29,024
24,343
127,881
45,603
20,479

(2,286)
707,609

697,519

598,128

99,391
1,690

101,080

237,667
40,511
4,976
29,466
55,419
29,024
127,881
24,343
45,603

695,970

707,608
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REASONS FOR DECISION

Introduction

BC Gas Utility Ltd. ("BC Gas") filed an application dated February S, 1997 (the “Application™) with the
British Columbia Utilities Commission (the “Commission”, "BCUC") to establish the method for

determining its revenue requirements and for approval to set rates for the five years ending
December 31, 1998 to 2002.

On February 10, 1997, the Commission issued Order G-13-97 setting a pre-hearing conference to
commence February 28, 1997. Following the pre-hearing conference, the Commission issued Order
No. G-24-97 which included a regulatory timetable, setting a second pre-hearing conference for
April 24, 1997 and a public hearing, if required, to commence June 3, 1997. Subsequent to the second
pre-hearing conference the Commission issued Order No. G-47-97 setting down a revised regulatory
timetable which provided for, among other matters, rescheduling the public hearing to June 23, 1997. The
timetable also provided for public workshops regarding the Application; a process for filing information
requests by parties and responses by BC Gas; and an Alternative Dispute Resolution process ("ADR") to
negotiate a settlement of issues related to the Application. BC Gas conducted public workshops on March

10, 11 and April 16, 1997. Information requests were filed and an additional 3 volumes of information
responses and other data were provided by BC Gas.

The negotiation sessions commenced on June 2, 1997 and continued on various dates through to
June 26, 1997 when a negotiated settlement was reached between BC Gas and the parties to the
negotiation. The three year proposed settlement agreement was circulated to the ADR participants.
Endorsements of the proposed settlement agreement by all of the ADR participants were received at the
Commission by July 10, 1997. Subsequently, the proposed settiement agreement was circulated to all
régistcred intervenors for comments by July 18, 1997 and no comments were reccived. The Commission
panel for this proceeding also received a copy of the proposed settlement agreement and letters of
endorsement.



(9]

the impact of the applied-for rates and the proposed settlement agreement on customer costs for natural
gas service (gross margin) is as follows:

1998 1999 2000 2001 2002

Rate Impact as a % ot Gross
Margin applied for in
original application (May 35,
1997 revision) 6.40 _3.40 2.70 1.90 1.60

Rate Impact as a % of Gross
Margin (proposed settlement
agreement) 1.85 2.00 2.00 N/A N/A

The Commission notes that the participants expect that the gross margin rate impact on the Company’s
firm sales customers will be further reduced as a result of amortization of Gas Cost Reconciliation Account
balances.

The Commission Panel has now reviewed the proposed settlement agreement as well as the letters of
" dorsement and comment from the ADR participants and has concluded that it should accept the
-ettlement. Many of the elements within the proposed settlement agreement do not require special
comment. However, the Commission did wish to express its views on several key issues that it noted in

arriving at its decision and these Reasons for Decision provide those views.

Table | sets out key comparisons between the proposed settlement agreement and the Application as
revised on May 5, 1997 by BC Gas.



Table 1
Key Aspects of proposed Settlement Agreement
Proposed
BC Gas Settiement
Application Agreement
Term 5 years 3 years
Productivity 1998 - 1% 1998 - 2%
1999 - 1% 1999 - 2%
2000- 1% 2000 - 3%
Capital Structure 35% 33%
Capitalization of | 1998 - 10.27% 1998 - 20%
Overhead 1999 - 10.27% 1999 - 20%
2000 - 10.27% 2000 - 16%

The Commission has also created a new document called the Consolidated Settlement Document which
incorporates editorial changes as proposed by BC Gas, and one other change as follows. In the
subsection entitled "DSM Achievement Incentive" paragraph 6 originally read “The Company will apply to
the Commission for funding of new programs where required”. The Commission has changed this
wording to "The Company will apply to the Commission for program changes where required". The
Commission made the change as it concluded that the proposed wording may have arguably fettered the
Commission in its discretion as provided for in the B.C. Utilities Commission Act.

Commission Comments on Key Issues:

Term

BC Gas applied for a five year term while the parties to the agreement agreed to a term of three years. The
Commission considers a three year term is appropriate. It provides a long enough period to allow
incentives to perform and at the same time balances the risks and other concerns with respect to changes
that could occur over an extended period of time. The Commission is aware of some five year settlements
which have been implemented for pipelines, but the Commission is of the view that the number of
variables of change that can occur for a Local Distribution Company ("LDC") make it more appropriate to
look at shorter terms. Pipelines typically have a limited number of shippers and more discrete cost
projections.



Jperating and Maintenance Costs ("O&M")

The formula used to develop O&M costs has been previously utilized in the settlements with respect to

BC Gas and West Kootenay Power. From this experience, the Commission is satisfied that the

methodology of adjusting a base cost for the growth in customers, productivity and intlation has provided
appropriate targets for developing incentives. Attached to the Consolidated Settlement Document is a letter
from Commission staff dated July 15, 1997 (Appendix B) which provides three examples of how
productivity from capital projects will be eligible for inclusion within the O&M productivity targets.

Demand Side Management (""'DSM")

The DSM Achievement Incentive represents the second time the Commission has endorsed a mechanism to
pursue cost effective DSM resources. However, it is still a new feature in the regulatory environment and
very little knowledge has yet been accumulated as to its success or failure. The Inland/Industrial group, in
their letter of acceptance of the settlement, pointed out that "the settlement agreement should explain that
_the DSM programs and incentives are to be accounted for within the rate classes to which they relate." In

& Commission's view, this is adequately covered in the settlement agreement, paragraph 9 in the
subsection entitled "DSM Achievement Incentive”.

Capital Efficiency Mechanism

This is the first significant capital efficiency mechanism that the Commission has approved. It is designed
to provide an incentive for the utility to improve its costs of installing mains, services, meters and "other”
plant. The range of incentive has been narrowed and the amount of the efficiency adjustment reduced from
that originally filed in the Application. Due to the innovative nature of this particular mechanism, the

Commission will be closely monitoring both the operation and results flowing from the use of the
mechanism.

Overhead Capitalization

The Commission is in agreement with the move to reduce the capitalization of overheads from 22.5% to
16% over the three year period. The change is directionally correct in that a mature utility such as BC Gas
should be lowering its overhead charges as capital projects are reduced as a proportion of total
.penditures, and the customers that are benefiting from the capital projects are paying for them in an
accelerated manner. The Commission also believes that, in undertaking and achieving the changes in
overheads capitalization, the reductions should not lead to significant rate impacts.



Annual Review and Quality of Service

The Commission endorses the provision for an annual review. This allows the Commission to discharee
its responsibility to maintain oversight of the utility and establish rates for each year. The Commission
views the inclusion of service quality indicators as an important component of any incentive rate scheme.

Such indicators ensure a utility will appropriately balance its obligation to provide safe, secure. high

quality and non-discriminatory service to customers at the lowest rates possible while also providing an
opportunity for shareholders to earn a fair return on their investment.

K

DATED at the City of Vancouver, in the Province of British Columbia, this 2 day of July, 1997.

(
_72 O N——— ]\‘) i?()—.'\/\"
Loma R. Barr
Deputy Chair and Acting Chair

R TR e

Ken L. Hall, P.Eng.
Commissioner

Paul G. Bradley
Commissioner



CONSOLIDATED SETTLEMENT DOCUMENT
BC GAS UTILITY LTD. 1998 - 2000 REVENUE REQUIREMENTS

Background
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determining its revenue requirements for the years 1998 to 2002.
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On February 10, 1997, the Commission issued Order G-13-97 setting a pre-hearing conference to

commence February 28, 1997. Following the pre-hearing conference, the Commission issued Order

No. G-24-97 which included a regulatory agenda and timetable, setting a second pre-hearing conference

for April 24, 1997 and a public hearing, if required, to commence June 3, 1997. Subsequent to the
second pre-hearing conference the Commission issued Order No. G-47-97 setting down a revised
regulatory agenda and timetable rescheduling the public hearing to June 23, 1997. The regulatory agenda
included public workshops regarding the Application; a process for filing information requests by parties
and responses by BC Gas; and an Alternative Dispute Resolution process ("ADR") to negotiate settlement
of issues related to the Application. BC Gas conducted public workshops on March 10, 11 and April 16.

Information requests were filed and an additional 3 volumes of information responses and other data were
provided by BC Gas.

The negotiation sessions commenced on June 2, 1997 and continued on various dates through to June 26,
1997. Parties represented during the settlement negotiations were BC Gas; Consumers Association of
Canada (B.C.), B.C. Old Age Pensioners’ Organization, Council of Senior Citizen’s Organizations of
B.C., Federated Anti-Poverty Groups of B.C., Senior Citizen’s Association of B.C., West End Senior’s
Network, and the End Legislative Poverty & Tenant’'s Right Coalition, represented by the British
Columbia Public Interest Advocacy Centre; Lower Mainland Large Volume Gas Users Association;
R.T. O'Callaghan & Associates (not available for the final two negotiating sessions); Fording Coal Ltd.;
Association for the Advancement of Sustainable Energy Policy; Cominco Ltd., Weyerhaeuser Canada Ltd.
and Celgar Pulp Company; and British Columbia Utilities Commission Staff.

=Xea

This document sets out the terms of a three year settlement reached during the negotiations for setting the
revenue requirements and rates of BC Gas. The margin and rate impacts arising from the settlement are
summarized on the schedules in Appendix A. The impacts are estimates and are based on several
assumptions (subject to vary in the manner as discussed below). These are subject to change each year
and relate to factors including:

a) the rate of return on common equity ) short and long term debt interest rates

b) revenues g) rate base additions
¢) customer additions h) etfect of capital efficiency mechanism _ _
d) taxes i) capital projects approved under applications for Certificate

¢) intlation ~ of Public Convenience and Necessity (CPCN’s)
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The estimated gross margin impacts resulting from the settlement, as set out in Appendix A, are:

1998 1999 2000
Core | Non-Core | Core | Non-Core | Core | Non-Core
Rate Impact as a % of Gross Margin 1.85 1.85 2.00 2.00 2.00 2.00

Based on the underlying

53

ssumptions, the gross margin rate impact on Core market customers are

A rh vane ae a ractilt AL ncmnctimntian AL IOD [ T
d to about 0% in each year as a result of amortization of GCRA balances.

The settlement is the culmination of negotiations among parties who have many diverse interests. The
settlement represents numerous compromises among the parties and consists of a settlement package from
which no part can be severed. The issues resolved in the settlement negotiations are numerous and

complex. Taken as a whole, the settlement represents a balance of interests and an overall consensus
among the participating parties.

Term

" he parties have agreed to a term of 3 years, namely the calendar years 1998, 1999 and 2000 (the
Term”).

Productivity

Productivity shall be 2% in 1998, 2% in 1999 and 3% in 2000. References to “Productivity” in this
document are references to those productivities except where stated otherwise.

Inflation

Several elements of the revenue requirement determination methodology are dependent on an inflation rate

forecast. The forecast rate of inflation to be applied will be the consumer price index forecast for British
Columbia.

The BC Gas proposal utilizing the forecasts for the next calendar year B.C. CPI by the Toroato-Dominion
Bank, the Royal Bank of Canada, B.C. Ministry of Finance and the Conference Board of Canada
(produced July to September) is accepted (hereinafter referred to as “forecast B.C. CPI").

References to “Inflation” in this document are references to this forecast of B.C. CPI except where stated
otherwise.

apital Structure

The common equity thickness for BC Gas will remain at 33%. In respect to its preference shares whif:h
are redeemable in 1999 and 2000, BC Gas will redeem such preference shares and replace the same with
long term debt as redemption occurs.



Rate Of Return On_Common Equity

The rate of return on common equity for BC Gas will be reset annually in accordance with the
Commussion’s automatic rate of return adjustment mechanism.

Gas Costs

The gas costs of BC Gas will be set in the manner currently approved by the Commission and

customer rates will be adjusted in accordance with the currently approved gas cost allocation
methodology.

The Gas Cost Reconciliation Account will continue in the manner as approved by the
Commission.

The current Off System Incentive Plan will expire November 1, 1997. The parties agree to enter
into discussions to determine the form of a successor gas cost incentive plan both for the short

term and the long term. Any subsequent plan will be reviewed by interested parties before being
submitted to the Commission for approval.

Revenues

Both core market and non-core market revenues will be forecast each year in accordance with the

methodologies empioyed by BC Gas and will be reviewed at the Annual Review before being
submitted.

The methodology for forecasting residential and commercial sales is established but industrial
sales forecasts will be reviewed annually.

The Rate Stabilization Adjustment Mechanism (“RSAM") will continue in the manner as approved
by the Commission.

Customer Additions will be forecast for each year of the Term, in accordance with the
methodology employed by BC Gas and approved by the Commission.

& Maintenance Costs (‘“O&M”

The O & M levels for each year of the Term will be determined in accordance with the following formula:

[Base Cost x (1 + Growth in Customers - Productivity) x (1 + Inflation)] + Cost of Defined Required
Incremental Activities

Where:

Base Cost means: for 1998 this will be $142.760.000.

e.g., 1998 O&M level base cost $142.760.000 x (1 + 2.10% - 2.00%)
X 101 = $144.334.000 allfowed O&M tor 1998 excluding DRIA



tor calculating the allowed O&M level for each subsequent year. the
previous year's allowed O&M adjusted tor projected actual customers

will be the revised base to which customer growth, productivity and
inflation will be added.

e.g., 1999 O&M level $144,334,000 x 1998 Projected Actual Customers
1998 Forecast Customers

= revised base x formula = 1999 allowed O&M excl. DRIA

Growth in the forecast percentage growth in the average number of
Customers means: customers for the year over the previous year.

1998 Projected The estimate of actual average customers during 1998 at
Actual Customers: the November 1998 workshop

1998 Forecast The forecast of average customers during 1998
Customers: at the November 1997 workshop.

—In the event BC Gas files an application for a revenue requirement increase in 2001, the Base Cost O&M
zvel to be reflected in rates for 2001, before any increase for inflation and growth in customers, will be
that arising from 2000, subject to exogenous factors and DRIA.

Productivity and Retail Markets Downstream of the Meter (RMDM)

One instrument that the Company may use to achieve the targeted productivity gains is shedding, altering
or reducing utility activities pursuant to the Commission’s policy on RMDM.

BC Gas will be entitled to capture the benefits of improved efficiencies, reduced costs, or other tinancial
savings achieved through RMDM, for the duration of the test period. Adjustments in utility rates during
the test period arising from RMDM will be limited to reflecting the reduction of services that had been
previously included in customers’ bundled utility services. For turther clarity the following hypothetical

example distinguishes between improved efficiencies eligible for productivity and reduced services not
eligible for productivity

Example:
BC Gas determines that outsourcing customer billing will reduce the cost of this function from $1.00/per

customer to $0.79 and the third party will charge customers directly. The efficient gain of $0.21 is eligible
—*or productivity but the rates will be rebased to reflect the $0.79 now paid directly to the third party.



Q&M Productivity and Capital Projects

Improved efficiencies. reduced costs. or other financial savings achieved by BC Gus as a result of capital
projects approved by the Commission pursuant to applications for Certiticates of Public Convenience and
Necessity may also be used by BC Gas to achieve the targeted O&M productivity levels.

DEMAND SIDE MANAGEMENT AND INCENTIVES

The Demand Side Management expenditure levels are forecast to remain constant over the Term, namely
$1.624 mllion per year as a DRIA. '

DSM Achievement Incentive

The following DSM Achievement Incentive is to be implemented. It is designed to encourage BC Gas to
pursue cost effective demand side management resources.

I. Only cnergy efficiency programs are included in the mechanism.

(89

- A threshold level of 75% of the annual forecast gas savings must be achieved before any incentive is
earned.

. Calculation of incentive payments for gas savings greater than the threshold will be based on the net
TRC benefits.

4. Recognizing that incremental energy savings become progressively more difficult to achieve, incentive
payments will be earned according to the following schedule:
% of Annual Forecast  Before Tax Earnings as % of
GJ Savings —TRC Net Bepefits
75% up to 100% 3%
100% and above 5%
5

. DSM results (both positive and negative) from programs developed within the Utility but which at
some point are moved outside the utility will be included in the DSM calculation where those program

results are tracked by the Utility. This is consistent with the Company's goal of maximizing customer
value in offering cost effective, competitive DSM services.

6. [n order to maximize DSM etficiencies, BC Gas will be allowed to reallocate resources to mgdit‘y
existing programs, discontinue programs and develop new programs as the Compafxy considers
necessary. The Company will apply to the Commission for program changes where required.

7. A protocol for measuring DSM savings and TRC benefits needs to be established with the
Commission and interested parties prior to the incentive mechanism taking effect.



The status of all DSM programs will be reviewed on a semi-annual basis with one of the reviews timed
to coincide with the Annual Review of Service Quality Indicators.

. The incentive mechanism will operate through the RSAM. The DSM Achievement [ncentive operates
outside of the Earnings Sharing Mechanism.

DSM Achievement Incentive Sample Calculations

Three cases are provided below representing the range of possible incentive payments for BC Gas
achieving a minimum of 75% of forecast DSM gas savings.

Case A Assuming: 75% ot forecast gas savings achieved
total TRC net benetits = $2,581,000

[ncentive = 3% of TRC net benefits (before tax) = $77,430

Case B Assuming: 100% of forecast gas savings achieved
total TRC net benetfits = $3,848,000

[ncentive = 5% of TRC net benefits (before tax) = $192,400

Case C Assuming: 110% of forecast gas savings achieved
total TRC net benefits = $4,350,000

Incentive = 5% of TRC net benefits (before tax) = $217,500
urj | u

A deferral account to record the costs incurred by BC Gas in restructuring its work force to achieve
enhanced productivity is to be created and is to be effective upon the approval by the Commission of this

settlement. The costs recorded in this deferral account will be recovered in customer rates. The deferral
account will not exceed $3 million.

The amortization of this deferral account for restructuring costs will be no greater than $1 million for each
year of the Term.

New Revenue Opportunities

~The parties recognize that BC Gas should not be dis-incented from seeking legitimate new revenue
Jportunities which would serve 1o reduce future revenue deficiencies. To the extent such opportunities

arise, but require expenditures greater than those arising from the formula, such revenues and expenditures
will be addressed during the Annual Review each year.



Capital Expenditures

Capital expenditures for each year of the Term are established by class and by formula for certain of the

classes. The classes are:

a2 - wiladoWS Qi

Mains - Recurring
Services - Recurring
Gas Measurement
Transmission Plant

P S P R O

5. System Improvements/Reinforcements
6. All Other Plant

7. Special Projects and CPCN’s

Formulae for determining the expected capital expenditures for each year have been established for classes

1,2,3,4, 5 and 6 as follows:

Note: the operation of the formulae for each class is shown for 1998 and 1999 and applies similarly to year

2000.

1. Mains - Recurring;

1998 Allowed Unit Cost =
1998 Allowed Cost =

Where:

1999 Allowed Unit Cost =
1999 Allowed Cost =

t9

Services:

1998 Allowed Unit Cost =
1998 Allowed Cost =

Where:
1999 Allowed Unit Cost =
1999 Allowed Cost =

3, eters;

1998 Allowed Unit Cost =
1998 Allowed Cost =

Base Unit Cost x (1+ Inflation - Productivity)

1998 Allowed Unit Cost x Service Additions x 21.6 metres of
main per Service Addition

Base Unit cost = $25.03/metre main
Service Additions = 95.1% of forecast Customer Additions

1998 Allowed Unit Cost x ( 1+ [nflation - Productivity)
1999 Allowed Unit Cost x Service Additions x 21.6 metres of
main per Service Addition

Base Unit cost x (1 + Inflation - Productivity)
1998 Allowed Unit Cost x Service Additions

Base Unit cost = $884/Service Addition
Service Additions = 95.1% of forecast Customer Additions

1998 Allowed Unit Cost x ( 1+ Inflation - Productivity)
1999 Allowed Unit Cost x Service Additions

Base Unit cost x (1 + Inflation - Productivity)
1998 Allowed Unit Cost x (Customer Additions + Meters Recalled)



Where: Base Unit cost = $242/meter

Customer Additions = forecast Customer Additions
Meters Recalled = torecast of meters to be Recalled

1999 Allowed Unit Cost = 1998 Allowed Unit Cost x ( 1+ Inflation - Productivity)
1999 Allowed Cost = 1999 Allowed Uait Cost x (Customer Additions + Meters Recalled)

4, Transmission Plant;
1998 Allowed Unit Cost =  Base Unit cost x (1 + Inflation - Productivity)
1998 Allowed Cost = 1998 Allowed Unit Cost x Transmission System Forecast Peak Day
Throughput
Where: Base Unit cost = $439.50/103m3

Transmission System Forecast Peak Day Throughput = forecast
Transmission System Forecast Peak Day Throughput
productivity = 1%

- 1999 Allowed Unit Cost = 1998 Allowed Unit Cost x (1+ Inflation - Productivity)
1999 Allowed Cost = 1999 Allowed Unit Cost x Transmission System Forecast
Peak Day Throughput

5. System Improvements/Reinforcements:

1998 Allowed Unit Cost=  Base Unit Cost x (1 + Inflation - Productivity)
1998 Allowed Cost = 1998 Allowed Unit Cost x Customers End of Year ("EOY")
Where: Base Unit cost = $6.52/customer EOY

Customer EOY = forecast end of year total customers
productivity = 1%

1999 Allowed Unit Cost= 1998 Allowed Unit Cost x (1+ Inflation - Productivity)
1999 Allowed Cost = 1999 Allowed Unit Cost x Customers EQOY

6. All Other Plant;

The Allowed Costs for All Other Plant for each year of the Term will be set with an aggregate base
level of $29,317.000 adjusted for Inflation each year less Productivity.

— 1998 Allowed Cost = $29.317.000 x ( 1+ Inflation - Productivity)
1999 Allowed Cost = 1998 Allowed Cost x ( 1+ [nflation - Productivity)

BC Gas has divided its capital expenditures into 4 categories. They are:

A. Mains. Meters and Services
3. System lntegrity and Reliability



C. All Other Plant
D. CPCN’s and Special Projects

The costs related to each category will be identified by the accounts prescribed by the BCUC Code of
Accounts and the Company s sub-accounts as follows:

BCUC BC Gas

Account Sub-Account(!)
Category A
Distribution Plant - Service Installations 473 L 62x(2)
Distribution Plant - Meter and Regulator 474 ;::: exel
Installations 475 640
Distribution Plant - New Mains 475 649
Distribution Plant - Main Installations General 478 XXX
Distribution Plant - Meters
Category B
ILNG 440 - XXX
Transmission Plant 449 XXX
Distnibution Plant - Main Corrosion Control 460 - 653 TS(B)
Distribution Plant - System Improvements 469 657/659
Distribution Plant - Gate and Regulator 475 671
Stations 475 (3)
Distribution Plant - Telemetry 477 672°TS

477

Category C All other BCUC Capital accounts

and

BC Gas sub-accounts
Category D N/A N/A

(1)  xxxincludes all BC Gas sub-accounts in the BCUC account
(2) Account 473-62X- Distribution Plant Renewals and Alteration
(3) TS refers to charges from Technical Services 1o these Accounts

in . e

Special Projects and Certificate of Public Convenience and Necessity ("CPCN") projects are capital
projects which BC Gas foresees as being required within the Term, but have not been developed
sufficiently (certain of such projects were identified and described in the Application, they include:
Southern Crossing, Automated Meter Reading, Single Vendor System, Interior LNG Satellite Facility,
Customer [nformation Systems, Coastal Facilities, SCADA, muster stations), or projects which are not
foreseen but could be required, such as the relocation of an urban transmission pipeline. Such projects are
subject to approval by the Commission through applications for Certificates of Public Convenience and
Necessity. To the extent such applications are approved and the capital projects undertaken. Fhe cap.ual
project will form part ot the rate base of BC Gas in the year following the year in which the gapllal project
1s completed. BC Gas will be entitled to accrue AFUDC on the expenditures associated with the capital
project until the capital project 1s part of rate base.



BC Gas will be entitled to include the prudently incurred total capital expenditures and AFUDC in rate
base at the commencement of the year tollowing completion of the capital project.

Capital LEfficiency Mechanism

BC Gas should be incented to employ capital more efficiently. A capital efficiency mechanism will

operate as set out below. The categories in respect of which the mechanism will operate are categories A
and C as described above.

To the extent the actual unit costs for a year vary from the Allowed Unit Costs for Category A, this
difference is to be multiplied by the actual number of units (e.g. in the case of Mains - Recurring it would
be actual metres of main installed for the year). This amount, together with the difference between the
actual and allowed capital expenditures for that year in Category C, will form the basis for an efficiency
adjustment to the utility rate base. This adjustment will be an aggregate dollar sum (the “Capital Efficiency
Adjustment”) which will be added or subtracted from the utility rate base. This mechanism will operate
stmilarly in the case of positive and negative variances in unit costs.

—The Capital Efficiency Incentive Adjustment to rate base will be phased out over three years. More
specifically, in the immediately following year 66.7% of this variance will be an adjustment to the utility
rate base and 33.3% in the subsequent year. This phasing will apply to each year of the Term so that the
effect of variances in the second and third year of the Term will continue beyond the Term, e.g., phasing
of the year 2000 variances will occur through the year 2002. For examples of the effect of the Capital

Efficiency Mechanism, see Cases Al, B1, C1 and D! in the response to Item 6 of Information Request
No. | of the Inland Industrial Group (Volume 2, Tab E6).

Depreciation and Amortization Expense

The depreciation rates for BC Gas currently approved by the Commission will continue. BC Gas has
indicated that it intends to file a depreciation study. The Commission will consider the study and any

changes arising upon receipt and consideration of the study and the recommendation for changes in rates,
if any, applied for by the Company.

Deferral Accounts
The tollowing deferral accounts are to be continued or created:

e Continuation of the debt interest deferral accounts.

. Continuation of the NGV conversion grants deferral account for 1998 - 2000 to be amortized
- over three years.

+ Revenue requirement hearing costs to be amortized over three years.

o DSM expenditures tor 1998 - 2000 to be amortized over three years.

+ [RP costs for 1998 - 2000 to be amortized over three years.

- Deferral of property tax expense variances from forecast and amortized in the following ycar.
1996/1997 credits wmortized as per Appendix A.



BC Hydro DRIA - amortization as per Appendix A.

DSM DRIA - amortization as per Appendix A.

Conuinuation of Coastal Facilities relocation costs deferral account.

April 29, 1997 application for Phase 2 of BC 21 Power Smart costs - $303.000.
¢« Continuation of RSAM and GCRA accounts as described above.

Deterral of restructuring costs as described above.

Further detatls of the deferral accounts are found in Appendix A.

Overhead Capitalization

Pursuant to a term of the 1996 and 1997 Negotiated Settlement, BC Gas filed a study on its overheads
caputalization policy. The study recommended a significant reduction in the capitalization ratio. The

impact of this study was to reduce overhead capitalization from 22.5% to 10.27% as shown in Volume 1.
Section C, Tab 9-02 Revised (line 20) of the Apptication.

The BC Gas study and proposal is accepted. however, the capitalization ratios will be limited to 20%,
20%, and 16% lor the years 1998, 1999 and 2000 respectively based on total Gross O&M excluding

DRIA. The Company may apply for additional reductions in overheads capitalized in subsequent revenue
requirement filings.

Taxes

Changes in taxes and similar costs will continue to be flowed through to customers with variances
recorded in deferral accounts and amortized in rates in the following year.

The methodology for determination of the level of taxes for each year of the Term will be determined in the
manner as specified in the Application. Volume |, Section C Tabs 10 and 3 as revised.

Other Cost of Service Categories

All other categories of the cost of service not specifically referred to above will be determined in the
manner as specified in the Application, Volume | as revised.

Exogenous Factors

During the Term, the BC Gas cost of service will be adjusted for exogenous factors (positive or negative)
which are beyond the full control of the utility including: judicial, legislative or administrative’chnnges.
orders and directions; changes in generally accepted accounting principles and rules. catastrophic events.
bypass or other similar events imposed on BC Gas which are not retlected in the rates of BC Gas.

Earnings Sharing Mechanism

S . . . ati en the

BC Gas will share equally with its customers carnings variances (positive or negative) betwe -
] - e o T, . et »e 1 5 O ¢

authorized level of earnings as determined annually under this scttlement and the actual carnings



utility net of specific incentive programs: namely, the capital efficiency mechanism, the gas supply
incentive plan and the DSM Achievement Incentive all of which will be considered to be non-utlity income
for the purposes of calculating the earnings of the utility.

The operation of the Earnings Sharing Mechanism is illustrated in Volume 1, Section C, Tab 15 of the
Applicaton.

Annual Reviews and Rate Adjustments

BC Gas will conduct an Annual Review of the operation of the settlement and rate adjustments prior to
January | of each year of the Term with the Commission, its staff and interested parties. The Annual
Review is a "proceeding” for purposes of participant cost awards. This process will provide the
Commission and all interested parties an opportunity to remain informed about the activities of the
Company. The Annual Review will attempt to obtain consensus on issues which must be decided by the

Commussion in advance of each fiscal year for the matters related to setting the rates for each year of the
Term.

At the annual workshop to be held in November of each of the years 1998 through 1999, BC Gas will

~esent projections for the year that is ending and forecasts for the next year. The projections for the year
at is ending will include:

* projected utility volumes and revenues

* projected utility expenses

* projected year-end plant balances and other rate base information
* projected deferral account balances and amortization

* projected year-end customers and other cost driver information
» projected utility eamings.

Forecasts for the next year will include:

» forecast customer growth

 forecasts of cost drivers, such as peak day throughput
 forecast Inflation

» forecast utility volumes and revenues

* forecast utility expenses (revised allowed costs)

» forecast utility capital expenditures (revised allowed costs)

forecast plant balances, deferral account balances and amortization to be included in rates.

-Cost drivers for the next year will be updated to reflect the forecasts relating to the year. Cost drivers for

& next year will also be updated for projected variances between actual customer growth in the past year
and the customer growth that had been forecast for that year.

Opening plant balances and other rate base items for the next year will be adjusted to reflect projected
variances which are not included in the capital etficicncy mechanism discussed above.



Service quality results will also be reviewed at the Annual Review.

BC Gus proposes to commence its workshops in November of 1997. At that workshop forecasts for
1998 will be presented. together with the projected number of customers as of January 1, 1998 and
projected plant balances and other rate base information as of January 1, 1998. Cost drivers for 1998 will
be updated to retlect the forecasts for 1998. Rates for 1998 will be set by the Commission based on the

projected opening rate base for 1998 and the forecasts for 1998 as agreed upon by the participants or as
subsequently determined by the Commission.

Prior to each annual workshop, BC Gas will provide interested parties and the Commission advance
information regarding the projections and forecasts to be presented by BC Gas at the workshop. This

should be done 3 weeks prior to the workshop to allow parties to submit information requests and receive
responses prior to the workshops.

[n regard to projected year-end earnings, projected year end capital unit costs related to capital incentives
presented for rate-making purposes in the November workshop BC Gas will provide an update in April or
May once actual results have been determined and adjustments will be made at the following year end.
Incentives will be trued up to the actual results at that time.

Service Quality Indicators

Princiole:

Maintenance of existing high levels of service quality is an important feature of this Settlement. However,

it is recognized that variance in these statistics may occur due to random events or events beyond the full
control of BC Gas.

Process:
* Service Quality Indicators will be reviewed at the Annual Review in November of each year.

* Participants will be given an opportunity to argue whether a deviation from the benchmark foF any of
the Service Quality Indicators is significant enough to establish that service quality is deteriorating
generally or in specific areas.

* For those concerns which are not resolved at the review, participants will retain the option to make

submissions to the Commission that it should limit the payments which BC Gas might otherwise carn
from the financial incentives in this Settlement.

Service Quality [ndicators:

. l
. Response time to emergency calls .

' Applies to Coastal regon onlv. Data tor 1994 and 1995 not avatlable. Measure tor Intenor region will be
determined at a later date.



Response time for answering service centre calls by a person.
Leaks per kilometre of distribution mains due to system deterioration.
Transmission system annual reportable incidents.

Number of third party distribution system damage incidents per 1000 housing starts~.

W = N

Annual Evaluation:

Unless otherwise indicated, benchmarks will be calculated as the rolling average of the three years

prior to the most current year; performance indicators will be calculated as the rolling average of the
most current year plus the past two years.

Each performance indicator will be evaluated on its own merits and a material deviation from the
benchmark for any single performance indicator is sufficient basis to argue service quality deterioration
and the need to limit payments to BC Gas.

Each performance indicator will be given equal weight.

The onus of establishing that a benchmark has been met or why it is reasonable that it was not met
rests with the utility.

Interested parties should have access to the service quality evaluation prior to the Annual Review.

¢ Any party may argue that the benchmarks need to be modified

' Data tor 1994 is not available. Initial benchmark will be set using 2 years of data.



Appendix A

1998 - 2002 Revenue Requirements Settlement

[llustrative Rate Impacts Summary
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8C GAS UTILITY LTD.

A D\
SUMMARY

FOR THE YEARS 1998 TO 2000
($000)
Particulars
M
1998
Rate Base

Revenue Requirement
% Gross Margin Increase
Gross Margin (inct. increase)

QOperation and Maintenance

____ maaa

0O&M Expense (Net)

Plant Additions - Capital Expendttures
- Overneads Captalized
- All Other (WP etc.)
Total

1999
Rate Base

Revenue Requirement
% Grasa Margn increase
Gross Margin (incl. increasa)

Operation and Maintenance
Gross O2M exci. BC Hydra Casts
O&M Expense (Net)

Plant Additions - Capital Expenartures
- Qverheads Caphatized
- All Other (WIP etc))
Total

2000

Rate Base

Revenue Requirement
% Gross Margin increase
Gross Margin (incl. increase)

Operation and Maintenance
Gross O&M excl. 8C Hydra Casts
O&M Expense (Net)

Plant Additions - Capital Expendrtures
- Overheads Capitakzed
- All Other (WP etc.)
Total

APPENDIX A
1998-2000 SETTLEMENT
ILLUSTRATIVE RATE IMPACTS
SUMMARY
1998-2000
Volume 1 (Rev.) Difference Seftlement
2 @A) (4)
s 1,581,623 S (12,734) $ 1,568,889
$ 24,448 S (17.552) $ 6,896
6.37% -4.57% 1.80%
H 408 468 s (17 852) s 320,018
$ 136,057 $ (2273) $ 133,784
$ 133,335 $ (16,244) $ 117.091
$ 93,474 s (8,782) s 84,692
15,075 13,792 28.867
2.445 0 2.445
s 110,994 $ 5,010 $ 116,004
S 1,635,694 s (4,129) s 1,631,569
$ 14,278 (6.570) $ 7,708
3.44% -1.50% 1.94%
3 429,512 $ (24,421) b 405,091
$ 139,981 $ (4,638) H 135,343
$ 137,133 $ (18,696) $ 118,437
$ 95,829 s (9.241) $ 86,588
155810 13,693 29,203
8,420 0 8.420
$ 119,759 [ 4,452 3 124,211
$ 1,703,373 $ (16,436) $ 1,686,037
$ 11,984 $ (3.981) $ 8,0
273% 0.78% 1.94%
$ 450,229 $ (28,691) $ 421,238
s 144,106 $ (8,468) S 135,638
s 141,126 $ (18,581) S 124,545
s 135,013 s (47.670) $ 87,343
15,967 7.446 23,413
140 0 140
3 151,120 s (40,224) s 110,896



v iNe
[ Particulars
(N
N RATE INCREASE REQUIRED
2
3 Gas Sales and Transportation Revenue,
4 At Prior Year’s Rates
S
[ kad - Other Revenue Related to Burrard
7 Tnermal / Centra 6C (PCEC)
L]
9
10 Total Revenue
1
12
Less - Cost of Gas

Gross Margin

Revenue Deficiency - volume 1 (Rev.)

Difference

Revenue Deficiency - 1998-2000 Settiement

Refund of Deferred Gas Cost Credits (GCRA)

AN A AL LY N VY VY WYY - - b -
COBNCVNE WSO OmOo » -~

w
pu

Rate Increase as a %X of Gross Margin

[V
o

Rate Inirease as a » of Total Revenue

[l
s~

BC GAS UTILITY LTD.

SUMMARY OF RATE INCREASE REQUIRED
FOR TME YEARS ENOED DECEMBER 31, 1998 AND 1999
($000)

1998
----- Captive -----

Core Non-Core Non-Captive Total

(2) 3 (4) (5)
$721,248 $33,574 $15,139 $769,961
0 336 8,806 9,142
721,248 33,910 23,945 779,103
(376,727) (6,192) (12,164)  (395,083)
$344,521 $27,718 $11,781 $384,020

S2ZZZTTIREIZT ZSSSETTTXT2IES SSISEIIIEZZTIS zSZ==== ===

$22,628 $1,820 $0 $24,448
(16,245) (1,307) 0 (17,552)
6,383 513 0 6,896

o 0 (] 0

$6,383 $513 $0 $6,896
SSTZXEIXERXS ZZTZT=TWRI2S SSSTTTIZEXR=S Z=T=ETs2x=c
1.85% 1.85% 0.00% 1.80%
SSSZ=Z2ZIBER S2ZSSIIIREE ZSEZSESEZEBRT SIS
0.88% 1.51% 0.00% 0.89%
ZS22I3Z2XIBRR SSISS=22XT2Z SSEIZZEXZBPIE zZ2zcz=z===z

APPENDIX A

1998 - 2000 SETTLEMENT
[LLUSTRATIVE RATE [MPACTS
PAGE 01-01

1999
----- Captive ----- R
Core Non-Core  Non-Captive Total
(8) N 8) 9
$742,055 $33,520 $15,108  $790,683
0 336 8,888 9,224
742,055 33,856 23,996 799,90}-
(383,994) (6,366) (12,164)  (402,524)
$358,061 $27,490 $11,832  $397,383 —_
ZSEZZI==22IZ OSSR =Sz z==3= SI%=z=zz=z==2= r—
=
$13,260 $1,018 30 $14,278 E%
p]
(6,102) (468) 0 (6,570) Py
............................................ >
7,158 550 0 7,708 =
<
0 0 0 a m
-------------------------------------------- m
$7,158 $550 $0 $7,708 >
ZRZIZ3232TTT SISSSESEIZVI SSISTIZSSPR: zzz=szz==== R —{
> m
2.00% 2.00% 0.00% 1.94% 9 E
ZSZZZ2Z2ZXT SSSSZZZTTXRX ===z =s==x S2Zzz=zzz==:
=Y
0.96% 1.62% 0.00% 0.96% )
ZZZSS3S233Z=Z2 ZISS=222=222 =Zzzzzzzz=== 2ZSzZz=zsa=z=== —‘
Qo
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At Prior Year's Rates

Add - Other Revenue Related to Burrard

Tnermal / Centra BC (PCEC)

Total Revenue

Gross Margin

Revenue Deficiency

Difference

- Volume 1 (Rev.)

BA MAS 11T TPV 1 PR
8L VA UIHILIIT LIV,

SUMMARY OF RATE INCREASE REQUJRED
FOR THE YEAR ENDED DECEMBER 31, 2000

(3000)

2000
eeses Clptive coce-
Core won-Core Won-Captive Total
(2) (3 4) (5)
$765,421 $34,282 $15,082  $814,785
0 336 8,885 9,221
765,421 34,618 23,967 824,006
¢202 NS1y A LTAY 212 14L\ LIN 401y
NS TRy wa vy Nw,Siwy Nih,swuvy ANV, U714
$373,370 828, 142 $11,803 $413,315
$11,144 $840 $0 $11,984
(3,683) (278) 0 (3,961)
7,461 562 0 8,023
0 0 0 0
$7,461 $562 50 58,023
2.00% 2.00% 0.00% 1.94%
SZTSTTHEIBWE ZSSZZISEINBR ZTZSSSZ=TXX S EXX
0.972 1.622 0.00% 0.97%
SS2SISERIBEE TZIZZZZLERR SSSSSSEIWIE =SSR B2E

APPENDIX A
1008 - 200N CETTICmEMTY

(3
ILLUSTRATIVE RATE IMPACTS
PAGE 01-01.1
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Description

BC GAS UTILITY LTD.
UTILITY RATE BASE

FOR THE YEARS ENDED DECEMBER 31, 1998, 1999 AND 2000

................ ®csscsencscssccsceccscscncscacr CeRCOENcas SeCCRCeERRE ccemsoesea

C e —

Plant in Service, Beginning

Additions
Disgosals

Plant in Service, Ending
Aad - Intangible Plant
Ccntributions In Aid of Construction

Less - Accumulated Depreciation

Net Plant in Service, Ending
Net Plant in Service, Beginning

Net Plant in Service, Mid-Year
Adjustment to 13-Month Average
Construction Advances

work in Progress, No AFUDC
Unamortized Deferred Charges
Cash working Capital

Other Working Capital

Utitity Rate Base

APPENDIX A

1998 - 2000 SETTLEMENT
ILLUSTRATIVE RATE IMPACTS
PAGE 02-01

2000
Revised
Adjustments Rates
(?) (10)

$0 32,063,288

0 110, 896
0 (10,400)

0 2,164,751
0 (102,314)
0 (405,567)

$0 $1,618,761

SZIZI==SSEx: Ezz==2=Tz=Ex=

$0 $1,637,816
0 0
0 (1,557
0 3,833
0 4,167
40 10,921
0 31,757

$40 $1,686,937
=

($000)
1998 1999
Present Revised 1998 Revised 1999 )
Rates Adjustments  Rates Rates Adjustments  Rates Rates
(2) (3 (%) (5 (8) (@9 (8)
$1,842,973 $0 $1,842,973 $1,949,177 $0 $1,949,177 $2,063,288
116,004 0 116,004 126,211 0 124,211 110,896
(9,800) 0 (9,800) (10,100) 0 (10,100) (10,400)
1,949,177 0 1,949,177 2,063,288 0 2,063,288 2,163,784
987 0 967 967 0 967 967
1,950,144 0 1,950,144 2,064,255 0 2,064,255 2,166,751 0 2. 164.751
(73,964) 0 (73,964) (87,518) 0 (87,518)  (102,314)
(314,089) 0 (314,089) (357,976) 0 (357,978)  (405,567)
$1,562,00 $0 81,562,091 $1,618,761 $0 $1,618,761 $1,656,870
SZZENEZIXRNEZ EITZSIZZIXRZ Rz = 22TE3 ZI2Z SZZTTZI=BRZ E2TZ2XTTEXX= EIT=ZT=T====
$1,508,239 $0 $1,508,239 1,562,091 $0 $1,562,091 $1,618,761
Z2ZZZERIXXX= ITIZIIIIEEXT EITITZEZIRILET EIIXNTIXTTIS SS=S==Z=E2= E2ZXTTIXEXIS EITEIEZZEI=
$1,535,165 $0 $1,535,165 $1,590,426 $0 $1,590,426 $1,637,816
0 0 0 0 0 0 0
3,1%) 0 (3,114) (2,336) 0 (2,336) (1,557)
4,048 0 4,048 4,333 0 4,333 3,833
(7,215) 0 (7,215) (1,384) 0 (1,384) 4,187
10,024 7 10,095 10,401 (106) 10,295 10,881
29,910 0 29,910 30,235 0 30,235 31,757
$1,568,818 $71 $1,548,889 $1,4831,675 ($106) $1,631,569 81,686,897
EZIZETTIRRRW: SIS E2T XEIIZINEIEER- ZEITITITIBTT= =====88$tg8 ZZSEXEIIZIXXRZ RITEXETEX2C=

SLOVdWI 31V 3AILYYLISNT
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Particulars

.............. tcacesevsncsccccancanccnce

(4)]
ENERGY VOLUMES (14)
Sales
Transportation

average Rate per GJ
Sales
Transportation
Average

UTILITY REVENUE
Sales - Present Rates
- Increase

Transportation - Present Rates
- Increase

Total
Cost of Gas Sold (Inctuding Gas Lost)
Gross Margin
Restructuring Costs Amortization
Gperaticn and Maintenance
vehicle and FIS Leases
Progerty and Sundry Taxes

Depreciation and Amortization
Other Operating Revenue

utility Income Before Income Taxes

Income Taxes
EARNED RETURN
UTILITY RATE BASE

RATE OF RETURN ON
UTILITY RATE BASE

BC GAS UTILITY LTD.
UTILITY INCOME AND EARNED RETURN

FOR THE YEARS ENDED DECEMBER 31, 1998, 1999 AND 2000
($000)
1998 1999 2000
----Revised Rates----- ----Revised Rates---o e Revised Ratesomon:
Present Revised 1998 Revised 1999 Revi::;“ ates
Rates Revenue Total Rates Revenue Total Rates Revenue Total
(2) 3 (4) (5) (6) (¥p) (8) o E;O)
158,624 0 158,624 161,357 0 161,357 164,379 0 164 379
80,628 0 80,626 79,741 0 79,741 80,616 0 80:616
239,250 0 239,250 241,078 0 241,098 %4,995 0 2:;;95
ZEESESZITEZWT ITTTTZTIZIRE EISEZIIIZIRT ZSZZET2IZXRE SSSSSSSTEZSS OCSSZEITZETIXS S2IXI2zB=== =s=z=z===z==: SZs2=2=233=223:=
$4.680 $4.720 $4.731 $6.776 $..788 45.833
$0.343 $0.348 $0.342 $0.348 $0.345 $0.351
$3.218 $3.247 $3.280 $3.311 $3.326 $3.358
$742,384 $0 $742,344 $763,426 $0 $763,426 $786,984 $0 $786,984
[ ] 6,436 6,436 0 7,220 7,220 0 7,526 7,526
27,617 0 27,617 27,257 0 27,257 27,801 0 27,801
[ 460 460 0 489 489 1] 502 502
769,961 6,898 776,857 790,483 7,708 798,391 814,785 B,(-)Z}. 822,;(-78
395,083 0 395,083 602,524 0 402,524 410,691 0 410,691
374,878 6,896 381,774 388,159 7,708 395,867 404,094 8,[.)23. ;.15,;17
5ss 0 555 555 0 555 555 o sss
117,09 0 117,091 118,437 0 118,437 124,545 0 124,545
2,269 0 2,269 2,309 0 2,309 2,346 0 2,346
31,210 1] 31,210 32,227 (1) 32,226 34,577 0 34,577
54,904 0 54,904 58,799 0 58,799 61,801 0 61,801
(14,169 0 (14,169) (146,399 0 (14,399) (14,545) 0 (14,545)
191,860 0 191,860 197,928 QD] 197,927 209,279 ’ (.J ;.09,%7;
183,013 5,898 189,914 190,231 7,709 197,940 194,815 8,62; L;(.Jé,t-lié
49,873 3,072 52,950 53,054 3,629 56,483 53,693 3,562 57,255
$133,148 $3,824 $136,964 $137,177 $4,280 $141,457 $141,122 $6,461 $145,583
SZL2LZTII2LTS SSS=ZTITEIT ZSTTZZIZRIIZ SIEIXIZIXRST SES=EZ=== =S ZSEZITIIZRXZ
$1,568,818 $71 $1,568,889 $1,631,675 ($106) $1,631,569 $1,686,897 $40 $1,686,937
ZIZRELTBINW= II=T==ZRXT 3= RIIXXXNIBEEZI EIZLIIZTILT SIS SIIEIIIXTEIS BIZIZXTIIRITZI ZUZZSSIXIS: ORSS=SSSERES
8.492 8.73x 8.41% 8.67% 8.37% B8.63%
SSIST=WIZXX 532333233 ZSSZZIE3ZIR ZIZz=zX3333 =zzzzz-=z2z2%

ZSZSIZEIETER

APPENDIX A
1998 - 2000 SETTLEMENT
ILLUSTRATIVE RATE IMPACTS
PAGE 02-02
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ne

e e —

Particulars

(¢}]

CALCULATION OF INCOME TAXES
Earned Return
Deduct - Interest on Debt
Aad- Non-Tax Ded. Expense (Net)

izzounting Income After Tax

Aza (beauct) - Timing Differences
Add - Large Corporation lax
Tarallle Income After Taa

irzumne Taa Rate (Current Tax)
1 - Current Income Tax Rate

Taxable Income (L10 : L14)

irzcme Tax- Current (L18 x L13)

- Large Corporation Tax

ictal

RE.EWUE DEFICIENCY
Earned Return
Add - Income Taxes
Ceduct - Utility Income Before Taxes,
Present Rates
lorporate Capital Tax

teticiency Atter Corporate Capital Tax

BC GAS UTILITY LTD.
APPENDIX A

1998 - 2000 SETTLEMENT
JLLUSTRATIVE RATE IMPACTS
PAGE 02-03

INCOME TAXES / REVENUE DEFICIENCY
FOR TME YEARS ENDED DECEMBER 31, 1998, 1999 aND 2000

($000)
1998 1999 2000
----Revised Rates----- ----Revised Rates----- ----Rev;;;;-;;;;;:::::
Present Revised 1998 Reviseq 1999 Revised
Rates Revenue Total Rates Revenue Total Rates Revenue Total
(2 %1 (%) (5) (6) %s) (8) o a0y
$113,140 $3,824 $136,964 $137,177 $4,280 $141,457 $141,122 $4,461 $145,583
(13, 7111) H (73,706) (77,441) €4) (77,445) (84,252) «7) (84,269)
4,435 0 4,435 5,317 0 5,317 4,315 0 4,315
63,864 3,829 67,693 65,053 4,276 69,329 61,185 4,4;;. - ..85:629
9,757 0 (9,757 (7,309) 0 (7,309) (2,875) 0 (2,875)
2,640 (76 2,364 2,508 (86) 2,622 2,597 (90) 2,507
$56,547 $3,753 $60,300 $60,252 $4,190 $64,442 $60,907 $4,354 ...;$5:261
ZZTZZTITIXXT XIIZSERIZZXT SSSTIIZIITIS SESTIZIIIIZT OZSIZZIXIIIIZ OSISETIIZTII OSSSI2IBPR=2- == -2z == ==Z===z=z====
45.620% 45.620% 45.620% 45.620% 45.620% 45.620% 45.620% 45.620% 45.620%
54.380% 54.380% 54.380% 54.380% 54.380% 54.380% 54.380% 54.380% 54.380%
$103,985 $6,901 $110,886 $110,798 $7,705 $118,503 $112,003 $8,006 $120,009
z= Z282Z ZSSTTZINIERRZ ZSSEIIXITITT SSZZXIISTES SSZIZXIRRNES ZSBILDIXTTS SSSSETIXE==c S=TIsS======
=
$47,438 $3,148 $50,586 $50,546 $3,515 $54,061 $51,096 $3,652 $54,748 E;
2,440 (76) 2,364 2,508 (86) 2,422 2,597 (90) 2,507 (.f’, o
--------------------------------------------------------------------------------------------------- m (D
> ™
$49.,878 33,072 $52,950 $53,05¢4 $3,429 356,483 $53,693 $3,562 $57,255 =
SZZEZTEITIEZ SSSSEIITIRS SSSESIZSTES OSSSSSITSSSI OZSSZIIPIIITTZ OSSZIIZTIZZTIS OSESTISI=IR=: SSSS===Z==z sz zZ=sS==z==== < 8
. m 8
o O
$3,824  $136,964 $4,280  $141,457 $4,461 $145,583 > v
3,072 52,950 3,429 564,483 3,562 57,255 opdm >
> m :l 0
0 (183,018) 0 (190,231) 0 a%,819) =2 r-g
0 0 () 3} 0 O mPmP
""""""""""""""""""""""""""""""""" o»=<0
NO M
$6,896 $6,896 $7,708 $7,708 $8,023 $8,023 & 4=
ESZZETFITSXT- SSSSRXIZERZ SSSSERISZZIZ ZSZZZEZZ=ZXRS w m —‘ >




Line
No.

-
OOV ~NOWVESWN-~

-
N -

Particulars
1
1998 PRESENT RAIES
Long-Tera Debt
Unfunded Debt
Preference Shares
Common Equity

1998 REVISED RATES
Long-Tera Debt
Unfunded Debt
Adjustment, Revised Rates
Preference Shares
Common Equity

1999 AT 1998 RATES
tong-Term Debt
uUnfunded Debt
Preference Shares
Common Equity

1999 REVISED RAIES
Long-lerm Debt
unfunded Debt
Adjustment, Revised Rates
preference Shares
Common Equity

2000 AT 1999 RAIES
Long-Term Debt
tUnfunded Debt
Preference Shares
Common Equity

2000 REVISED RAIES
Long-Term Pebdt
unfunded Debt
Adjustment, Revised Rates
Preference Shares
Comuvon Equity

BC GAS UTILITY LTD.
RETURN ON CAPITAL

FOR THE YEARS ENDED DECEMBER 31, 1998, 1999 AND 2000

($000)
) Average
-------- Capitalization -------- Embedded
Reference Amount X Cost
(2) (3 (4) (5) (6)
$692,562 44.15% 9.620%
211,701 13.49% 4.000%
144,845 9.36% 6.995%
517,710 33.00% 9.515%
$1,568,818 100.00%
EITTXBIRNIET ISZSIEIIRXS
$692,582 44,147 9.420%
$211,701
48 211,749 13.50% 4.000%
144,845 9.36% 6.995%
517,733 33.00% 10.250%
$1,568,889 100.00%
EZZZXTIXRX= ZT=STSTTRZTXX
$734,940 45.04% 9.288%
229,546 14.07% 4.000%
128,736 7.89% 6.946%
538,453 33.00% 9.455%
$1,631,675 100.00%
ZIITIIZTXIZT SS2ZZE=ZTEX
$734,940 45.05% 9.288%
$229,546
(71) 229,475 14.06% 4.000%
128,736 7.89% 6.946%
538,418 33.00% 10.250%
$1,631,569 100.00%
23IZ2222SEZX= ===========
$828,322 49.10% 9.016X
239,399 16.19% 4.000%
62,500 3.71% 6.631%
556,676 33.00% 9.455%
$1,686,897 100.00%
ESZEEXRITITT ESS=ITTIREX
$828,322 49.11% 9.016X%
$239,399
27 239,426 14.19% 4.000%
62,500 3.70% 6.631%
556,689 33.00% 10.250%

APPENDIX A
1998 - 2000 SETTLEMENT

ILLUSTRATIVE RATE [MPACTS

PAGE 02-04
Cost Earneq
Component Return
€] (8)

4.16X

0.54X

0.65%

3.14X

8.49%
E=S====z==x

4.16% $65,239

0.54% 8,470

0.65% 10,272

3.38% 53,068

8.73%  $137,049
SIII==Ezz== zzx2x2===2:

4.18%

0.56%

0.55%

3.12%

8.41%
=====z233=:z2=

6.18% $68,261

0.56% 9,179

0.55% 8,942

3.38% 55,188

8.6TX $141,570
SSSSS=SSSs=2 z=xz==z2z==z=z3:z

4.43%

0.57X%

0.25%

3.12%

8.37%
2=S====z2=2:==

4.463% $74,682

0.57% 9,577

0.25% 4,164

3.38% 57,061
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BC GAS UTILITY LTD.
TARGET COSTS - CAPITAL EXPENDITURE SUMMARY

FOR THE YEARS ENDING DECEMBER 31, 1998 TO 2000

APPENDIX A
1998 - 2000 SETTLEMENT
ILLUSTRATIVE RATE IMPACTS

(3000) PAGE 03-04
Line Target Costs
No. Particulars Bass Cost 1998 1999 2000
() ) (3 4 (5)

1 SUMMARY - TOTAL COST

2

3

4 CATEGORY:

5

8 A : MAINS, SERVICES & METERS $35.204 $36.246 $37.652 $38.445

7

8 B: SYSTEM INTEGRITY AND

9 RELIABILITY 18,545 18,805 18,948 18.850
10
11 C: ALL OTHER PLANT 29,317 29,641 29,988 30.048
12
13 TOTAL - CATEGORIESA,B&C 83,066 84,692 86,568 87.343
14
15
16 D: SPECIAL PROJECTS 2300 0 0 0 0
17
18 8400 0 0 0 0
19
20 MISC. 0 1} 0 0
21
22
23 TOTAL CAPITAL EXPENDITURES 83,066 84,692 86,588 87,343
24
25 TOTAL PER 1998 - 2002 VOL. 1. PAGE 03-04 (REV.) 89,908 93,474 95,829 135.013
26
27 INCREASE (DECREASE) ($6.842) ($8.782) ($9.241) ($47.670)
28
29
30 TOTAL CAPITAL EXPENDITURES - REAL ($1997) $83.066 $83.853 $64.882 $84.774

SL1OVdWI 31V IAILYHLISNT
AN3W3ILL3S 0002 - 8661

¥0-€0 39vd
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BC GAS UTILITY LTD.

CAPITAL EXPENDITURE / PLANT ADDITIONS SUMMARY

APPENDIX A

1998 - 2000 SETTLEMENT
ILLUSTRATIVE RATE IMPACTS

($000)
PAGE 03.05
Line Target Costs
No. Particulars Base Cost 1998 1999 2000
¢}] ] (3 (4) (5)

1 CAPITAL EXPENDITURES

2

3  A: MAINS, SERVICES & METERS $35,204 $36.246 $37.652 $38.445

4

5 B: SYSTEMINTEGRITY AND

6 RELIABILITY 18,545 18.805 18,948 18,850

7

8 C: ALL OTHER PLANT 29,317 29641 29,988 30.048

9
10  D: SPECIAL PROJECTS 0 0 0 0
11
12 TOTAL CAPITAL EXPENDITURES 83,066 84,692 86.588 87,343
13
14
15 WORK IN PROGRESS
16 Add - Opening WIP 16,100 15,205 8,380
17
18
19 Less - Closing WP (15,205) (8.380) (9.770)
20
21
22
23 Add - AFUDC 1.550 1,595 1,530
24
25 Add - O'H Capitalized 28.867 29,203 23.413
26
27 SUBTOTAL - PLANT ADDITIONS 116,004 124,211 110.896
28
29 Add - 1996 and 1997 CPCN's 6618
3
31 TOTAL PLANT ADDITIONS 122,622 124,211 110.896
32

33 TOTAL PER 1998 - 2002 VOL. 1, PAGE 03-05 (REV.) 117,612 119,759 151,120
3‘ .

35 INCREASE (DECREASE) $5.010 $4.452 ($40.224)

S1OVdWI 31vd IAILYYLSNT
LN3W31L13S 0002 - 8661
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BC GAS UTILITY LTD.
OPERATING & MAINTENANCE EXPENSE
($000)

APPENDIX A
1998 - 2000 SETTLEMENT
ILLUSTRATIVE RATE IMPACTS

PAGE 09-02
Line Target Costs
No. Particulars 1998 1899 2000
(1) (2 3 (4)

1 Cost Dnvers / Escalators

2 Average No. of Customers 734.710 750.609 767.317

3 Growth % 2.10% 2.16% 2.23%

4 Productivity Improvement

] Factor (PIF) 2.00% 2.00% 300%

(] Inflation (CP1) 1.00% 1.00% 1.00%

7

8 O&M(Gross)

9 o&M §133.784 $135,343 $135,638
10 BC Hydro Service Agreement 10,550 10,673 10,896
11 Total 144,334 146,016 146,334
12
13 DRIA's
14 -DSM/IRP 1,624 1.624 1,624
15 - Other - - -

16 1,624 1,624 1,624
17 Total Gross O8M 145.958 147,640 147.958
18

19 O'H Capitalized 20.00% 20 00% 16 00%
20 oM 28,867 29,203 23,413
21 BC Hydro Service Agreement

22 DRIAS

23 -DSM/IRP - - -
24 - Other - - -
25 Total O'H Capitalized 28.867 29.203 23.413
28

27 Total Per 1998 - 2002 Vol. 1, Page 09-02 (Rev.) 15,075 15510 15,967
28 Difference 13,792 13,693 7.448
29

30  OBM Expense (Net)

3 oM 115,467 116,813 122,921
32 DRIA's

33 -DSM/IRP 1,624 1.624 1,624
K7} - Other - - -
a5 Total O&M Expense $117.091 $118,437 $124,545
36

7 Totat per 1998-2002 Vol. 1, Page 039-02 (Rev ) $133.335 $137.133 $141.126
38

39 Difference ($16.244) ($18.696) (516.581)

SLOVdWI 31vd IAILYYLISNTI
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10
1
12
13
14
15
1€
17
18
19
20
21
22
23
24
25
26
27
28
29
30
n

Particulars Account
(1N (2)
Deterred Interest #179-008
Market Rebate Incentive
- Water Meater Grants #179-052
- Commercial & Multi-family 2179-013
NGV Conversion Grants #179-018
NGV Conversion Grants 1996-1997
NGV Conversion Grants 1998-2002
tocal Gas Development #179-053
Fraser Valley Gas Exploration #179-092
Revenue Req. Hearing - 1998-2002  #179-141
vemand Side Management #G-69-93 #179-063
Demand Side Management 1996-97
Demand Side Management 1998-2002
integrated Resource Plan #G-69-93 #179-064
Integrated Resource Plan #G-60-94
Integrated Resource Plan 1996-97
Integrated Resource Plan 1998-2002
Residential Thermostat Program #179-109
Property Tax Deferral #179-062
2179-069

Westar Receivable

BC GAS UTILITY LID.

UNAMORTI2ED DEFERRED CHARGES AND AMORTIZATION
FOR ;HE YEAR ENDED DECEMBER 31, 1998
($000)

forecast

Balance Gross Less- Net

12/731/97 Additions Jaxes Additions
(3 (4) (5) ()

$0 $0 $0 $0

402 1] 0 0

103 0 0 0

20 0 0 0

1,534 0 0 0

0 1,500 (848) 832

2,908 (4] (90) (90)

457 0 0 0

133 0 0 0

45 0 0 0

327 0 0 0

0 1,585 (705) 880

133 0 0 0

147 0 0 0

108 0 0 0

0 100 (45) 55

30 0 0 0

(890) (¢} 1] 0

134 0 0 0

APPENDIX A
1998 - 2000 SETTLEMENT
1998
PAGE 03-11.1
Amortization Mid-Year
--------------------- Batance Average
Expense Other 12/31/98 1998
(7) (8) (€3] (10)
$0 $0 $0 $0
(100) 0 302 352
(55) ¢] 48 75
(20) 0 0 10
(527) 0 1,007 1,271
0 1] 832 418
(564) o] 2,254 2,581
(1) 0 366 411
(44) 0 89 m
(33) 0 12 28
(110) 0 217 272
0 0 880 440
77) 0 56 94
(49) 0 98 123
(36) 0 72 90
0 0 55 28
(1) 0 19 24
0 0 (890) (890)
27) 0 107 121

L'L1-€0 39Vvd

8661

AN3W31LL3S 0002 - 8664
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Line
NO. Particulars Account
(¢)] (2)

32 G.C.R.A. #179-088
33 G.C.R.A. Interest #179-188
34

35

36 Uffsystem Sales Coord. Center #179-120
37 Revelstoke Propane Cost #279-024
38 B.C. Hydro DRIA #179-144
39 DSM ORIA 2179- 142
40

41 Recovery of Non-Utility Service #279-063
42 RSAM #179-089
43

&4 NGV B.C. Transit Grants #179-105
45 BC21 Power Smart Program :nr-119
46 BC21 Power Smart Phase 2

47

48 Ccastal Facilities (#C-6-95)

49 - Relocation

S0 - Lochburn NBV Amortization

51 - fraser Valley NBV Amortization

S2

53

5S4 Organizational Restructuring #179-132
55 Non-Core Margin Deferral £2179-135
56

$7 Main Extension Hearing Costs #179-138
58 1995 IRP Participant Awards #179- 140

59 Gain cn Sale of Kamloops Property #279-001
60

61 Restructuring Costs

62

63

64

65

66

87

68 lotal Deferred Charges for Rate Base

BC GAS UTILITY LTD.

APPENDIX A
UNAMORTIZED DEFERRED CHARGES AND AMORTIZATION 1998 -

FOR THE YEAR ENDED DECEMBER 31, 1998 8 - 2000 SEITLE:S;;
($000) PAGE 03-11.2
:e:orded . Amortization Mid-Year

alance ross Less- Net  --c-cee- cececcemncannn Balanc A
12/31/97 Additions Toxes Additions Expense Other 12/31/38 v:;;ge

(3) (4) (5) (68) N (8) (9) -..2;6;'-.-
(13,500) 0 0 0 [ 4,500 (9,000) (11,250)
0 0 0 0 0

23 0 [1] 0 (10) 0 13 18

293 0 0 0 0 (293) 0 147
(823) 0 0 0 0 0 (823) (823)
(489) 0 0 0 0 0 (489) (489)
(98) 0 0 0 98 0 0 (49)
(7,500) 0 0 0 0 2,500 (5,000) (6,250)
461 0 0 0 (159) 1] 302 382

L4 0 0 0 (222) 0 222 333

168 0 0 0 (34) 0 134 151

2,387 1,049 (467) 582 (686) 0 2,283 2,335
1,108 0 0 0 (369) 0 739 924
878 0 0 0 (176) 0 702 790

480 0 0 0 (96) [ 384 432

214 0 0 0 0 (214) 0 107

18 1] 0 0 (18) 0 0 9

7 0 0 0 (7 0 0 4
(193) 0 0 0 193 0 0 (97)

0 3,000 (1,335) 1,665 (555) 0 1,110 555
($10,531) $7,234 ($3,310) $3,924 ($3,785) $6,493 (33,855; ..-E;;:é;;;
E3 22322 3 ESEETIXT2IXSZ SZ=ZX=TTRS SSZEIITEXS EZ=REZXTX= SZXZTI=2=2=z =zz==zxz=222

©
©
(53]
[}
o
o
o
o) n
> m}s
@ 33
— m
o mz=
‘."_,%o
N ~
-8z
Moo ~HP



No. Particulars Account
(n (2)

1 Deferred Interest #179-008
2
3 Market Rebate Incentive
4 - water Meater Grants #179-052
S - Commercial & Multi-family #179-013
é
7 NGV Conversion Grants #179-018
8 NGV Conversion Grants 1996-1997
9 NGV Conversion Grants 1998-2002
10
11 Lccal Gas Development #179-053
12 Fraser Valley Gas Exptoration #179-092
13
14 Revenue Req. Hearing - 1998-2002 #179-141
15
16
17 Demand Side Management #G-69-93 #179-063

18
19 Demand.Side Management 1996-97
20 Demand Side Management 1998-2002

21

22
23 Integrated Resource Plan #G-69-93

24 Integrated Resource Plan #G-60-94
25 Integrated Resource Plan 1996-97
26 Integrated Resource Plan 1998-2002
27

28
29 Resiuential Thermostat Program

30 Property Tax Deferral
31 westar Receivable

#179-064

#179- 109
#179-062
#179-069

BC GAS UTILITY LTD.

UNAMORTIZED DEFERRED CHARGES AND AMORTIZATION

FOR THE YEAR ENDED DECEMBER 31, 1999

($000)
forecast

Batance
12/31/98

302

1,007
832

2,254
366

89

12

217
880

Gross
Additions

[-X-¥ -}

Less-
Taxes

oo oo

(668)
(81)
0

[=N-N-]

Net

.........

880

wmwooo

ooo

Amortization
Expense Other
"N (8)

$0 $0
(100) 0
(48) 0

0 0
(527) 0
(277) 0
(554) 0
o“n 0
(44) 0
(12) 1]
(109) 0
(293) 0
(56) 0
(49) 0
(36) 0
18) 0
(1) 0

0 429

(26) 0

APPENDIX A

1998 - 2000 SETTLEMENT

1999

PAGE 03-11.3

Mid-Year

Balance Average
12/31/99 1999
9 (10)

$0 s$0

202 252

0 24

0 0

480 743

1,387 1,109

1,629 1,932

275 320

45 67

0 [

108 1463

1,467 1,174

0 28

49 3

36 S4

92 74

8 14

(461) (676)

81 93

£'11-€0 3OVvd
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BC GAS UTILITY LTD.

APPENDIX A
UNAMORTI2ED DEFERRED CHARGES AND AMORTIZATION 1998 - 2000 SETTLEMENT
FOR THE YEAR ENDED DECEMBER 31, 1999 1999
(5000) PAGE 03-11.4
Recorded Amortization Mid-Year
Line Balance Gross Less- Net  --c--ccceee eoeemcicea. Balance Average
No. Particutars Account 12731798  Additions Taxes Additions Expense Other 12/31/99 1999
(n (2) (3) (%) (5) (4) (7) (8) (9) (10)
32 G.C.R.A. ] #179-088 (9,000) 0 1] 0 0 4,500 (4,500) (6,750)
33 G.C.R.A. Interest #179-188 0 0 0 0 0 0 0
34
35
36 Offsystem Sales Coord. Center #179-120 13 0 0 0 (13) 0 0 7
37 Revelstoke Propane Cost #279-024 0 0 0 0 0 0 0 0
38 B.C. Hydro DRIA #179- 144 (823) 0 0 0 0 0 (823) (823)
39 DSM GRIA 7n79-1462 (489) 0 0 0 0 0 (489) (489)
40
41 Recovery of Non-Utility Service #279-063 0 0 0 0 0 0 0 0
42 RSAM #179-089 (5,000) 0 0 0 0 2,500 (2,500) (3,750)
43
44 NGV B8.C. Transit Grants #179-105 302 0 0 0 (159) 0 143 223
45 BC2! Power Smart Program nre-119 222 0 0 0 (222) 0 0 mm
46 BC21 Power Smart Phase 2 134 0 0 0 (34) 0 100 17
47
48 Coastal Facilities (#C-6-95)
49 - Relocation . 2,283 1,049 (467) 582 (802) 0 2,063 2,173
S0 - Lochburn N8BV Amortization 739 0 0 0 (369) 0 370 555
S1 - Fraser Valley NBV Amortization 702 0 0 0 (176) 0 526 614
52
53
54 Organizational Restructuring 2179-132 384 0 0 0 (96) 0 288 336
S5 Non-Core Margin Deferral 2179-135 0 0 (1] 0 0 0 0 0
56
S? Main Extension Hearing Costs #179-138 0 0 0 0 0 0 0 0
S8 1995 IRP Participant Awards #179-140 0 0 0 0 0 0 0 0
59 Gain on Sale of Kamloops Property #279-001 0 0 0 0 0 0 0 0
60
61 Restructuring Costs 1,110 0 0 0 (555) 0 $55 833
62
63
64
65
66
- e SR L L R L L R R
68 Total Deferred Charges for Rate Base (33,899) $4,234 ($1,966) $2,268 ($4,667) $7,429 $1,13 ($1,384)
*J===x ==ZzZx2=z=x2ZxX T=z=x=zz==:c I==z===2==2 2z3222z==2===2

Z2Z2XIIEWEXZ SZSWRZEZW= ZZTRITTEES ===

v'L1-€0 39vd
LN3W31LL3S 0002 - 8661
V XION3ddv

6661




($000)
Forecast
Line Ralance
NO. Particulars Account 12/31/99
(n (2) (3
1 Deferred Interest #179-008 0
2
3 Market Rebate Incentive
4 - water nenter Grants #179-052 202
S - Commercial & Hulti-famiiy #179-013 [+
A
7 NGV Conversion Grants #179-018 0
8 NGv Conversion Grants 1996-1997 480
9 NGV Conversion Grants 1998-2002 1,387
10
11 tocal Gas Development #179-053 1,629
12 fraser Valley Gas Exploration 2179-092 275
13
14 Revenue Req. Hearing - 1998-2002 #179-141 45
15
16
17 Demand Side Management #(-49-93 #179-043 a
18
19 Demand Side Management 1996-97 108
20 Demand Side Management 1998-2002 1,467
F4
22
23 Integrated Resource Plan #G-69-93 #179-064 0
4 Integrated Resource Plan #G-60-94 49
25 Integrated Resource Plan 1996-97 35
26 Integrated Resource Pian i998-2002 g2
2y
(4]
28 Residential Thermostat Program #179-109 8
29
30 Property Tax Deferral #179-062 (461)
31 westar Receivable #179-069 Bi

GAS

utTiLiTY LD,

UNAMORTI12ED DEFERRED CHARGES AND AMORTIZ2ATION

FOR THE YEAR ENDED DECEMBER 31, 2000

(- ¥~

cooo

1,50

(=] o0

o

o

0
(705)

o wooo
-

oo

Net

Additions

Noo oo

-~
od
~

o

(=]

880

w
Vvwooo

(=]

Amortization
Expense Other
(7) (8)
t0 $0
(100) 0
42 0
0 0
(480) 0
(555) 0
(520) 0
91) 0
(45) 0
0 0
(108) 0
(587) 0
0 0
(49) 0
(36) 0
37) 0
(8) 0
0 461
27) 0
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Line
NO. Particulars Account
(n (2)

32 G.C.R.A. #179-088
;3 G.C.R.A. Interest #179-188
4
35
36 Ottsystem Sales Coord. Center #179-120
37 Revelstoke Propane Cost #279-024
35 8.C. Hydro DRIA 2179-144
39 DSM DRIA f179-142
40
41 Recovery of Non-Utility Service #279-063
42 RSAM #179-089
43
44 NGV B8.C. Iransit Grants #179-105
45 BC2) Power Smart Program nre-119
46 B8C21 Power Smart Phase 2
47
48 Coastal Facilities (#C-6-95)
49 - Relocation 179-128
S0 - Lochburn NBV Amortization
§1 - Fraser Valley N8V Amortization
52
53
S4 Organizational Restructuring 2179-132
55 Non-Core Margin Deferral 21179-135
56
57 Main Extension Hearing Costs #179-138
58 1975 IRP Participant Awards #179-140

59 Gain on Sale of Kamloops Property #279-001
40

&1 Restructuring Costs

82

63

13

6S

66

67

68 Total Deferred Charges for Rate Base

BC GAS UTILITY LTD.

UNAMORTI2ED DEFERRED CHARGES AND AMORTIZATION
rogogns YEAR ENDED DECEMBER 31, 2000
($000)

Recorded
Balance Gross Less- Net
12/31/99 Additions Taxes Additions
(3) (4) (5) (6)
(4,500) 0 0 0
0 0 0 0
0 0 0 0
0 0 0 0
(823) 0 0 0
(489) 0 0 0
0 0 0 0
(2,500) 0 0 0
143 1] 0 0
0 0 0 0
100 0 0 0
2,063 1,049 (467) 582
370 0 0 0
526 0 0 0
288 0 0 0
0 0 0 0
0 0 0 0
0 0 0 0
0 0 0 0
555 0 0 0
$1,131 $4,234 ($1,958) $2,276
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Amortization Mid-Year
--------- R Balance Average
Expense Other 12/31/2000 2000
(7) (8) ¢2] (10)

0 4,500 (2,250)

0 0 0

0 0 0 0

0 0 0 0

823 0 0 (412)

489 0 0 (245)

0 0 0 0

0 2,500 0 (1,250)

(143) 0 0 7

0 0 0

(34) 0 66 83

(918) 1] 1,727 1,895

(370) 0 0 185

(1768) 0 350 438

(96) 0 192 240

1] 0 0 0

0 0 0 0

0 0 0 0

0 0 0 0

(555) 0 0 278

($3,6645) $7,461 $7,203 $4,167
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July 15, 1997

Mr. Jim Quail

The British Columbia Public
Interest Advocacy Centre

815 - 815 West Hastings Street

Vancouver, B.C.

V6C 1B4

Dear Jim:
Re: BC Gas Utility Ltd.

Thank you for your two letters of July 10, 1997 indicating your consent to the terms of the proposed

settiement document along with the letter recording your interpretation of two of the provisions of the
proposed settiement of this matter.

With respect to O&M productivity gains from capital projects the settlement document records the method

for recognizing productivity at page 5. During our discussions of this matter we explored several

;:;amplcs including the Southem Crossing Project and the construction of a new operations building in the
wer Mainland.

In the case of the Southem Crossing Project the approval and construction of the pipeline would come into
rate base the year following its completion. A number of impacts would be felt including funding of the
rate base addition, changes to Westcoast or other upstream transportation suppliers, new gas supply
options at hopefully more efficient prices, and the potential of third party revenues from the use of spare
ca

BE

acity in the pipeline. None of these components would affect the O&M productivity levels unless
Gas were also able to obtain a direct O&M Yroducdvity improvement from the existence of this new
capital edition. If that were to occur it wou

d be available to assist BC Gas in meeting its O&M
productivity targets during the remaining term of the three year agreement.

The completion of a new operations centre in the Lower Mainland is probably a better example of where
some O&M productivity might occur. In this case, BC Gas may seek approval and then build the new
operations centre allowing it to sell pants of the Boundary/Lougheed property and relocate personnel from
a number of leased premises. Presumably, there would also be some down sizing of space requirements
at the downtown office. The effect would be that the new capital costs would flow into rate base the year
following their completion and the proceeds of the sale of the Boundary/Lougheed property would regutj.e
rate base. These changes would not affect the O&M productivity levels but the Company will likely 0 m:t
a number of efficiencies resulting from the more efficient housing of employees. the avoidance of travel,
and such matters as the updating of equipment. These benefits are all available to assist the Company in
meeting its O&M productivity targets for whatever remaining period exists in the three year settlement.
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A third potentially significant CPCN could be the completion of a new customer information system
allowing consolidated billing and other links to the financial and work order systems within BC Gas. As
with the other projects the capital costs related to the new system would come into rate base in the year
following completion. At the same time the Unisys system would be retired from rate base and the billing
contract with B.C. Hydro would be terminated. These changes would not effect the O&M productivity
targets. but the existence of the new customer information systems would likely have a profound impact

- on BC Gas operations, allowing improved information and efficiencies in numerous O&M areas of the
Company. All of these O&M benefits would assist the Company in meeting the O&M targets for the
remaining period of the three year settiement.

I hope this assists by providing an assessment of three of the more significant capital projects which may
come to realization late in the three year settlement horizon.

Yours truly,
A/ A \)/
W.J. Grant
IG/Im
e Mr. D.M. Masuhara, Vice President
Legal and Regulatory Affairs
BC Gas Utility Ltd.
Mr. David Bursey, Bull, Housser & Tupper
Mr. Chris Weafer, Owen Bird
Ms. Carol Reardon, Heenan Blaikie
Mr. Dave Newlands, Fording Coal, ‘
c/o Pacific Western En ucts and Services Inc

Mr. R. O'Callaghan, RT Q'Callaghan & Associates Inc
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Chapter 1

Introduction

With respect to an application by TransCanada PipeLines Limited ("TransCanada”, "the Company" or
"TCPL") dated 5 July 1995 ("RH-2-95") for 1996 tolls. the National Energy Board ("the NEB" or “the
Board"). in its Letter Decision dated 22 February 1996, indicated that it would, at a later date, be
issuing a consolidated version of the decisions which would include under one cover, key
documentation for both Phase 1 and Phase 2 of RH-2-95. In addition, the NEB indicated that it would
include the complete text of the Incentive Cost Recovery and Revenue Sharing Settlement. For ease
of reference and in order to assist parties, the NEB is now issuing a blue-cover compilation of certain
key documents produced with respect to 1996 tolls. The NEB believes that this blue-cover
compilation will provide an important legacy/reference document. In this regard, the NEB has
included the following information:

Chapter 2 FST Settlement Agreement dated 16 November 1995 between the
Canadian Association of Petroleum Producers ("CAPP"), The Consumers’
Gas Company Ltd. ("Consumers"), Union Gas Limited ("Union"), and
TransCanada.

Chapter 3 NEB Reasons for Decision regarding RH-2-95 Phase 1.

Chapter 4 TransCanada Incentive Cost Recovery and Revenue Sharing Settlement.

Chapter 5 NEB Reasons for Decision regarding RH-2-95 Phase 2.

Chapter 6 Interim Toll Order AO-1-TGI-3-95.

Chapter 7 Final Toll Order TG-2-96.

Chapter 8 List of Other Relevant Key Documents.
In order to minimize the number of pages of this blue-book document, the NEB has electronically
scanned and inserted the settlement agreements contained in Chapters 2 and 4. As a result, the page
numbers reflected in the blue book do not reconcile with those in the original agreements. In addition,
the NEB is concerned that Chapters 2 to 7, inclusive may contain some discrepancies with the original

documents as they were filed with or issued by the NEB. Therefore, in case of any discrepancy, the
NEB directs readers to refer back to the original documents which constitute the official versions.

RH- --35 Summary 1



- Chapter 2

FST Settlement Agreement

FST SETTLEMENT AGREEMENT

THIS AGREEMENT made as of the 16th day of November, 1995

BY AND AMONG:

CANADIAN ASSOCIATION OF PETROLEUM PRODUCERS, a Canadian
not-for-profit corporation ("CAPP")

- and -

THE CONSUMERS’ GAS COMPANY LTD., an Ontario corporation
("Consumers Gas") '

- and -
UNION GAS LIMITED, an Ontario corporation ("Union")
- and -

TRANSCANADA PIPELINES LIMITED, a Canadian corporation ("TransCanada")

WITNESSES THAT, WHEREAS:

A

CAPP, Consumers Gas, and Union (collectively the "FST Parties" and individually an "FST

Party”) have a significant interest in TransCanada’s transportation services and tolls in general and,
in the context of this Agreement, Firm Service Tendered ("FST"’) and the FST differential and toll

in particular.

TransCanada is the applicant and the FST Parties are intervenors in the public hearing before the
National Energy Board ("the Board") in respect of TransCanada’s application for tolls effective
January 1, 1996 (the "Application") pursuant to Hearing Order RH-2-95 (the "Hearing").

Consumers Gas and Union have each exercised their contractual rights to convert two-thirds of
their FST service entitlements to Firm Transportation Service entitlements, effective

November 1, 1998, by giving TransCanada a timely notice to that effect, which TransCanada has
accepted. The notice given by Consumers Gas also applies to the conversion of the remaining

one-third of its FST service entitlement to a Firm Transportation Service entitlement, effective
November 1, 1999.

In the light of the conversion notices, TransCanada and the FST Parties have discussed and wish
to implement a consultative process, involving a broad base of TransCanada’s shippers and other

RH-2-95 Summary
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Toll Design -
- Schedule 5.1
Sheet 1 of 1 =
Revised November, 1995 ,,
Table 2-1
Calculation of the FST Toll and Differential =
for the Test Year ending December 31, 1996 B
kil
LINE RATE VOLUME COST ’
NO. PARTICULARS DEMAND COMMODITY 100% LF 10°M3 CDN(%) ‘.
(a) (b) (c) d) (e ) :
(A) EQUIVALENT COST OF FIRM TRANSPORTATION SERVICE
1 Union 1,048.75 0.954 35.433 2 694.0 95,456,502
2 Consumers 1,048.75 0.954 35.433 22950 81,318,735
3 TOTAL COST BASED ON FIRM TRANSPORTATION TOLL 4 989.0 176,775,237
(B) COST BASED ON THE SUITE OF SERVICES
(1) STFT COMPONENT (50%) -
4 Winter 35.433 997.8 35,355,047
5 Summer 35.433 0 0
6 Total STFT Component 997.8 35,355,047 E
(2) IT COMPONENT (100%) 200% LF TOLL
7 Summer 1,048.75 0.954 18.194 29934 54,461,920
(3) CURTAILABLE COMPONENT (50%) '
8 Winter * 61 DAYS IT MIN) 18.194 400.4 7,284,878
9 * 91 DAYS WFS (MAX) 49.606 597.4 29,634,624
997.8 36,919,502
10 TOTAL COST BASED ON THE SUITE OF SERVICES 25.403 4 989.0 126,736,469
11 TOTAL DIFFERENTIAL (Line 3 - Line 9) 10.030 $/10°m3 50,038,768 1
* Based on 152 days in the 1996 Winter Season -
§
1
o3
)
6 RH-2-95 Summary o



Chapter 3

NEB Decision - Phase 1 FST Settlement

TransCanada PipeLines Limited ("TransCanada")
Application Dated S July 1995 for 1996 Tolls (""RH-2-95")
Reasons for Decision Regarding Phase 1

Background

On 5 July 1995, TransCanada PipeLines Limited ("TransCanada") filed an application pursuant to
Part IV of the National Energy Board Act ("the Act") for new tolls to be effective 1 January 1996.

On | September 1995, the National Energy Board ("the Board") issued Hearing Order RH-2-95 setting
down the application for a public hearing to commence on 11 December 1995. Hearing Order
RH-2-95 was amended by letters dated 12 October and 7 and 16 November 1995.

On 20 October 1995, the Board approved a request by TransCanada to divide the proceeding into
phases. Phase 1 would deal with issues related to cost allocation, toll design and tariff matters.
Phase 2, which would begin no earlier than 29 January 1996, would deal with cost of service and
other matters. TransCanada submitted that phasing would allow it sufficient time to complete
settlement negotiations respecting cost of service matters.

Phase 1 of the hearing took place in Ottawa, Ontario on December 11, 12, 13 and 14, 1995.

The matters considered in Phase 1 included: tolls and tariff issues resolved by the 1996 Tolls Task
Force; issues related to Firm Service Tendered ("FST") and an application for interim tolls to be
effective 1 January 1996.

The Board’s Negotiated Settlement Guidelines

In examining agreements among parties to a proceeding, the Board is guided by its Guidelines for
Negotiated Settlements of Traffic, Tolls and Tariffs, dated 23 August 1994, and the cover letter from
the Board of the same date (the "Guidelines"). Of particular relevance in these proceedings are the
following extracts from those documents:

e - All parties having an interest in a pipeline’s traffic, tolls and tariffs should have a fair
opportunity to participate and have their interests recognized and appropriately weighed in a
negotiated settlement. The settlement process should be open and all interested parties should
be invited to participate in the actual settlement negotiations.

. Upon filing of [information related to the resolution of individual toll design, tariff or other
matters), interested parties would be provided with an opportunity to comment on each
resolution. Resolutions that were not opposed by any party would normally be accepted by the
Board.

. The Board confirms that, when presented with a settlement package, it will either accept or
reject the package in its entirety.

RH-2-95 Summary 7



1996 Tolls Task Force Resolutions
TransCanada’s application contained twenty-one resolutions which had received either the unanimous
support of the 1996 Tolls Task Force or were unopposed. Three of the proposals had received

expedited consideration and approval by the Board prior to the hearing. The remaining eighteen were
unopposed at the hearing.

Decision

The twenty-one resolutions approved by the 1996 Tolls Task Force and put
forward as part of this proceeding and as described in Attachment 1, meet the
Board’s Guidelines. The Board has considered and approves the resolutions in

full and directs that they be incorporated into TransCanada’s Transportation
Tariff.

Firm Service Tendered ('""FST") Settlement Agreement

In Phase 1 of the hearing, the Board was asked by The Consumers’ Gas Company Ltd. ("Consumers"),
Union Gas Limited ("Union") and the Canadian Association of Petroleum Producers ("CAPP"),
collectively known as the FST Parties, and TransCanada to accept the FST Settlement Agreement
dated 16 November 1995 (the "FST Agreement"), to which these parties were signatories. While
acknowledging that certain interested parties were excluded from participation in the process which led
to the signing of the FST Agreement and thus did not meet the requirements of the Board’s
Guidelines, the FST Parties characterized the FST Agreement as a joint proposal and urged the Board
to accept it in its “substantial entirety”. The proponents of the FST Agreement noted that it had been
the intention of the FST Parties and TransCanada to include other parties in the negotiations; however,
due to time constraints, this had not been possible.

The Northeast Group and ProGas Limited ("ProGas") opposed the terms of the FST Agreement and
urged the Board to reject it. The Northeast Group also opposed the process which resulted in the FST
Agreement on the basis that, while it had a direct interest in the outcome, it had been excluded from
the negotiations. Further, the Alberta Department of Energy ("ADOE"), while taking no position on
the FST Agreement, urged the Board to adhere to its Guidelines.

Views of the Board

In applying the Guidelines to the FST Agreement, the Board agrees that this is not an agreement
within the meaning of those Guidelines. Accordingly, the Board believes that it would be
inappropriate to accept or reject the FST Agreement per se. However, the Board can review the
particular components of the FST Agreement, as it would with the common position of parties to a
proceeding, to determine whether each of the components is acceptable to the Board. Based on the
decisions taken by the Board, it will then be up to TransCanada and the FST Parties to determine
whether the terms of their FST Agreement have been met as a whole.

The two components of the FST Agreement which address issues relevant to Phase 1 of RH-2-95
relate to the appropriate “suite of services” methodology to be used in calculating the FST Differential
and the appropriateness and level of a split of the FST Differential between upstream and downstream.
In respect of each of these components, the Board has examined the evidence put forward by all
partics o these proceedings to determine the justness and reasonableness of each proposal proposed
jointly by the FST Parties and TransCanada.

] RH-2-95 Summary
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The Board also took note of the exclusion of other parties from the FST Agreement negotiations and
the reasons provided for their exclusion. -

FST Differential Methodology for 1996

In this proceeding, TransCanada applied for a change to the existing "suite of services” methodology
which was first applied to calculating the FST Differential as a result of the Board’s decision in
RH-3-94. The proposed “suite of services”, which in TransCanada’s view is a more appropriate
cost-based application of the generic "suite of services” approach to calculating the FST Differential.
and the existing "suite of services" are detailed below:

Proposed Suite of Services*

Winter: 50% of volumes * 151 days as Eastern Zone Short-Term Firm Transportation
("STFT") at the 100% load factor toll
50% of volumes + 61 days at the 200% load factor Eastern Zone Interruptible
Transportation ("IT") toll
* 90 days at the Winter Firm Service toll which is 1.4 times the
Eastern Zone 100% load factor Firm Transportation ("FT") toll

Summer: 100% of volumes 214 days at 200% load factor Eastern Zone IT toll

Existing Suite of Services* (as clarified in Board letter dated 23 November 1995)

Winter: 50% of volumes <« 151 days as Firm Transportation ("FT") at the 100% load
factor toll
50% of volumes <+ 151 days as the minimum Temporary Winter Service ("TWS")
toll

Summer: 50% of volumes <« 194 days as Firm Transportation ("FT") at the 100% load
factor toll
* 20 days as the minimum Eastern Zone IT toll at the 200% load
factor
214 days as the minimum Eastern Zone IT toll at the 200%
load factor

50% of volumes

* The foregoing would be modified to add one additional day to account for the leap year
which occurs in 1996.

TransCanada’s proposed "suite of services" is based on two criteria: the level of operating flexibility
which FST provides the system; and the contracting approach which a customer would likely take in
order to ensure the highest degree of probability that it would receive its volumes during the respective
seasons. in the most economical fashion. In order to appropriately reflect these criteria, TransCanada
has developed a proposed "suite of services” which places greater reliance on the IT toll.

TransCanada was supported by the other parties to the FST Agreement, TransCanada Gas Services
Limited ("TCGS") and the Ministry of Energy and Environment for Ontario. Opposition was
expressed by The Northeast Group and ProGas, who submitted that there had not been a sufficient
change in circumstances to warrant review of the existing "suite of services” approach, that the FST

RH-2-95 Summary 9



Differential had been arrived at through negotiations and that the proposed "suite of services” injected
an additional flavour of IT which did not accurately reflect the annual, seasonal and daily delivery
obligations of TransCanada under FST service.

Views of the Board

The Board continues to support the use of the "suite of services” methodology in deriving the FST
Differential.

The majority decision in RH-3-94 acknowledged that the "suite of services" approach, which was

adopted at that time, might require reassessment in a future proceeding. Specifically, in that decision
the majority stated:

"The Board recognizes that, if TransCanada or other parties believe that the value of FST service
to its system is more appropriately reflected by an alternate suite of services from that proposed by
CAPP or some other approach, there is an opportunity to bring forward a proposal either before
the Tolls Task Force or in a future tolls application.”

Upon reflection and after having experience with the "suite of services" approach, the FST Parties and
TransCanada have brought forward a proposed "suite of services” for consideration by the Board. It is
incumbent on those parties to satisfy the Board that the proposed "suite of services" will result in tolls
that would be more just and reasonable than those which resulted from the decision of the Board in
RH-3-94. As discussed above, the mere fact of agreement among some of the parties is not sufficient;
each of those parties acknowledged that the negotiations of the FST Agreement involved compromises.
Accordingly, the Board has carefully examined the evidence to determine whether the proposed “suite
of services" is a better surrogate for the value of FST service than that approved in the RH-3-94
decision. No other alternatives were put forward for consideration by the Board.

The level of the FST Differential for 1995 which was calculated from the existing "suite of services"
resulted in a decision by Consumers and Union to opt to convert FST volumes to FT volumes. This
decision to convert the FST volumes to FT volumes is strong evidence, in the Board's view, that
under the existing “suite of services”, FST service is overpriced and, therefore, inappropriate.

The main difference between the proposed "suite of services" and the existing "suite of services" is the
greater reliance on the IT toll. While certain assumptions made by TransCanada regarding the
availability of IT and shipper behaviour may not be totally accurate, the Board is persuaded that, on
balance, the proposed "suite of services” is a better proxy for the flexibility required by TransCanada
and the surety of transportation service required by the customer.

Decision

The Board approves TransCanada’s proposed "suite of services" proposal to calculate
the FST Differential and the FST toll for the 1996 test-year.

FST Differential Split
Under the terms of the FST Agreement, it is proposed that an upstream and a downstream component
to the FST Differential be designated for 1996. The allocation of the FST Differential was negotiated

to be 4 cents/GJ to the upstream and 21 cents/GJ to the downstream, based on a 25 cents/GJ FST unit
differential. In addition, it was agreed that, after TransCanada had applied an appropriate "suite of

10 RH-2-95 Summary
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contracts a pass-through of the upstream component of the F
identification by the Board of a split of the FST Differential in its RH-3-94

contractual uncertainty among the parties to those contracts.

Parties supporting the allocation of the FST Differential between upstream and downstream
components, although acknowledging that the split was a negotiated element of the FST Agreement,
argued for the inclusion in the Board’s decision of an approval of the split for the following reasons:

* It would assist parties to achieve their expectations under the contracts since the gas supply
contracts contemplate cost sharing on the basis of a split of the FST Differential.

» It would recognize that the upstream component is an element of the value captured in the price
for FST service.

» It would be consistent with the decision in RH-1-88, Phase 2, which recognized the
appropriateness of an upstream component of the FST Differential.

* Non-FST tollpayers are unaffected by any splitting of the FST Differential between upstream and
" downstrearn components.

The parties who opposed the approval of the split argued that it was not required for toii-setting
purposes, that it is only required to resoive a private contractuai dispute and that the determination of
the split was not an independent valuation of the components but was subject to private negotiations.
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discussed below, an element of the FST Differential is the value to the TransCanada system of the
flexibility provided both upstream and downstream by FST. In these circumstances, the Board is
satisfied that an identification and approval of an FST Differential split is a matter related to

TransCanada’s system fi;nblhty-and thus t(,; trafiic tolls and tariffs. Therefore, after' reviewing the
arguments presented by parties on this point, the Board has concluded that an approval of the FST
Differential split is within its jurisdiction.

Secondly, the Board must be satisfied that a recognition of the split, as put forward by TransCanada, is
also appropriate. In that regard, the Board notes that:
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* Parties to the FST gas supply contacts entered into those contracts, in part, in reliance on a
pass-through of the split as set out in the then-existing FST methodology. -

* The allocation is intended to recognize that the operating flexibility provided by FST is due to the
ability of both suppliers and the FST shippers to accommodate the service characteristics of FST.

* Parties supporting the FST Differential split have asked for the approval of the split as a
transitional measure to facilitate contractual matters and to encourage a positive and cooperative
approach to the upcoming consultative process for addressing FST corversion issues.

* The "suite of services” methodology does not, in and of itself, require or produce a split of the
EST Differential.

*  While there is no direct evidence on the record which could lead to an objective calculation of a
split of the FST Differential, all parties directly affected by the FST Differential split in this
proceeding have agreed to the value of each of the upstream and downstream components.

Decision

The Board also approves, as a transitional measure, the allocation of the FST Differential
between upstream and downstream components as per the terms of the FST Agreement
for the 1996 test-year.

Process to Address FST Conversion Issues

The Board’s 12 October 1995 amendment to Hearing Order RH-2-95 identified Issue 3 b) as the toll
and tariff impact of conversion from FST to FT. It was evident during the hearing that, at this time,
parties were of the view that this issue related to an upcoming process wherein the views of all parties
would be sought with respect to determining the ways and means by which TransCanada might be
able to maintain a suitable level of flexibility once existing levels of FST had been converted to FT.

Within the text of the FST Agreement, it was noted that TransCanada and the FST Parties would
co-operate and work together in an FST Study in order to implement a consultative process, involving
a broad base of TransCanada’s shippers and other stakeholders. This FST Study would examine and
eventually could determine the ways and means whereby TransCanada could maintain and possibly
enhance, on a long-term basis, the operating flexibility that is currently provided by the service
characteristics of FST, including the classes of transportation services that would achieve this end and
the corresponding service characteristics and toll-making methodologies.

In final argument, TransCanada indicated that such an examination to effect the conversion would be
broad in scope and a fully-open process. TransCanada indicated that the intent of this broad and open
approach is to recognize and address as many concems as may be raised by different stakeholders and
that the objective of the discussions will be to identify the optimum scenario which considers both the
economic and operational aspects of the conversion.

TransCanada also indicated that it supports the proposal made by The Northeast Group regarding an
overall review of alternate firm transportation services and that this proposal would be addressed, as
part of the FST Study in 1996, by all participants in the 1997 Tolls Task Force.
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TransCanada further stated that the results and conclusions from all discussions and analyses in the
consultative process will be included in the comprehensive FST Study. This Study will be filed with

the Board when TransCanada ultimately seeks approval from the Board to effect the conversion of
FST to FT.

Views of the Board

In the Board's view, the comprehensive nature of the Study and the consultative process to be used by
TransCanada should address the concemns of all stakeholders to RH-2-95 including those of The
Northeast Group and ProGas.

Decision

The Board does not consider it necessary to issue specific directions in this area at this
time. :

Interim Toll Request

By letter dated 6 December 1995, TransCanada applied, pursuant to Sections 19(2), 59 and 64 of the
Act, for an Order establishing interim tolls effective 1 January 1996. The attached Order TGI-3-95
establishes revised interim tolls effective 1 January 1996 to reflect the approval of the proposed “suite
of services" in this Decision as well as to reflect the change in TransCanada’s approved rate of return
“on common equity in accordance with the Board’s letter dated 6 December 1995, Order TGI-1-95 is
not revoked and continues to apply for the 1995 test-year pending final disposition by the Board of the
issue before it re: RH-3-94 on FST. TransCanada will be required to file all affected schedules and
revised tolls in compliance with the Phase 1 decisions and the approved rate of return on common
equity for 1996.

Disposition

The foregoing together with Order No. TGI-3-95 constitute our Decision and Reasons for Decision on
this matter.

(signed by)

J.A. Snider
Presiding Member

K.W. Vollman
Member

R. Illing
Member

Calgary, Alberta
December 1995
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1996 Tolls Task Force Resolutions
Resolution 96-1  Tariff Amendment - Sales Meter Stations Charges

The General Terms and Conditions ("GTC"), Section VII will be amended to lower the threshold
volume to which additional charges apply to 100 10°m? from 1 250 10°m? for sales meter stations
regardless of when the meter station was put into service.

Resolution 96-2  Tariff Amendment - FST Curtailment Responsibilities

The FST Toll Schedules will be amended to clarify the wording of the GTC - Section XV such that

an FST Shipper is not obligated to accept a Revised Tender unless that Revised Tender is a
curtailment.

Resolution 96-3  IT Toll Design Review

The IT Toll Design will remain in effect for the 1996 test-year as agreed upon in Resolution 95-1 by
the 1995 Tolls Task Force and as approved by the Board in RH-3-94 with the exception of those
changes to the IT Bidding Ceiling and the method of determining the applicable nominated toll level

as described in Resolution 96-14. It was further agreed that this issue would be revisited by the 1997
Tolls Task Force.

Resolution 96-4  Tariff Amendment - Imbalances Held at Primary Receipt Points

The GTC, Section II - "APPLICABILITY AND CHARACTER OF SERVICE" and Section XXII -
"NOMINATIONS AND UNAUTHORIZED VOLUMES" will be amended such that imbalances will
be deemed to have occurred and shall be held at the primary receipt point for the purposes of paying
back recorded imbalances.

Resolution 96-5  Tariff Amendment - Nomination Time Change

The nomination time will remain in effect as agreed in Resolution 95-14 by the 1995 Tolls Task
Force, and as approved by the Board in RH-3-94, for the 1996 test-year. It was agreed that this issue
would be reviewed by the 1997 Tolls Task Force.

Resolution 96-6  Tariff Amendment - IT Nominating Discipline

In an Application dated 23 August 1995, TransCanada requested that the Board approve the Tariff
Amendments to the IT Nominating Discipline that were agreed upon by the Tolls Task Force

members. In a letter dated 21 September 1995, the Board approved the applied-for tariff amendments.
This issue is to be reviewed by the 1998 Tolls Task Force.
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Resolution 96-7  Tariff Amendment - IT Bidding Process

In an Application dated 23 August 1995, TransCanada requested that the Board approve the Tariff
Amendments to the IT Bidding Process that were agreed upon by the Tolls Task Force. In a letter
dated 21 September 1995, the Board approved the applied-for tariff amendments.

Resolution 96-8 TransGas Tolling

The toll design for TransGas will be modified effective 1 January 1996 under which TransGas tolls
will be based on the distance from weighted average receipt points to weighted average delivery points
in either the Saskatchewan Zone or under the Intra-Saskatchewan contract.

Resolution 96-9  Tariff Amendment - Contract Pressure

The GTC, Section XII - "DELIVERY PRESSURE" will be amended to relieve TransCanada of the
responsibility to maintain contract delivery pressure at times, such as during peak loads, when the
delivery pressure falls despite reasonable preventative measures taken by TransCanada’s to maintain it.

Resolution 96-10 Tariff Amendment - STS Service Classification

The GTC, Section XV - "IMPAIRED DELIVERIES" will be amended to reflect changes to the order
of priority of both daily and seasonal curtailments of STS. This issue is to be reviewed by the 1997
Tolls Task Force.

Resolution 96-11 Expedited Processing of Resolutions 96-6 and 96-7

It was resolved that TransCanada would file an application with the Board requesting expedited
processing of Resolutions 96-6 and 96-7.

Resolution 96-12 Winter Firm Service (WFS) Price Cap

In its applications dated S and 10 July 1995, TransCanada requested Board approval of deviations
from TransCanada’s Transportation Tariff as it applies to Winter Firm Service for the bid period
covering the 1995/96 winter season. In letters dated 7 and 11 July 1995, the Board approved
Resolution 96-12 in its entirety.

Resolution 96-13 Temporary Winter Service (TWS) Price Cap

The Tolls Task Force agreed to amend the TWS toll schedule to reflect changes to the TWS price cap
and the length of service entitlement for the bid period covering service for the 1995/96 winter season.
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Resolution 96-14 IT Service Bidding

The IT Toll Schedule will be amended to change the criteria for the determination of a successful IT
bid to the basis of the maximization of financial benefit to the system. For the 1996 test-year, the
ceiling for bids east of the Manitoba Delivery Area ("MDA") will be at the 50% load factor of the
Philipsburg toll. The ceiling for bids from Empress to and including all of the MDA and south to
Emerson ("the West") will be at the 50% load factor level of the Philipsburg toll less the East/West
Differential. The IT Service Bidding floors will remain at the 200% load factor level for each
domestic toll zone and export point. Nominations are to be evaluated on a maximum net revenue
basis. The East/West Differential will be added to each bid from the West for the purpose of
assessing financial benefit to the system.

Resolution 96-15 Appropriateness of Basing Other Tolls on the FST Downstream Differential

As a result of the approval of the "suite of services” approach in RH-3-94, there is no longer the
identification of an upstream and downstream component of the FST Differential. Consequently, the
derivation of certain tolls (i.e. PS, WFS and TWS) which previously relied upon the specification of a
downstream differential were required to be changed for 1996. This Resolution is intended only as a
temporary measure pending potential resolution by the 1997 Tolls Task Force.

Resolution 96-16 General Terms and Conditions Update

Amendments to various sections of TransCanada’s GTC will be made to reflect several new services
approved in RH-3-94: Long-term Winter Firm Service (LT-WFS), Enhanced Capacity Release Service
(ECR) and Firm Backhaul Transportation Service.

Resolution 96-17 Tariff Update re: "TransCend"
Amendments to the GTC will be made to remove all references to the word "TransCend".
Resolution 96-18 Tariff Amendment - Billings and Payments

Amendments to the GTC will be made so that the billing date for all shippers will be the 10th of each
month and the invoice payment date will be the 20th of each month. All export customers will
continue to pay on the 25th of each month until expiration of each shipper’s export contract. The
payvment date for all renewals and new export contracts will reflect a payment date of the 20th of the
month.
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Resolution 96-19 Diversion Policy Adjustment

The GTC, Section XV - "IMPAIRED DELIVERIES" will be amended to give the diversion of gas
away from firm contractual delivery points, which are downstream of the system restriction, priority
over the diversion of gas away from firm contractual delivery points which are not downstream of the
system restriction.

Resolution 96-20 Single Handshakes

Single Handshakes will be incorporated into TransCanada’s Transportation Tariff to provide shippers
and gas suppliers assurances of service. This will also enable TransCanada to avoid operational
imbalances in excess of a certain level by nominating against Handshake Account Holders where
parties have not honoured their Handshake arrangements.

Resolution 96-21 Tariff Update re: "ISW-1"
The GTC, Section XVI - "DETERMINATION OF DAILY DELIVERIES" will be amended to update

references to "ISW-1" to read "Maximum IT Toll between those two points or areas... " to reflect the
removal of the IT tiers.
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ORDER TGI-3-95

IN THE MATTER OF the National Energy Board Act
("the Act") and the Regulations made thereunder; and

IN THE MATTER OF a request dated 6 December 1995
by TransCanada PipeLines Limited ("TransCanada")
requesting the Board to issue an Order establishing interim
tolls effective 1 January 1996.

BEFORE the Board on 21 December 1995.

WHEREAS the Board has received a request from TransCanada, dated 6 December 1995, pursuant to
Sections 19(2), 59 and 64 of the National Energy Board Act, for an Order establishing interim tolls
effective 1 January 1996;

IT IS ORDERED, Pursuant to Sections 19(2), 59 and 64 of the Act that:

1. Effective 1 January 1996, TransCanada’s current interim tolls pursuant to TGI-1-95 shall be
revised by Order TGI-3-95 to reflect the approval of the proposed "suite of services" as set out
in the Phase 1 Decision for RH-2-95 as well as the change in TransCanada’s approved rate of
return on common equity in accordance with the Board’s letter dated 6 December 1995; and

S

TransCanada is directed to file with the Board and serve copies on parties to RH-2-95 and its
shippers forthwith all schedules and resulting tolls reflecting this decision.

NATIONAL ENERGY BOARD

(signed by)

J.S. Richardson
Secretary
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Chapter 4

Incentive Cost Recovery &
Revenue Sharing Settlement

TransCanada PipeLines Limited
Incentive Cost Recovery and Revenue Sharing Settlement

Articlel Introduction

1.1 TransCanada PipeLines Limited ("TCPL") and its stakeholders, as represented by the Tolls
Task Force, (collectively "the Parties") propose the implementation of this Incentive Cost
Recovery and Revenue Sharing Settlement which will be applied to determine the Net
Revenue Requirement utilized by TCPL in the calculation of tolls for the transportation of
natural gas on the TCPL system, in accordance with the toll methodology and pursuant to

the TCPL Transportation Tariff approved from time to time by the National Energy Board
("NEB").

1.2 The primary objectives of this Settlement are the following:

i) to more closely align the interests of the Parties by providing a framework which

encourages efficiency gains, cost minimization and maximization of system
utilization;

it) to provide for the lowest possible costs and the highest possible throughput without
compromising pipeline efficiency and reliability or adversely impacting safety or the
* environment;

iii)  to result in tolls to shippers that will be lower than they otherwise would have been
if determined under traditional cost of service regulation;

iv)  to maintain or improve the historic high level of service quality of the TCPL
system;

v) to maintain or improve the financial integrity of TCPL;

vi)  to preserve firm shippers’ flexibility and ability to fully utilize their transportation
contracts. The service attributes of FT service such as diversions, single
handshakes, assignments, capacity release and enhanced capacity release, each
reflecting their current Transportation Tariff and TCPL policy provisions, will be
maintained or enhanced, subject to possible change by the Tolls Task Force and the
NEB; and

vii)  to provide for the active management by TCPL of its foreign exchange and debt
management programs in order to minimize costs.
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.3 This Settlement shall apply only to the mainline business of TCPL which is subject to the
jurisdiction of the NEB.

1.4 The Parties enter into this Settlement with the understanding that no single component of
the Settlement is to be construed as representing the position of either TCPL or any
stakeholder on the appropriate result that would be obtained in the absence of the
Settlement. The Parties intend this Settlement to be viewed as a whole, and that there
should be no prejudice to the positions of TCPL or any stakeholder in the future. No
element of the Settlement should be considered as acceptable to either TCPL or any

stakeholder in isolation from all other aspects of the Settlement. All elements of the
Settlement are inextricably linked.

1.5 The Parties intend that the Settlement be applicable solely to TCPL and will have no
application to, or form a precedent for, TCPL beyond the term of this Settlement.

1.6  The Parties agree that if this Settlement is not approved in its entirety by the NEB, or if it
is subsequently materially varied by an NEB Order, the Settlement will terminate.

1.7 The Parties acknowledge that the NEB has exclusive jurisdiction over the establishment of

TCPL's tolls and that any matters respecting the derivation of tolls under this Settlement
shall be determined by the NEB.

1.8 Furthermore, the Parties contemplate that the NEB will play the following role regarding
the implementation of this Settlement and the resulting calculation of TCPL tolls:

1) review and approve the reasonableness of the forecast of items covered in the
Flow-Through Cost Envelope;

1) adjudicate all disputes which arise out of this Settlement and which cannot be
resolved amongst the Parties in accordance with the terms of this Settlement;

iii)  be the arbiter of matters involving additions or changes to Rate Base, except to the
extent it is affected by a Capital Efficiency Mechanism;

iv)  review and adjudicate on the disposition of Flow-Through Deferral Accounts

pursuant to Section 8.5 and rule on any complaints filed in connection with such
matter; and ' '

v)  generally fulfil its mandate as required under the National Energy Board Act.

1.9  The Parties intend this Settlement to be interpreted and applied in good faith and in a
manner consistent with the spirit of the primary objectives set out in Section 1.2.

Article 2 Definitions
2.1 In this Settlement the following terms have the meanings set out below:
(1)  Actual Debt Portfolio means TCPL's debt portfolio comprised of funded debt as at

31 December, 1995 and as amended from time to time to reflect fluctuations in
TCPL’s debt position.
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(3)

(H

5)

6

)

(®)

&)

(10

(1)

Base Discretionary Miscellaneous Revenue means the annual benchmark revenue
level for Discretionary Miscellaneous Revenue to be applied in the sharing
mechanisms discussed in Article 15.

Capital Efficiency Mechanism means that mechanism referred to in Article 11.

Carrying Charges means the carrying charges that will be applied monthly to the
average of the month’s opening and closing balances in each deferral account at a
monthly rate equivalent to i) in the case of deferral account balances related to the
Interest Rate Management Program and the Foreign Exchange Management
Program, the monthly average of the one month bankers acceptance rate for the
month immediately preceding the current month, as reported by Reuters Information
Services, page CDOR, plus applicable stamping fees, and ii) in the case of balances
in all other deferral accounts, one-twelfth of TCPL’s annual Rate of Return on Rate
Base. Carrying Charges will apply to all Flow-Through Deferral Accounts and all
Incentive Based Deferral Accounts.

Cash Flow means the net of all monies received and paid in each Test Year of this
Settlement in respect of current Test Year hedge transactions under the Interest Rate
Management Program. For greater certainty, monies received or paid in a Test
Year in respect of future years shall be amortized over the term of the underlying
hedge instrument.

Cost of Service means the annual owning and operating costs of the TCPL pipeline
system. '

Depreciation Expense means the product obtained by multiplying the depreciation
rates for the TCPL system in effect at 31 December, 1995, by the actual balance of
gross plant included in Rate Base.

Discretionary Miscellaneous Revenue means revenue calculated from the Imputed
Fixed Cost component of the applicable toll for all new and existing services not
included within the definitions of Firm Service Revenue and Non-Discretionary
Miscellaneous Revenue. Discretionary Miscellaneous Revenue will include, but is
not limited to, revenue from downstream diversions, STFT service, FBT service,
ECR service, TWS, PS, IT service, IT Backhaul service, WFS, FT overrun and STS
overrun.

FERC means the Federal Energy Regulatory Commission of the United States of
America.

FT, FST, LT-WFS, STS, STFT, TWS, PS, IT, IT Backhaul, FBT and ECR
have the meanings ascribed to such terms in the TCPL Transportation Tariff, as it
may be amended from time to time (see Schedule 2.1).

Fixed Cost Allocation Units means the measurement units associated with the
forecast of fixed volume and fixed volume distance for all firm transportation
services not afforded by-product treatment for the Test Year.
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